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ABSTRACT 

The concentration of atmospheric C02 has increased from 280 ppmv in 

1860 to 350 ppmv in 1992. If greenhouse gas concentrations continue to 

increase, some scientists suggest that the end result could be a global mean 

temperature increase of 1.5 to 4.5 °C over the next century. This could 

dramatically affect climate and weather patterns along with the economic and 

living conditions of the world's population. 

This report will examine the technical and economic aspects of numerous 

greenhouse gas reduction measures available today to the upstream petroleum 

industry. Several novel approaches to large-scale reductions will also be 

examined. Using this data, along with an analysis of the upstream petroleum 

industry's past greenhouse gas performance, a methodology for estimating 

achievable greenhouse gas reductions is presented. Using this methodology, 

individual companies may estimate their future greenhouse gas emissions based 

on their own greenhouse gas reduction strategy and capital investment plans. 
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ABBREVIATIONS AND DEFINITIONS 

C02E: carbon dioxide equivalent. Includes methane emissions and nitrous 

oxide emissions converted to equivalent masses of CO2 using global 

warming potential factors ( which are 21 for methane and 310 for nitrous 

oxide). 

CFCs: chlorofluorocarbons 

COP3: third conference of the parties 

CAPP: Canadian Association of Petroleum Producers 

DEA: diethanolamine 

EPA: Environmental Protection Agency (of the United States) 

Fugitive emissions: gas losses from pipe and equipment fittings and other non-

stack sources. 

FWKO: free water knockout. A process vessel used to separate water from 

hydrocarbon production. 

gal: U.S. gallon 

GDP: gross domestic product 

GHG: greenhouse gas 

GWP: global warming potential factor. A factor used to convert masses of 

different greenhouse gases to an equivalent mass of C02, based on 

relative rank of contribution to climate change. See Table A1. 

HFC: hydrofluorocarbon 

HFS: sulfur hexafluoride 

IPIECA: International Petroleum Industry Environmental Conservation Association 

IPPC: Intergovernmental Panel on Climate Change 

HHV: higher heating value. For natural gas this is 37.4 GJ/103 m3 and for flared gas 

this is 46 GJ/103 m3 (CAPP average value). 

hp: horsepower 

IRC: investment reduction cost. Calculated by dividing the capital investment 

cost by yearly reductions of C02E mass. The units are $/tonne C02E/yr 

LDAR: leak detection and repair. A field inspection procedure to locate fugitive 

gas losses from pipe fittings and equipment. 
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l/h: litre per hour (flowrate) 

m: metre 

m3OE: cubic metre oil equivalent. All hydrocarbon products may be converted 

to an equivalent volume of light oil based on that product's heating value 

(compared to light oil). See Table 2.3.3. 

MCF: 1000 cubic feet 

MEG: monoethylene glycol 

MMBtu: million BTU 

Mtonne: Mega tonne or 106 tonnes (109 kg) 

MWh: Mega watt hour (or 106 watt hours) 

NPV: net present value. An economic analysis term. Future costs and 

revenues are converted to present value based on the value of money 

(interest rate of return). 

NOAA: National Oceanic and Atmospheric Administration 

OECD: Organization for Economic Cooperation and Development 

PCI: production carbon intensity 

PEI: production energy intensity 

PEN: production energy intensity index 

PFC: perfluorocarbon 

ppmv: parts per million based on volume 

PRV: pressure relief valve 

scf: standard cubic foot. A gas volume adjusted to standard pressure and 

temperature conditions (i.e.: 14.69 psi and 60°F). 

scfm: standard cubic feet per minute 

sm3: standard cubic metre. A gas volume which is adjusted to standard 

pressure and temperature conditions (i.e.: 101.3 kPa and 15°C). 

stp: standard temperature and pressure (15°C and 101.3 kPa) 

TEG: triethylene glycol 

tonne: metric tonne (1000 kg) 

VOC: volatile organic compound 

VFD: variable frequency drive (or variable speed electric motor) 

VRU: vapour recovery unit 

UNCED: United Nations Conference on Environment and Development 

X 



yr: year 

p: density in kg / m 



CHAPTER 1 

INTRODUCTION 

In a conventional greenhouse, glass allows sunlight in but prevents some 

infra-red radiation from escaping thereby causing the inside air temperature to 

increase. Atmospheric greenhouse gases, such as water vapour, carbon dioxide 

(C02), ozone (03), methane (CH4), chlorofluorocarbons (CFCs) and nitrous oxide 

(N20) found in the earth's troposphere create a similar effect. When solar 

radiation, in the form of visible sunlight (wavelength of 0.4 to 0.8 um) reaches the 

earth's atmosphere, approximately 42% of this energy is either absorbed by the 

high atmosphere or reflected back by clouds and land, while the remaining 47% 

is absorbed by the earth's surface. The earth's warm surface then radiates 

invisible long wavelength infra-red radiation (4 to 12 jim) back towards the 

atmosphere. Greenhouse gases found in the atmosphere near the earth's 

surface prevent the escape of much of the infra-red radiation to space thereby 

trapping heat and warming the earth's atmosphere [18]. Reference [18] also 

suggests that without greenhouse gases, the earth would have an average 

temperature more than 30°C cooler than today. 

Many scientists believe that increasing concentrations of greenhouse 

gases could intensify the greenhouse effect, leading to higher temperatures and 

associated climatic changes. Carbon dioxide is the greatest contributor to the 

greenhouse effect, contributing 55 percent to the total radiative force. Methane 

contributes 15 percent, CFCs 24 percent and nitrous oxide 6 percent [18]. 

Concentrations of carbon dioxide have increased to 350 ppmv in 1992, from the 

1860 pre-industrial level of 280 ppmv. Similarly, the concentrations of methane 

have increased from 0.79 to 1.72 ppmv [19]. Current yearly increases of CO2 and 

methane are 0.5 and 0.9 percent, respectively [18]. Since methane is considered 

to have a GWP factor of 21 times higher than carbon dioxide [19], reducing its 
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release into the atmosphere should be a high priority for the upstream petroleum 

industry. 

Although greenhouse gas concentrations in the troposphere have indeed 

increased, their effects on the earth's climate are still being debated. Numerous 

agencies worldwide including the Intergovernmental Panel on Climate Change 

(IPCC) and the US National Research Council have run energy balance models 

for climate. Results of this work predict, that at the current rate of increase, 

greenhouse gas concentrations may double over the next century, thereby 

leading to a global mean temperature rise of 1.5 to 4.5°C and a sea level rise of 

70 cm [18]. However, other scientists argue that these predictions are too 

extreme and that there is no evidence that such drastic changes will occur. For 

example, the National Oceanic and Atmospheric Administration (NOAA) detected 

an average ground temperature rise of 0.5°C in the Northern Hemisphere from 

1890 to 1945. However, it also detected a temperature drop of 0.3°C from 1945 

to 1970 [31]. A further study of the link between greenhouse gas concentrations 

and global mean temperatures based on historic data is necessary before any 

definite conclusions can be drawn. 

Along with increased greenhouse gas emissions, another result of the 

industrial revolution is the increase of particulate emissions. Particulate 

emissions tend to block incoming solar radiation, resulting in lower average 

atmospheric temperatures. In fact the NOAA has reported a 1.3 percent 

decrease in the amount of sunshine reaching the ground in the continental United 

States between 1964 and 1972 [31]. This could be an explanation for the ground 

temperature drops measured from 1945 to 1970. With the current focus on 

limiting particulate emissions in developed countries, greenhouse gas reductions 

may become even more necessary. 

Canada accounts for approximately only 2 percent of global emissions 

while it has 0.56 percent of the world's population [21]. In 1995, global emissions 
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of C02 were 6.05 x 109 metric tonnes (or 6.05 x 1012 kg) of carbon [6]. Based on 

the current rate of increase, Canada's CO2 emissions in 2020 are projected to be 

662 x 106 tonnes or 181 x 106 tonnes carbon [22]. The total greenhouse gas 

emissions for Canada in 2020 are projected to be 845 Mtonnes C02E. During the 

next century, developing countries will become the major source of global C02 

emissions, due to the expansion of their economies and increased use of fossil 

fuels [18]. Therefore, in order to achieve success in stabilizing atmospheric 

concentrations of greenhouse gases, developing countries must also be engaged 

in the reduction effort. 

In June of 1992, the Canadian government committed to stabilizing 

greenhouse gas emissions at 1990 levels by the year 2000 by signing the United 

Nations Framework Convention on Climate Change. This agreement was the 

result of the Conference on Environment and Development (UNCED) in Rio de 

Janeiro. In August of 1997, it was estimated that Canada's emissions levels 

would be approximately 8 percent above 1990 levels by the year 2000. Due to 

this shortfall and the current political concern over possible detrimental economic 

effects of climate change, the Canadian government agreed to a 6 percent 

reduction from 1990 levels by the years 2008 to 2012. This commitment was 

made at the third Conference of the Parties (COP-3) held in Kyoto, Japan, on 

December 11, 1997. This is a significant commitment given that Canada's 

greenhouse gas emissions in 2010 are currently projected to be approximately 27 

percent higher than 1990 levels [22]. As 80 percent of man-made greenhouse 

gas emissions in Canada are attributed to the production and combustion of 

carbon based fuels such as coal, natural gas, automotive fuel and fuel oil, any 

significant reductions will ultimately have an effect on the production levels of 

carbon based fuels in Canada. Prior to the Kyoto agreement, the National 

Energy Board of Canada had forecast crude and natural gas production to 

increase by 30 percent and 50 percent respectively, over 1990 levels by the year 

2000 [2]. This projection in growth seems conservative as current data shows 

1999 production to be already 48 percent higher than 1990 totals, [data collected 
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from the Department of Energy for British Columbia, Alberta and Saskatchewan]. 

The total upstream oil and gas production for 1999 was approximately 341 x 106 

m3 OE (oil equivalent). This compares to the 1990 production volume of 229 x 

106 m 3 OE. 

The production and use of energy accounts for approximately 89% of 

Canada's anthropogenic greenhouse gases. The Canadian upstream oil and gas 

sector produced 76 x 106 tonnes CO2E or 12.2% of Canada's total greenhouse 

gases in 1995. Since the upstream oil and gas sector produces a significant 

portion of Canada's greenhouse gases, it is important that it is actively engaged in 

greenhouse gas reductions. 

If the Canadian government imposes its 6 percent greenhouse gas 

reduction target on individual industrial sectors, the upstream petroleum industry 

will have to make significant reductions in its greenhouse gas emissions to avoid 

costly measures such as reducing production volumes by up to 50 % by 2005 

(from 1999 levels). Such a decrease in production levels would have severe 

economic consequences for both the industry and the Canadian economy. 

By implementing emission reduction measures that are both technically 

and economically feasible, these detrimental economic consequences can be 

avoided. 
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CHAPTER 2 

GREENHOUSE GAS EMISSIONS SINCE 1990 

The year 1990 is of significance as this is the base year with which future 

greenhouse gas emissions are compared. The Canadian government has 

currently committed to reduce greenhouse gas emissions to 6 percent below 

1990 levels by the years 2008 to 2012. 

2.1 International Emissions of Greenhouse Gases Since 1990 

To gain a perspective of Canada's greenhouse gas emissions with respect 

to other countries, an overview of international greenhouse gas emissions will be 

discussed. Since 1900, the world's population has tripled, the global economy 

has grown twenty-fold and the consumption of fossil fuels has increased thirty-

fold [21]. Therefore, it is clear that greenhouse gas reductions must be 

addressed on a world-wide scale in order to achieve any significant progress. On 

a per capita basis, Canada produced approximately 4.25 tonnes of C 0 2 per 

person in 1990 from fossil fuel combustion [20]. This ranks Canada as the third 

highest per capita producer of CO2 in the world as shown in Figure 2.1.1. Figure 

2.1.2 shows total CO2 emissions from the top 20 emitting countries worldwide. 

Approximately 80 % of Canada's greenhouse gases are related to the production 

and use of energy. Contributing factors to Canada's high per capita emissions 

include: its large geographical size, its cold climate, the importance of energy to 

its economy and trade, a more energy intensive resource based industry and its 

high standard of living. 
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As the economies of developing countries expand, so will their output of 

greenhouse gases related to energy consumption. Developed or mature 

economies on the other hand will realize a stabilization or reduction in emissions 

growth (provided their economies do not expand more than the projected rate). 

Table 2.1.1 shows that North America is projected to experience an annual C 0 2 

emissions growth of 0.9 percent from 1995 to 2005. Canada's CO2 emissions 

have actually increased by an annual average 1.7% from 1990 to 1995 [22]. On 

the other hand, total non-OECD (Organization for Economic Cooperation and 

Development) countries are projected to experience an increase in CO2 emissions 

annual growth in the period 1995 to 2005 of 2.9 percent [19]. 

Table 2.1.1: Projected Growth of C0 2 on a Global Basis [19] 

Percentage of growth by region (percent by year): 

North America 
OECD Europe 
OECD Pacific 
OECD Total 
E. European economies2 

Less advanced countries 
Total non-OECD 
World Total 

Percentage of share of C02 emissions by region: 
1988 

North America 25.1 
OECD Europe 14.5 
OECD Pacific 5.8 
OECD Total 45.4 
E. European economies2 23.5 
Less advanced countries 31.0 
Total non-OECD 54.5 

Percentage of share of world C02 emissions by fuel source 
1988 

Coal 36.5 
Other solid fueh 7.6 
Petroleum 40.2 
Natural gas 15.7 
1 Mostly noncommercial fuel. 
2 Includes former Soviet Union. 

1988-95 1995-05 

1.2 0.9 
1.3 1.3 
3.0 1.8 
1.5 1.2 
1.6 1.8 
3.7 3.5 
2.8 2.9 
2.2 2.2 

1995 2005 
23.4 20.7 
13.7 12.5 
6.1 5.9 
43.2 39.2 

22.5 21.8 
34.3 39.0 
56.8 60.8 

rce: 

1995 2005 

35.6 37.4 
6.7 5.6 
40.2 36.8 

17.5 20.2 
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On a total emissions basis, worldwide emissions of C 0 2 (as carbon) have 

reached 6.25 x 109 metric tonnes carbon (or 6.25 x 1012 kg) in 1996 [6]. This 

represents an increase of 2.8% over 1995 levels, the largest yearly increase since 

1988. In 1996, the United States accounted for 23 % of the world's emissions 

followed by China (14%) and Japan (5%). In terms of C 0 2 emissions per square 

kilometre the results are: 153.6 tonnes carbon/km2 for the U.S., 91.5 tonnes 

carbon/km2 for China, 553 tonnes C/km2 for Japan and 13.5 tonnes C/km2 for 

Canada. As stated earlier, if carbon emissions of developing countries are 

allowed to increase without controls, they are expected to outstrip those of 

industrialized countries. As a result, China will surpass the United States in 

carbon emissions by 2015 and will contribute 19% of worldwide emissions. In the 

absence of any energy or emissions reduction initiatives, total carbon emissions 

from developing countries will comprise 44% of the world's emissions by 2015 [6]. 

Developing nations include countries such as: China; Korea; Brazil; India; Mexico 

and South Africa. Figures 2.1.3 and 2.1.4 show projections of total worldwide 

emissions and emissions from developed vs. developing nations respectively. 

7000 
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I 4000 
C 

o 3000 

S 2000 

1000 
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1! 

Figure 2.1.3: Worldwide C02 Emissions (as Carbon) [6] 

50 2000 



9 

3000 

2500 

J 2000 

! 
c 1500 
o 
4 ^ 

o 

I 1000 

500 

0 
1950 1960 1970 1980 1990 2000 

Figure 2.1.4: C02 Emissions (as Carbon) for Developed vs. Developing Nations [6] 

As a result of the Kyoto Conference of the Parties held December 11, 

1997, Canada and 159 other nations agreed to the adoption of a legally binding 

protocol under which developed countries would reduce their net collective 

greenhouse gas emissions by an average of 5.2 percent (relative to 1990 

emission levels) between 2008 and 2012 [30]. Although the level of greenhouse 

gas emission reduction varies among countries, all commitments are based on an 

equivalency of effort. Table 2.1.2 summarizes the commitments made. The 

Kyoto agreement will become binding following ratification by at least 55 

countries, accounting for at least 55% of the 1990 C 0 2 emissions of industrialized 

countries [30], Since the United States accounts for 38% of the total 

industrialized country emissions, its ratification is essential to the agreement 

coming into force. To-date, neither the United States nor Canada have ratified 

the agreement. If a binding agreement is not put into place, major reductions in 

industrial greenhouse gas emissions will likely not be achieved since corporations 

will resist making major capital investments for greenhouse gas reduction 

projects. 

J L 
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Table 2.1.2: Greenhouse Gas Commitments Made at the Kyoto Conference, 
Dec. 11, 1997[30] 

Kyoto Target Country 
+10% Iceland 
+8% Australia 
+1% Norway 
0% New Zealand, Russia, Ukraine 
-6% Canada, Japan, Hungary, Poland 
-7% United States 
-8% EU, Switzerland, Central/E European countries 

2.2 Canadian Emissions of Greenhouse Gases Since 1990 

With the exception of 1991, Canada's greenhouse gas emissions have 

been steadily increasing since 1990. Emissions were 601 x 106 metric tonnes (or 

601 x 109 kg) in 1990 and 653 x 106 tonnes in 1995 [22]. This represents an 

increase of 8.7 percent over 1990 levels. In this same period, the population 

grew by 6.5 percent, representing a per capita increase of about 2 percent. On a 

GDP (gross domestic product) basis, emissions per unit GDP increased by 0.4 

percent. Refer to Table 2.2.1 for Canadian emissions data from 1990 to 1995. 

TabIe 2.2.1: Changes in Canada's Greenhouse Gas Emissions Since 1990 [12] [22] 
Year GHG 

Emissions 
kt C02E 

% 
Change 

from 
1990 

Population 
(000s) 

% 
Change 

from 
1990 

GDP 
(1986 $M) 

°/ 
/o 

Change 
from 
1990 1990 601,000 0.0 27,790.6 0.0 565,000 0.0 

1991 590,000 -1.8 28,119.6 1.2 555,052 -1.8 
1992 610,000 1.5 28,542.2 2.7 559,305 -1.0 
1993 618,000 2.8 28,940.6 4.1 571,722 1.2 
1994 638,000 6.2 29,248.1 5.2 597,936 5.8 

1995 653,000 8.7 29,606.1 6.5 611,300 8.2 
kt CQ2E is kilo tonnes (10 tonnes or 10 kg) CQ2 equivalent 

Canada's emissions can be classified into eight distinct sectors. These are 

power generation, industrial processes, residential, commercial, fossil fuel 

industries, transportation, agroecosystems and wastes. Emissions from these 
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eight sectors are shown in Table 2.2.2. Note that emissions from fossil fuel 

industries include greenhouse gas emissions related to natural gas distribution, oil 

pipelines and upstream oil and gas production. 

Table 2.2.2: G H G Emissions in Canada by Sector, 1990 - 1 9 9 7 in 10 5 tonnes C 0 2 E 
Source 1990 1995 1997 
Power Generation 96 100 112 
Industrial Processes 

Combustion 
Non-combustion 
Non-energy (cement, lime, soda ash) 

Subtotal 

83 
14 
29 
126 

84 
17 
28 
129 

81 
19 
27 
127 

Residential 49 51 54 
Commercial 26 30 31 
Fossil Fuel Industries 

Light crude oil production 
Heavy crude production 
Bitumen production 
Oil sands production and upgrading 
Natural gas production 
Natural gas processing 
Flaring 
Gas Distribution 
Pipelines 

Subtotal 

8 
8 
4 
9 
14 
9 
6 
3 
11 
72 

10 
12 
4 
11 
19 
12 
8 
4 
16 
96 

9 
14 
6 
9 
19 
12 
8 
4 
17 
98 

Transportation 
Automobiles (gasoline) 
Light and medium duty trucks (gasoline) 
Buses and motorcycles (gasoline) 
Farm and off-road (gasoline) 
Light and medium duty diesel trucks 
Heavy duty diesel trucks 
Off-road diesel vehicles 
Other diesel vehicles 
Alternate fuel vehicles 
Domestic Air 
Domestic Rail 
Domestic Marine 

Subtotal 

51 
25 
1 
8 
3 
18 
12 
4 
2 
11 
7 
6 

148 

53 
28 
1 
7 
5 

22 
14 
4 
2 
11 
6 
6 

159 

53 
30 
1 
8 
6 

26 
17 
4 
2 
13 
6 
6 

172 

Agroecosystems 61 63 63 
Wastes / Other 23 25 25 
National Totals 601 653 682 

Approximately 80% of the total greenhouse gas emissions in 1997 were 

attributed to fossil fuel production, transportation, and consumption. On a sector 

basis, power generation accounted for 16%, industrial processes 19%, fossil fuel 

industries 14%, transportation 25%, residential 8%, commercial 5%, agricultural 
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sources 9% and wastes 4% of the total 1997 greenhouse gas emissions. Of the 

total 682 x 106 tonnes of CO2E emissions in 1997, carbon dioxide contributed 520 

x 106 metric tonnes or 76%, methane 13%, nitrous oxide 9%, PFCs 

(perfluorocarbons) 1%, and HFS (sulfur hexafluoride) 1 % [22]. 

In terms of long term growth in greenhouse gas emissions, Figure 2.2.1 

shows Natural Resources Canada's projected emissions by sector to the year 

2020. Transportation is the largest contributor while the fossil fuel industry is 

projected to have the largest growth. The main reason for this large growth is the 

significant increase in oil sands production expected to come onstream by 2010. 

Greenhouse gas emissions for the downstream (or petroleum refining) industry 

are included in the industrial sector category. The total greenhouse gas 

emissions for Canada's downstream petroleum industry were 17.8 x 106 tonnes 

C02E in 1990, 16.1 x 106 tonnes C02E in 1998 and are projected to be 23.3 x 106 

tonnes C02E in 2010 [22]. 
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Figure 2.2.1: Greenhouse Gas Emissions by Sector, 1990 - 2020 [12] 
Note: Upstream petroleum industry emissions are allocated under fossil fuel industries. 

Downstream petroleum industry emissions are included under industrial emissions. 
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Canada's total projected emissions in terms of carbon dioxide (C02), 

methane (CH4) and nitrous oxide (N20) are shown in Figure 2.2.2. 

Figure 2.2.2: Canada's Projected Greenhouse Gas Emissions [22] 

2.3 Canadian Upstream Petroleum Industry Emissions 

The Canadian upstream industry explores for, produces and processes 

crude oil and natural gas throughout Canada. Approximately 81% of Canada's 

liquid hydrocarbons are produced in Alberta, 14% in Saskatchewan and 2% in 

British Columbia. Approximately 83% of Canada's natural gas production comes 

from Alberta, while 12% comes from B.C. and about 4% comes from 

Saskatchewan [3]. 

Since 1990, both natural gas and crude oil production have increased 

greatly in the Canadian upstream oil and gas business. As a result, greenhouse 

gas emissions from the processing of this production has also increased. From 

Figure 2.3.1, it can be seen that from 1990 to 1995, Canadian crude production 
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increased 18%, and natural gas by 50% [3]. In the same period, greenhouse gas 

emissions have increased 29% (for crude production) and 35% (for natural gas 

production) [2]. 

Production 

GHG Emissions 

Crude & 
Syn. oil 

Natural 
Gas Product Type 

Figure 2.3.1: Percent Change Comparison of Oil and Gas Production & GHG 
Emissions 1990 - 1995 [2] 

Although the industry has implemented various programs and initiatives 

that have reduced greenhouse gas emissions by 8.19 million tonnes [4] of CO2E 

in the same period, factors such as increased demand and increased energy 

requirements for production have led to the net increase in emissions. As the oil 

and gas industry in Canada matures, more water is produced with the 

hydrocarbons, more heavy oil replaces conventional light oil production and more 

sour gas replaces sweet gas production. All these factors result in increased 

energy requirements per volume of hydrocarbon produced. 

By the year 2000, total production of oil and gas from the Canadian 

upstream petroleum industry is projected to increase by 15% over the 1996 value 
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and 60% over the 1990 value [4]. Therefore, it is expected that this increase in 

production will also result in an increase in greenhouse gas emissions. Table 

2.3.1 shows changes in Canadian oil and gas production since 1990. 

Table 2 .3 .1 : I Ipstream Oil and Gas Production (in 106m3/year) Since 1990 [3] 
Product 1990 1991 1992 1993 1994 1995 1996 1997 1999 
Light crude oil 51.9 50.0 50.0 52.9 54.4 53.1 51.6 49.1 47.5 
Heavy oil 18.2 19.4 22.0 22.5 23.6 26.5 28.8 32.7 30.6 
Synthetic oil 12.1 13.1 13.7 14.1 15.2 16.2 16.3 16.8 18.8 
Bitumen 7.8 7.1 7.3 7.7 7.8 8.6 9.5 13.8 14.2 
Condensate 0.16 0.18 0.22 0.27 0.31 0.35 0.41 0.5 0.5 
Pentanes plus 6.6 6.9 7.6 8.4 9.3 9.7 10.4 12.5 12.0 
Propane 6.9 6.9 7.9 8.4 8.4 9.4 9.7 8.9 8.9 
Butanes 3.5 3.74 3.9 4.3 4.7 5.3 5.0 4.4 4.7 
Ethane 7.1 7.6 7.3 8.3 9.1 10.0 10.7 10.9 13.1 
Natural Gas x 10J 123.6 132.5 146.1 159.2 170.9 179.8 185.8 189.1 198.9 
Total m3OE 228.6 237.5 255.6 274.4 291.2 305.4 314.3 325.5 334.4 

The year by year change in production mix (as shown in Table 2.3.1) is 

significant as each product requires a different amount of energy usage for its 

production. Table 2.3.2 shows the amount of energy required to produce/process 

a cubic metre of various hydrocarbon products. This energy value is termed the 

PEI or Production Energy Intensity [4]. 

e 2.3.2: Upstream Petroleum Industry Average PEI Values (1995 data 
Process/Product Type Industry Average PEI 

GJ/m3OE 
Sweet natural Gas 1.4 
Sour gas/natural gas 2.2 
Sulphur recovery/natural gas 3.7 
Light oil 2.12 
Conventional heavy oil 1.2 
Thermal heavy oil/diluted bitumen 14.6 
Straddle plant/Natural gas liquids 3.4 
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Table 2.3.3: Oil Equivalent (OE) Conversion Factors (based on heating value) [4] 
Product m3OE Conversion 
Light oil in m'3 1.0 
Heavy crude in mJ 1.075 
Crude bitumen in ma 1.111 
Natural gas in 1,000 m3 0.971 
Liquid Ethane in ma 0.48 
Liquid propane in m'3 0.66 
Liquid butane in m3 0.75 
Liquid condensate C5+ in mJ 0.85 
NGL in ma (gas plant NGL sales) 0.72 
NGL in m6 (straddle plant production) 0.69 
Solid sulphur in tonnes 0.24 

Table 2.3.3 lists the factors for converting different hydrocarbon products 

into an equivalent cubic metre of light oil (based on the higher heating value of 

the hydrocarbon product). 

From Table 2.3.2 it is evident that the production of thermal heavy oil is 6.9 

times more energy intensive per cubic metre than conventional light oil. This is 

an important fact since heavy oil production is expected to increase substantially 

by the year 2010. Figure 2.3.2 shows greenhouse gas emissions from different 

hydrocarbon production from 1990 to 2020 as determined by Natural Resources 

Canada [22]. 

•—Ligh t crude 

•—Heavy & syn. crude 

• —Natural gas 

N— Total 

2000 2005 2020 

Year 

Figure 2.3.2: Canadian Upstream Petroleum GHG Emissions (1990 to 2020) [22] 
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Data shown in Figure 2.3.2 exclude emissions from transport, exploration 

and pipelines but do include emission reduction initiatives taken by the upstream 

industry to-date and currently planned for the future. These reductions are 10 x 

106 tonnes in 2000, 19 x 106 tonnes in 2010 and 20 x 106 tonnes in 2020 [22]. 

Projected year 2010 emissions of 101 x 106 tonnes (or 101 x 109 kg) are 

approximately 75% higher than 1990 emission totals. Since the bulk of upstream 

hydrocarbons are produced in Alberta, greenhouse gas emissions from the 

Canadian upstream industry are heavily concentrated in Alberta. 

Using production data from Table 2.3.1 and emission data from Table 2.2.2, the 

following production carbon intensities (PCI) values have been calculated for the 

upstream petroleum industry: 1990: 0.252 tonnes C02E/m3OE 

1995: 0.248 tonnes C02E/m3OE 

1997: 0.236 tonnes C02E/m3OE 

PCI is production carbon intensity and is a measure of the total amount of 

greenhouse gas emissions produced for every cubic metre of oil equivalent 

production. 

Using a 2000 production value of 60% higher than 1990 [4], and a 

greenhouse gas emission amount of 85.3 x 106 tonnes CO2E, the carbon intensity 

(PCI) would be 0.233 tonnes C02E/m3OE in 2000. Therefore on a per production 

basis, upstream petroleum greenhouse gas emissions are currently expected to 

be approximately 8% lower in 2000 compared to 1990. This shows that the 

upstream petroleum industry has made progress in implementing greenhouse gas 

reduction measures to-date, however, substantial production increases have 

resulted in increased total greenhouse gas emissions. 
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CHAPTER 3 

SOURCES OF UPSTREAM GREENHOUSE GAS EMISSIONS 

To understand the of origin greenhouse gas emissions within the upstream 

petroleum industry, we must first appreciate the processes involved in the 

production of oil and gas. Figure 3.1 shows the processes involved in 

conventional light oil production. These include, gathering of produced fluids from 

the wellhead, separation of the oil/water sediment and transport to market. 

Although Figure 3.1 shows the recovery of gas vapours from process vessels and 

crude storage tanks, many facilities either vent these vapours to atmosphere or 

burn them in flare stacks. Therefore the main sources of greenhouse gases from 

conventional crude production are: methane losses, natural gas combustion (from 

flares and heaters) and electrical consumption. 

LWATER DISCHARGE 

Figure 3.1: Conventional Light Crude Production Processes [1] 
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Thermal heavy oil production in comparison, is much more energy 

intensive. It includes the processes of conventional oil production, along with 

water treatment and high pressure (21 MPa) steam injection. High pressure 

steam is injected downhole to reduce oil viscosity and stimulate production. The 

processes required for thermal heavy oil production are shown in Figure 3.2. The 

major sources of greenhouse gas emissions in thermal heavy oil operations are: 

fuel combustion for steam generation, methane losses from crude oil storage and 

venting of solution gas, and lastly, electrical power consumption. 
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Figure 3.2: Water Treatment For Thermal Heavy Oil Production [32] 
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Figure 3.4: Sour Gas Processing [28] 
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Figure 3.3 shows the processes involved with sweet gas production while 

Figure 3.4 shows the processes involved in sour gas production. The major 

sources of greenhouse gas emissions resulting from natural gas production are: 

fuel combustion for compressor engines and turbines, fuel gas for boilers, natural 

gas flaring, electrical consumption and fugitive methane losses. Since significant 

amounts of C 0 2 are produced with sour gas production, vented C 0 2 can be a 

major greenhouse gas emission from sour gas processing. 

On an industry basis, approximately 55% of upstream petroleum emissions 

originate from combustion and energy usage, 1 1 % from CO2 venting (sour gas 

processing), and 34% from methane losses/venting [22]. On a company basis, 

the sources of greenhouse gas emissions will greatly depend on the type of 

hydrocarbon products produced, age of facilities, and reservoir maturity. For 

example, Petro-Canada, which produces conventional light oil and sweet and 

sour natural gas, has determined that its upstream petroleum greenhouse gas 

emissions originate from the sources shown in Table 3.1. 

Table 3.1: 1996 Petro-Canada Upstream Greenhouse Gas Emission Sources [24] 
Process Percentage 
Combustion: Boilers and heaters 20% 
Combustion: Reciprocating engines 14% 
Combustion: Gas turbines 9.5% 
Combustion: Flaring 4% 
Fugitive emissions (methane losses from piping) 1 % 
Methane losses (Venting, instruments, tankage) 18% 
C 0 2 venting (sour gas processing) 17.5% 
Electrical purchases 16% 

In order to simplify the calculation of greenhouse gas emissions from the 

upstream petroleum industry, the author developed a standard data form for 

CAPP (Canadian Association of Petroleum Producers). This is shown in Form 

3.1. Using Form 3.1, greenhouse gas emissions may be calculated given: the 

energy used, volume of hydrocarbons produced, and sour gas processed. All 

fugitive emission factors used on Form 3.1 are industry average values. 
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Combustion emission factors used on Form 3.1 were obtained from EPA 

AP-42, while electrical emission factors were obtained from provincial electrical 

utility companies and fugitive emission factors for methane losses were obtained 

from field studies sponsored by CAPP. The use of this form has standardized 

greenhouse gas emission calculations throughout the upstream petroleum 

industry. 
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Form 3.1: Calculation of Greenhouse Gas Inventories [5] 
Form GHG - SF Rev. 2 

Company/Facility: 
Prepared by: 

Reporting Year: 
Date: 

l.l 
1.2 
1.3 
1.4 
1.5 
1.6 
1.7 
1.8 
1.9 

1.10 
1.11 

1 Combustion Emissions: 
Line # Description 

(on a gross basis for company operated facilities only) 
Total natural gas burned: 10 m'/yr x 
Total propane liquid burned: 10' m7yr x 
Total diesel fuel burned: 10 m/yr x 
Total flared gas volume3: 1 0 ' m / y r x 
Total electricity purchased in Alberta: MWh/yr x 
Total electricity purchased in B.C.: 
Total electricity purchased in N.E. B.C.:_ 
Total electricity purchased in Sask.: 
Total electricity purchased in Man.: 
Total electricity purchased in Ont.: 

_ M W h / y r x 
_ M W h / y r x 
_MWh/yr x 
_MWh/yr x 

_MWh/yr x 

C02E 
factor 
2.03n 

1,644.0™ 
2,819.0 

2.57 
1.007 
0.04 

1.09 
0.88 

0.011 
0.240 

C02E 
tonnes/yr 

Subtotal (Add Lines 1.1 to 1.10): 

2 Fugitive and other Methane Losses : 
Line # Description 

(on gross thru-put basis for company operated facilities) 
Measured vented gas volumec: 10 m/yr x 
Light oil sales: 103m3/yr x 

2.0 
2.1 
2.2 
2.3 
2.4 
2.5 
2.6 
2.7 
2.8 

Conventional heavy oil sales: 
Thermal recovery heavy oil sales: 
Sweet gas plant sales: 
Sour gas recovery plant sales:. 
Sour gas plant sales: 
Straddle plant NGL sales: 

.10" m/yr x 
10' m'/yr x 

10 m/yr x 
_10" m/yr x 
10' m'/yr x 

103 m3/yr x 

Emission 
Factor 
14.25 
38.0e 

529.4f 

27.8s 

0.0694"1 

0.0576m 

0.0634"1 

1.52m 

C02E 
tonnes/yr 

Subtotal (Add Lines 2.0 to 2.7): 

3 C02 Vented from Sour Gas Processing: 
Line # 

3.1 
3.2 
3.3 
3.4a 
3.4b 

3.4c 
3.5 

Description 
(on a gross basis for company operated facilities) 
Sour gas processed (Plant 1): 
Sour gas processed (Plant 2): 

103mVyrx 1-86 x 
103nv7yrx 1.86 x 

Total C 0 2 in inlet gas stream (Add Lines 3.1 + 3.2): 
Sweet gas sales from sour plant 1: 10 m'/yr x 
Sweet gas sales from sour plant 2: 10 m'/yr x 

CO? injected downhole: 103m3/yr x k x 

Total C 0 2 Vented: Lines 3.3 - (3.4a+b+c): Subtotal 

C0 2 mole 
fraction 

h 

co2 
tonnes/yr 

0.03721 

j 

1.86 

4 Total C02E Emissions: 
Add Lines 1.11 + 2.8 + 3.5= tonnes/yr/ 1000 = ktonnes/yr 
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Notes: (for Form 3.1) [5] 

a Includes flared gas from solution gas burning, process upsets, and well testing. 

Except for line 2.0, listed emission factors include methane emissions from pipe fitting leaks, 
solution gas venting, and instrument venting. 

Do not include production associated with measured methane losses in line 2.1 to 2.7, 
provided measured values include all losses listed under note b above. 

This is the methane content (volume or mole fraction) of the vented gas. 

This factor assumes solution gas venting of 3.2 m / m oil production (with 80% methane 
content by volume) and fugitive emissions from pipe fittings to be 1.5 tonnes CO2E/1000 m' 
oil production. For different conditions use formula in note g below. 

1 This factor assumes casing plus solution gas venting of 37.8 m / m ' oil production (with 98% 
methane content by volume) and fugitive emissions from pipe fittings to be 1.5 tonnes 
CO2E/1000 m oil production. For different conditions use formula in note g below. 

g This factor assumes casing plus solution gas venting of 2.53 m / m oil production (with 73% 
methane content by volume) and fugitive emissions from pipe fittings to be 1.5 tonnes 
CO2E/1000 m3 oil production. For different conditions use the following formula to 
determine a new emission factor: 

[ (SGv + CGv) x MC x 0.6784 kg/m3 x GWP ] + 1.5 where: 

SGv = Solution gas vented in m/m ' oil production 
CGv = Casing gas vented in m/m ' oil production 
MC = Methane content in volume fraction 
GWP = Global Warming potential for methane = 21.0 

Inlet gas C 0 2 content in volume or mole fraction 

Generic pipeline specification for C0 2 . 

' C 0 2 slippage to pipeline sales if different than i above. 

CO? content (volume or mole fraction) of acid gas being injected downhole. 

' Density of CO? (in tonnes/10 V ) at 15°C and 101.3 kPa. 

Average value obtained from "A Detailed Inventory of CH4 and VOC Emissions from 
Upstream Oil and Gas Operations in Canada," by Clearstone Engineering, Dec. 3, 1998. 

Assumes that 50% of total combustion fuel is used for boilers/heaters, 30% for reciprocating 
engines, 19% for turbines and 1% for flares (does not include solution gas flaring). To 
determine a combustion emission factor specific to your operations use the following 
equation: (FFBoiler x 1.91) + (FFTurbine x 1.92) + (FFRecip x 2.29) + (FFFlare x 2.15) 
where FF is Fuel Fraction (of total fuel used). 
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CHAPTER 4 

CURRENT PROGRESS IN REDUCING EMISSIONS 

4.1 Performance Measures 

As the demand for crude and natural gas has been increasing over the 

past years, production levels have increased accordingly. This has resulted in 

increases in energy use and greenhouse gas emissions. Therefore, to identify 

progress in reducing greenhouse gas emissions, production based performance 

measures were developed by the author. The performance measures developed 

were: production carbon intensity (PCI); production energy intensity (PEI); and 

production energy intensity index (PEN) [4]. The definitions of these follow: 

PCI: Production Carbon Intensity. This is a measure of the amount of 

greenhouse gases emitted (in CO2E) when a cubic metre of oil 

equivalent product is produced in the upstream sector. Units are 

tonnes C02E/m3OE. 

PCI = [CO? vented + CO?E combustion + CO?E electrical + CO?E methane losses! 
Sales Output in m OE 

PEI: Production Energy Intensity. This is a measure of the amount of 

energy used to produce a cubic metre of oil equivalent product in 

the upstream sector. 

PEI = [Fuel Burned+Gas Flared+Electricity Purchased in GJ] / [Sales Output in m3OE] 
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PEN: Production Energy Intensity Index. This is a measure of a 

company's energy efficiency performance within the upstream oil 

industry. It is based on the amount of energy used to produce a 

given product compared to the industry average. 

PEII = Company average PEI x 100 
X (Company fraction production sales x Industry average PEI for that prod 

The author has also developed a data input sheet for CAPP to calculate 

PEI, PEII and PCI. These are shown in Form 4.1.1, 4.1.2 and 4.1.3. Industry 

average PEI values are shown in Table 2.3.2 (Section 2.3 of this report). Typical 

ranges for industry PCI values are shown in Table 4.1.1. 

Table 4.1.1: Typical 1995 PCI Ranges for the Upstream Petroleum Industry [4] 
Process/Product Type PCI Range 

tonnes C02E/m3OE 
Sweet natural gas 0.07-0.19 
Sour gas / natural gas 0.15-0.41 
Conventional light oil 0.11 -0.35 
Thermal heavy oil 1.2-1.6 
Straddle plant / NGLs 0.25 - 0.36 

Industry average PCI values have not been determined to-date for CAPP, 

however, average PCI values can be estimated by using the industry average PEI 

values (from Table 2.3.2 of this report) and adding fugitive emissions. Fugitive 

emissions are methane gas losses from leaking valve packings, compressor 

seals, pressure relief valves (vented to atmosphere), pipe connectors, solution 

gas losses, instrument gas losses and process venting. The fugitive emission 

factors used can be found on lines 2.1 to 2.7 of Form 3.1. 
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Form 4.1.1: Calculation of Production Energy Intensity [5] 

Form GHG - PEI 
(Part I) 

Company: _ 
Prepared by: 

.Reporting Year: 

.Date: 

1 Energy Consumption: 
Line # Description 

(on a gross basis for Company operated facilities only) 
Total natural gas burned: 106 m3/yr x 
Total propane liquid burned: 103 m3/yr x 
Total diesel fuel burned: 103 m3/yr x 
Total flared gas volume: 106 m3/yr x 

1.1 
1.2 
1.3 
1.4 
1.5 Total electricity purchased: 

(all provinces facilities operate in) 
_103MWh/yrx 

Energy 
factor 
37.4 
25.4 
38.7 
46.0 
3.6 

GJ/yr 
x103 

1.10 Subtotal 

2 Production Sales: 
Line # Description m3OE 

(on gross thru-put basis for Company operated facilities) Factor 
2.1 Light oil sales: 10 3 m7yrx 1.0 
2.2 Liquid condensate C5+ sales: 103 m7yr x 0.85 
2.3 Conventional heavy oil sales: 103 m3/yr x 1.075 
2.4 Thermal recovery heavy oil sales: 103m3 /yrx 1.111 
2.5 Sweet gas plant sales: 10 6m7yrx 0.971 
2.6 Sour gas recovery plant sales: 106 m7yr x 0.971 
2.7 Sour gas plant sales: 10 6m7yrx 0.971 
2.8 Gas plant NGL sales: 10 3m7yrx 0.720 
2.9 Sraddle plant NGL sales 10 3m7yrx 0.690 

or straddle plant C2 (ethane) sales 103 m7yr x 0.480 
plus straddle plant propane sales 103m3 /yrx 0.660 

2.10 Elemental Sulfur sales: 103 tonnes/yr x 0.240 

m3OE/yr 
x103 

2.11 Subtotal 

3 Calculating PEI: 
Line # Description 

3.1 Total Energy Used (Line 1.10 above) 
3.2 Total Product Sales (Line 2.11 above) 
3.3 PEI = Line 3.1/Line 3.2 

Quantity 

GJ/m3OE 
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Form 4.1.2: Calculation of Production Energy Intensity Index [5] 

Form GHG - PEN 
(Part II) 

4 Calculating PEN: 
Line # Description 

4.1 Industry average light oil energy use: 
4.2 Industry average conv. heavy oil energy use: 
4.3 Industry average thermal heavy oil energy use: 
4.4 Industry average sweet gas plant energy use: 
4.5 Industry average sulfur recovery energy use: 
4.6 Industry avg sour gas pi. (flaring) energy use: 
4.7 Industry average NGL gas plant energy use: 
4.8 Industry avg. straddle plant NGL energy use: 
4.9 Industry avg. elemental sulphur energy use: 
4.10 Total industry average energy use: 

4.11 Actual energy used x 100: 
4.12 Industry average energy use: 
4.13 PEII 

Operat ion 

Line (2.1+2.2) x 2.12 
Line 2.3 x 1.2 

Line 2.4 x 14.6 
Line 2.5 x 1.4 
Line 2.6 x 3.7 
Line 2.7 x 2.2 
Line 2.8 x 3.7 
Line 2.9 x 3.4 
Line 2.10x3.7 

Result 

Add Lines 4.1 to 4.9 above = 

Line 3.1 x 100 
Line 4.10 

Line 4.11 / Line 4.12 
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Form 4.1.3: Calculation of Production Carbon Intensity [5] 

Form GHG - PCI 

Company: 
Prepared by: 

_ Reporting Year: 
.Date: 

1 C02E Inventory Totals: 
Line# 

1.1 
1.2 
1.3 
1.4 

Description 
(on a gross basis for Company operated facilities only) 
Total CO,E combustion emissions: Line 1.10 from Form GHG 

Quantity 
tonnes/yr 

SF: 
Total C02E methane losses: 
Total CO, vented emissions: 

Line 2.9 from Form GHG 
Line 3.5 from Form GHG 

2 Production Sales: 
Line # 

2.1 
2.2 
2.3 
2.4 
2.5 
2.6 
2.7 
2.8 
2.9 

2.10 

2.11 

Description 

(on gross thru-put basis for company operated facilities) 
Light oil sales: 10 m'/yr x 
Liquid condensate C5+ sales: 10 m'/yr x 
Conventional heavy oil sales: 10 m'/yr x 
Thermal recovery heavy oil sales: 103 m'/yr x 
Sweet gas plant sales: 106 nrVyr x 
Sulfur recovery gas plant sales: 10 m'/yr x 
Sour gas plant sales: 106 m3/yr x 
Gas plant NGL sales: 103 m'Vyr x 
Straddle plant NGL sales 

or straddle plant C2 sales 
plus straddle plant C3 sales 

Elemental sulphur sales: 

10 m' /yr x 
.10' m'/yr x 
_ 103 m3/yr x 
103 tonnes/yr x 

Subtotal 

SF: = 
SF: = 

Subtotal = 

m3OE 
Factor 

1.0 

m3OE/yr 
xlO3 

0.85 = 
1.075 = 
1.111 = 
0.971 = 
0.971 = 
0.971 = 
0.720 = 
0.69 = 
0.48 = 
0.66 = 

0.240 = 

al 

3 Calculating PCI: 
Line # Description 

3.1 Total C02E emissions (Line 1.4 above) 
3.2 Total product sales (Line 2.11 above) x 1000 
3.3 PCI = Line 3.1 / Line 3.2 

Quantity 

tonnes C02E/mJOE 
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Example Calculation: 

Estimate Industry average PCI for thermal heavy oil (using average PEI value): 

For thermal heavy oil operations (using underground steam injection), 

typically 95% of energy usage is natural gas and the remainder is purchased 

electricity (from Alberta). Therefore, 

PEUverage x [ X EUj x EFj x CF ] + Fugitive losses 

EU = energy use fraction 

EF = emission factor (see Tables A2 to A6) 

CF = conversion factor 

PCI = 14.6x[ ( 0.95x1.91 x (1/37.4) ) + ( 0.05 x 1.007 x (1/3.6) )]+Fugitive losses 
= 0.91 tonnes C02E/m3OE + Fugitive losses 

Fugitive losses (from line 2.3, Form 3.1) = 0.0278 x (1/1.111) = 0.03 tonnes C02E/m3OE 

Therefore, the PCUerage for thermal heavy oil = 0.94 tonnes C02E/m3OE 

Similarly, industry average PCI values can be calculated for other 

hydrocarbon products such as sweet gas and light oil. These are shown in Table 

4.1.2. 

Table 4.1.2: Calculated Upstream Petroleum Industry Average PCI Values 
(based on average 1 995 PEI values) 

Process/Product Type Electrical Power 
As % of 

Total Energy Used 

Calculated Average PCI 
tonnes C02E/mi OE 

Sweet natural Gas 18% 0.199 
Sour gas/natural gas 6% 0.207 + C02 vented/mJOE 
Sulphur recovery/natural gas 6% 0.297 + C02 vented/mdOE 
Light oil 34% 0.310 
Conventional heavy oil/dilbit 12% 0.586 
Thermal heavy oil/diluted bitumen 5% 0.94 
Straddle plant/Natural gas liquids 2% 0.189 + C02 vented/mJOE 
[Electrical power percentages were obtained from emission reviews of several upstream oil and 
gas companies] 

" v o l average 

Where: 
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By knowing the average amount of greenhouse gas emissions for each 

type of hydrocarbon product produced, future emissions can be estimated more 

accurately based on production forecasts. 

Although the use of production based performance measures such as PEI 

and PCI are useful in demonstrating energy and emissions changes in relation to 

production through-put, they really do not reflect the commitments made by the 

Canadian government in terms of absolute reduction of greenhouse gases. If 

significant greenhouse gas reductions are to be achieved, then the upstream 

petroleum industry must adopt targets for reductions of absolute emissions of 

greenhouse gases. 

Similarly, the use of PEI as an energy efficiency measure is useful to track 

year to year changes in performance, however, it does not really reflect the true 

thermal efficiency of a facility. In order to determine the true thermal efficiency of 

a facility, then the actual heat or mechanical energy produced must be compared 

to the amount of energy actually consumed. This should be done on all 

equipment and processes within the facility. Due to the lack of fuel meters and 

other instrumentation within most facilities, this task would be both onerous and 

expensive. A fundamental change to the design of current facilities would be 

required and a standardized approach to determining facility thermal efficiencies 

would also have to be developed. This is an area that requires more study and 

development. 

In order for the industry to better appreciate the value of energy efficiency, 

the use of a cost-based performance measure would be useful. The average gas 

plant gate price for natural gas in Alberta was $2.45/MCF (1000 cubic feet) in 

1999 [obtained from the Alberta Energy and Utilities Board]. The average gate 

price for 2000 is expected to be at least $4.00/MCF. In metric terms these prices 

are $86.52 per 1,000 m3 ($2.31/GJ) and $141.26 per 1,000 m3 ($3.8/GJ) 

respectively. Average 1999 industrial electrical costs in Alberta were about 
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$40.00 per MWh or $11.11 per GJ. Using these energy costs, the average PEI 

values (from Table 2.3.2) may be converted to costs per cubic metre of 

production. Results are shown in Table 4.1.3. 

Table 4.1.3: Canadian Upstream Petroleum Industry Energy Costs 
(based on 1995 PEI values and 1999 energy costs) 

Process/Product Type Average PEI 
GJ/m3OE 

Electrical Power 
As % of Total 

Energy 

Energy Cost 
$ / barrel OE 

Energy Cost 
$ / m3OE 

Sweet natural Gas 1.4 18% $0.87 $5.45 
Sour qas/natural gas 2.2 6% $0.99 $6.24 
Sulphur recovery/natural qas 3.7 6% $1.67 $10.50 
Light oil 2.12 34% $1.79 $11.24 
Conventional heavy oil 1.2 12% $0.25 $1.60 
Thermal heavy oil/diluted bitumen 14.6 5% $6.38 $40.15 
Straddle plant/Natural qas liquids 3.4 2% $1.34 $8.45 

Using the average energy cost data from Table 4.1.3 and the relative PCI 

values for each product stream (from Table 4.1.1), the cost of CO2 emissions 

from energy use can be calculated. Since PCI includes vented C02 and methane 

losses, the sour gas PCI was reduced by 20%, the conventional oil PCI by 10%, 

the thermal heavy oil PCI by 10% and the straddle plant PCI by 15%. Results are 

shown in Table 4.1.4 below. 

Table 4.1.4: Carbon Costs Based on Typical PCI Values 
Process/Product 
Type 

PCI Range 
tonnes C 0 2 E / m 3 O E 

Energy Cost 
$ / m 3 OE 

Carbon Cost 
$ / tonne C 0 2 E 

Sweet natural gas 0 . 0 7 - 0 . 1 9 $5.45 $28.68 -> $77.86 
Sour gas / natural gas 0 . 1 5 - 0 . 4 1 $10.50 $32.01 -> $87.50 
Convent ional light oil 0.11 - 0 . 3 5 $11.24 $35.68-4 $113.54 

Thermal heavy oil 1 . 2 -1 .6 $40.15 $27.88 -> $37.17 

Straddle plant / NGLs 0 . 2 5 - 0 . 3 6 $8.45 $27.61 -> $39.76 

The upstream petroleum industry has been struggling with assigning a cost 

for C02 emissions (for project evaluation and emission reduction strategy 

purposes) for some time now. Table 4.1.4 suggests that a minimum value in the 

order of $30.00 / tonne C02E would be reasonable (based on 1999 energy costs). 
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4.2 Industry Performance 

The upstream oil and gas industry has been improving energy efficiency in 

recent years. As a result, greenhouse gas emissions on a per cubic metre of 

production basis have decreased. The upstream industry's PEI performance 

since 1990 is shown in Figure 4.2.1. An increase in PEI occurred in 1993 and 

1997 since energy consumption increased at a greater rate than production. 
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Figure 4.2.1: Upstream Petroleum Industry PEI Performance Since 1990 
[Data supplied by CAPP and provincial utility companies] 

As seen in Figure 4.2.1, PEI has improved from 1.75 GJ/m3OE in 1990 to 

1.64 GJ/m3OE in 1999 (a 6% improvement). In this same time period, production 

has increased from 229 x 106 m3OE to 334 x 106 m3OE (a 46% increase). Total 

energy consumption has also increased from 401 x 106 GJ/yr in 1990 to 549 x 

106 GJ/yr in 1999 (a 37% increase). 

Year 2000 production is projected to be approximately 365 x 106 m3OE 

(60% higher than 1990). The year 2000 upstream petroleum industry PEI should 

be about 1.60 GJ/m3OE and total energy usage should be about 584 x 106 GJ. 

In order to achieve stabilization (relative to 1990 emission levels) of upstream 
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petroleum industry greenhouse gases related to energy consumption, a PEI of 

1.10 GJ/m3OE (401 GJ / 365 m3OE) would be required, in 2000. Obviously this 

will not be achieved in the year 2000. In order to achieve this stabilization a 31% 

improvement in energy efficiency is required. This level of reduction will require a 

significant capital investment at all levels within the upstream petroleum industry. 

4.3 Industry Success Stories 

CAPP member companies have reduced greenhouse gas emissions 

through many projects and initiatives that have increased energy efficiency and 

reduced the release of greenhouse gas emissions. A questionnaire was 

distributed to all CAPP member companies to gather information on projects 

implemented to: improving energy efficiency, reducing methane losses, and 

reducing vented C02. Results are shown in Tables 4.3.1,4.3.2, 4.3.3 and 4.3.4. 

Table 4.3.1: Energy Efficiency Projects Implemented to Reduce Flaring [5] 

Project Installed 
Cost 

$k 

Investment 
Reduction 

Cost 
$/tonne C02E/yr 

GHG 
Reduction 

tonnesC02E/yr. 

Energy $ 
Saved 

$k/yr 

Simple 
Payback 

years 

Well testing through production facility. 0 0 75 1.2 0 
Shut-in wells. 0 0 2,264 36.5 0 
Capture flare gas from stabilizer o.h. compressor. 3000 1.42 2,111 37.7 0.1 
Solution gas recovery. 115 15.9 7,200 116 1 
Tie-in of solution gas for sales. 100 16.53 6,050 135.6 1.1 
Capture flare gas for sales 1000 18.02 53,124 1170 1.2 
Install VRU to recover tank vapors. 250 29.64 8,416 180.24 1.9 
Capture flare gas from stabilizer overhead. 20 37.18 538 9.6 2.1 
Install compressor for solution gas recovery. 274 45.9 5,973 96.2 3.14 
Install pigging facilities to eliminate line depressurizing 39.9 966 41 0.7 4.2 
Solution gas recovery on 2 wells. 176.5 81.8 2,157 34.5 4.7 
Tie-in of solution gas for sales. 1100 130 8,450 136 7.8 
Solution gas recovery on 3 oil wells 150 352.11 426 9.6 15.6 
Install plunger lift and time cycle control systems. 200 460 435 9.75 20.5 

Capture flared solution gas. 4500 579.9 7,760 106.4 42.3 
Single well tie-in. Recover solution gas for sales. NA NA 3,752 8167 MA 
Average: $100.44 7.0 
Median: 2.1 
Total: $10,925 108,772 $10,247 
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Table 4.3.2: Energy Efficiency Projects Implemented to Reduce Energy Consumption [5] 

Project Installed 
Cost 

$ k 

Investment 
Reduction 

Cost 

S/tonne C02E/yr 

GHG 
Reduction 

tonnesC02E/yr. 

Energy $ 
Saved 

$k/yr 

Simple 
Payback 

years 

High efficiency forced draft burner on tank heater. NA NA 300 6.73 NA 

Well & FWKO shutdown. 0 0 555 7.3 0 

Shut down line heaters when not required. 0 0 446 6.6 0 

Shut down line heaters in summer. 0 0 762 14.2 0 

Shut down glycol dehydrator in summer. 0 0 2,577 13.9 0 

Install methanol injection to reduce line heater fuel. 111.9 25.96 4,310 94.8 0.43 

Flue 0 2 analyzer added to sulfur plant incinerator. 20 10 2,006 44.6 0.5 

Reduced incinerator stack top temperature. 30 11.62 2,584 57.8 0.52 

Install electronic air/fuel mix controllers on 4 engines. 100 11.76 8,505 190.7 0.52 

Shut down glycol dehydrator (use methanol injection) 8 12.8 624 3 0.7 

Recover process waste heat: piping change. 10 21.19 472 10.6 0.95 

Install reduced hp. pump motors. 100 36.98 37 78.4 1.3 

Modify controls on jet compressor. 200 28.97 6,904 154.8 1.3 

Shutdown 40 hp. compressor. 10 36.76 272 7.9 1.3 

Install waste heat recovery exchangers. 300 31 9,800 219.1 1.4 

Install VFD motors on cooling fans. 200 44.2 4,533 131.4 1.52 

Install electric air/fuel controllers: 9100 hp. 143 35.9 3,970 89 1.6 

Install new technology acid gas incinerator. 200 41.4 4 ,829 108.3 1.85 

Sour gas treating: change DEA to Ucarsol. 100 49.8 2 ,008 54 1.9 

Replace flare tip assembly. 250 45.5 5,519 123.8 2 

Conversion to selective solvent gas sweetening. 500 48.3 10,400 232 2.2 

Install high efficiency electric motors. 22.5 99.13 227 6.6 3.4 

Install recirculating pump to heat stabilizer tank. 8 120.94 66 1.5 5.4 

Insulate stabilizer feed tank 5 139.24 36 0.9 6.2 

Replace pumpjacks with plunger lifts on 4 wells. 150 274 1,035 23.2 6.5 

Electricity cogeneration. 333 333 1,006 38.8 8.6 

Install fuel control systems: pump-off controllers. 250 219.3 1,143 25.6 9.8 

Replace old line heaters. 60 1079.19 56 1.3 48 

Replace old line heaters. 195 1633.55 119 2.7 72.9 
Optimize pumpjack motor sizing & capacitor inst. NA NA 3,003 87.1 NA 
Average: $42.33 6.5 
Median: 1.46 
Total: $3,306 78,104 $1,837 
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Table 4.3.3: Projects Implemented to Reduce Methane Losses [5] 

Project Installed 
Cost 

$k 

Investment 
Reduction 

Cost 
$/tonne C02E/yr 

GHG 
Reduction 

tonnesC02E/yr. 

Energy $ 
Saved 

$k/yr 

Simple 
Payback 

years 
Reduce number of gas operated methanol pumps. 0 0 2,483 7.1 0 
Recover casing gas for engine fuel. 50 wells 50 0.75 66,250 195 1 
Retrofit 150 instrument gas controllers to low bleed. 39 3.71 10,500 31.24 1.25 
Solution gas recovery on 2 wells. 115 4.79 24,000 71.4 1.6 
Change field instruments to non-bleeding. 33.5 16.7 2,000 6 5.6 
Replace instrument gas with instrument air. 5 31.3 160 0.48 10.2 
Install VRU for tanks. Project 1. 22 1.33 16,504 0 NA 
Install VRU for tanks. Project 2. 22 5.97 3,682 0 NA 
Repair well to eliminate casing venting. 250 16611 15 45 Never 
Convert instrument gas to instrument air. 6 17.2 349 1 Never 

Average: $4.31 3.3 
Median: 1.425 
Total: $543 125,943 $357 

Table 4.3.4: Projects Implemented to Reduce C02 Venting [5] 

Project Installed 
Cost 

$ k 

Investment 
Reduction 

Cost 
S/tonne C02E/yr 

GHG 
Reduction 

tonnesC02E/yr. 

Energy $ 
Saved 

$k/yr 

Simple 
Payback 

years 

Acid gas injection: Project 1. 1200 427.77 2,806 0 
Acid gas injection. Project 2. 2684 139 19,300 0 Never 
Acid gas injection. Project 3. 1600 186 8,621 0 2.7 
Acid gas injection, project 4. 4500 134.1 33,560 76.4 Never 
Average: $155.30 
Median 

Total: $9,984 64,287 $76 

Several new terms have been introduced in the preceding tables. These 

are: investment reduction cost (IRC), which is the capital investment cost required 

to reduce C02E emissions by 1 tonne/yr and simple payback, which is the 

number of years required to recover the capital investment cost with energy 

savings. Results of Tables 4.3.1 to 4.3.4 are summarized below in Table 4.3.5. 
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Table 4.3.5: Relative Benefits of Upstream Emission Reduction Projects Implemented 

Project Type Capital 
Investment 

Sk 

Average 
Investment 

Reduction Cost 
$/tonne C02E 

GHG Reduction 
tonnes C02E/yr 

(Total) 

Simple 
Payback 

Years 

Energy: 
Reduced flaring 

$10,925 $100.42 108,772 2.1 (median) 
7.0 (average) 

Energy: 
Reduced consumption 

$3,306 $42.33 78,104 1.5 (median) 
6.5 (average) 

Reduced methane 
losses 

$543 $4.31 125,943 1.4 (median) 
3.3 (average) 

Reduced C02 venting $9,984 $155.30 64,287 N.A. 
Total: $24,758 337,106 

As shown in Table 4.3.5, most projects implemented have a simple 

payback period of 2 years or less. Since a 2 year payback is typical for most 

capital projects undertaken by the upstream petroleum industry, it seems that 

emission reduction projects must compete against development or production 

based projects that offer a higher potential cash flow. For this reason, some sort 

of external incentive is required for the implementation of large scale emission 

reduction projects with long payback and high capital investment. 

Reasons for the high investment in flaring and CO2 venting projects can be 

linked to the Alberta government's recent initiative to reduce flaring volumes of 

acid gas (H2S and CO2) and solution gas (natural gas incidentally produced with 

oil production). 

Another interesting observation from Table 4.3.5 is that methane losses 

reduction projects are the most economic in terms of both quick payback and 

lowest capital cost (on a per tonne C02E basis). Interestingly, the amount of total 

investment in these types of projects is the lowest. This could be due to the fact 

that most projects of these types are associated with facilities that are currently in 

operation and a facility shutdown is required for equipment 

modification/installation. Facility shutdowns are not favoured due to the lost 

production incurred. The author has developed data input sheets for CAPP to 
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calculate the benefits of emission reduction projects. These forms can be 

obtained from CAPP [5]. 

By calculating the C02E Reduction Investment Cost on these data sheets, 

companies can compare the cost of reducing greenhouse gas emissions within 

their operations to purchasing external C02 emission credits. 
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CHAPTER 5 

EMISSION REDUCTIONS USING CURRENT PRACTICES 

As was noted in section 2, upstream oil and gas industry greenhouse gas 

emissions come from the following sources: 

• 55% from combustion and energy usage (electrical and other fuels) 

• 34% from methane losses/venting and 

• 11 % from CO2 venting (from sour gas processing) 

In terms of overall estimated year 2000 greenhouse gas emissions, this 

equals approximately: 

• 46.9 X106 ton nes CO2E from combustion/energy use 

(of which 16% is flaring and 84% is fuel/power usage) [from CAPP] 

• 29.0 X 106 tonnes CO2E from methane losses 

• 9.4X106ton nes from C02 venting. 

In order to predict the potential reductions using existing technologies and 

practices, we may use the following survey and vendor data to assist in our 

estimate: 

• 5% improvement in energy efficiency is possible through improved 

maintenance and operating practices. 

• 10% improvement in energy efficiency is possible through the retrofit of high 

efficiency motors, engines and burners. 

• 60% of methane losses may be prevented through the retrofit of old technology 

(i.e. high bleed gas operated control valves), improved operating practices 

(eliminating well blowdowns), and increased solution gas recovery (through 

tank vapor recovery, etc.). 
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Using this data, and assuming that 30% of all current equipment has been 

retro-fit to-date, the potential greenhouse gas reductions available (using the 

above practices and technologies) are: 

Energy efficiency (maintenance/operating practices): 

46.9 x 0.84 x (1-0.3) x 0.05 = 1.4 X 106 tonnes 

Energy efficiency (high efficiency motors/burners): 

46.9x0.84x0.70x0.10 = 2.8 X 106 tonnes 

Reduction of methane losses through retrofit of existing equipment: 

29.0x0.70x0.6 = 12.2 X 106 tonnes 

Total: 16.4 X106 tonnes C02E 

Therefore the maximum reduction possible using the above low cost, quick 

payback, relatively simple reduction technologies is 16.4 X 106 tonnes C02E (or 

19% of total 2000 emissions). This assumes that there is industry-wide 

participation in reduction activities. Current reality shows this is not the case and 

a more realistic reduction potential is about 10 X 106 tonnes (or 60% 

participation). 

Greenhouse gas emissions from the Canadian upstream petroleum 

industry were approximately 58 X 106 tonnes C02E in 1990. The year 2000 

emissions are estimated to be about 85 X 106 tonnes C02E. Therefore, if 

implemented, the above current practices could reduce year 2000 emissions to 

75 X 106 tonnes C02E/year. These large reductions are unlikely for 2000. 

In short, it can be said that more sophisticated options such as co-

generation and process changes will have to be implemented in order to realize a 

significant reduction in the combustion component of the overall emissions total. 

Although methane loss reduction is both highly economic and effective, it will not 
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be enough to achieve the Kyoto reduction target of 6% below 1990 emission 

levels by the year 2010. Another important factor in this discussion is that large 

emission increases will be realized in 2010 with the start-up of new heavy oil 

facilities. These new heavy oil facilities will most likely incorporate technologies to 

reduce flaring volumes and methane losses. However, the major source of 

greenhouse gas emissions from these new heavy oil facilities will be from the 

combustion of natural gas, followed by the consumption of electrical power. The 

current Natural Resources Canada estimate of greenhouse gas emissions for the 

upstream petroleum industry in 2010 is 101 X 106 tonnes C02E. In order to 

achieve the 6% Kyoto emission reduction target, the year 2010 emissions would 

have to be 55 X 106 tonnes C02E. 

Approximately 28 X 106 m3/year of additional heavy oil and oil sands 

production (from the year 2000 values) is to come on-stream in 2010 [22]. 

According to Natural Resources Canada, by 2010, natural gas production is 

predicted to increase by 20% and light oil production will decrease by 7% [22]. 

Therefore, the year 2010 production should be: 

= 365 +(28 x 1.11) + (200 x 0.20 x 0.971) - (48 x 0.07) 

= 432x106m3OE 

And the year 2010 PCI value to achieve the Kyoto target would be: 

55 / 432 = 0.127 tonnes C02E /m3OE 

Since the projections for year 2000 emission levels are in the order of 85 X 

106 tonnes C02E and production is expected to be 365 X 106 m3OE, the 

predicted year 2000 PCI is: 85 / 365 = 0.233 tonnes C02E /m3OE. 

In order to achieve stabilization of year 1990 greenhouse gas emissions in 

the year 2000, a PCI value of: 58 / 365 = 0.159 tonnes C02E /m3OE would be 

necessary. 
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From Figure 2.3.2 we see that projected greenhouse gas emissions in 

2010 will be 101 X 106 tonnes, therefore the expected industry PCI for 2010 

(without major emission reduction projects) would be: 

101/432 = 0.234 tonnes C02E/m3OE. 

This expected 2010 PCI value of 0.234 tonnes C02E/m3OE is 

approximately 84% higher than the required PCI to achieve the Kyoto target 

(equivalent to 0.127 tonnes C02E/m3OE) and 7% lower than the industry's 1990 

PCI value of 0.252 C02E/m3OE. Therefore, a fundamental change in the method 

of achieving greenhouse gas emission reductions will have to begin soon if the 

Kyoto targets are to be achieved by the year 2010. Figure 5.1 shows the PCI 

values for the "business as usual" case which represents the industry's current 

participation in greenhouse gas reduction and the PCI values required to achieve 

the Kyoto reduction target (as committed to by the government of Canada). 

Although the previous discussion was useful in determining performance 

targets required to achieve the Kyoto commitment of a 6% reduction (in 1990 

emission levels), the question remains: "Are these targets realistic or even 

achievable given the large production increases in 2010 (up 89% from 1990)." 

As stated earlier, year 2000 emissions are expected to be approximately 85 x 106 

tonnes C02E. These emissions may be split in the following categories: 

• 39 x 106 tonnes from fuel and electric power consumption 

• 8 x 106 tonnes from flaring combustion 

• 29 x 106 tonnes from methane losses (fugitive and process losses) 

• 9 x 106 tonnes from C02 venting (from sour gas sweetening). 
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Figure 5.1: Predicted PCI For the Canadian Upstream Petroleum Industry 

According to IPIECA, many energy efficiency studies conclude that the 

implementation of existing technologies can reduce energy use by 20 to 50% [19]. 

Therefore, if the best case scenario is taken, year 2000 emissions from 

combustion can be reduced to 19.5 x 106 tonnes C02E (from 39 x 106 tonnes 

C02E). 

Given the Alberta government's goal of reducing flaring volumes 

significantly, it is expected that reduction targets in the order of 60% will be 

mandated for compliance by 2010. Therefore, flaring emissions should be 

reduced to: 8 x 0.4 = 3.2 x 106 tonnes C02E. 

If methane loss reduction initiatives are implemented throughout the 

industry, a 60% reduction could be achieved resulting in total methane losses to 

be: 29 x 0.4 =11.6 x106 tonnes C02E 

If C 0 2 injection of acid gas (from sour gas sweetening operations) were to 

be implemented more throughout the industry, at least a 50% reduction in C 0 2 
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vented emissions could be achieved. Therefore, the C 0 2 vented emissions would 

be 4.5 x 106 tonnes. 

Provided that all current energy efficiency and methane loss technologies 

were implemented, and negating any affects of increased production, year 2000 

emissions could be reduced to: 19.5 + 3.2 +11.6 + 4.5 = 38.8 x 106 tonnes C02E 

(compared to the predicted 85 x 106 tonnes C02E). 

By 2010, an additional 40 x 106 m3OE of natural gas production is 

expected to come on stream. Assuming this will be sour gas production and 

assuming new technologies will be incorporated into the new facilities, the 

average sour gas PCI could be reduced by 50% (see Table 4.1.1). The new PCI 

would be: 0.41 (tonnes C02E/m3OE) x 0.5 = 0.205 tonnes C02E/m3OE. 

Therefore, the additional greenhouse gas emissions from this increase in natural 

gas production would be: 0.205 x 40 x 106 = 8.2 x 106 tonnes C0 2E. 

Assuming new technologies will also be incorporated into new heavy oil 

facilities coming on stream in 2010, the additional 31 x 106 m3OE of heavy oil 

production will result in the following additional greenhouse gas emissions (see 

Table 4.1.2): 0 . 9 4 x 0 . 5 x 3 1 x 1 0 6 = 14.6 x 106 tonnes C02E. 

Since light oil production is expected to decline by 4 x 106 m3 by 2010, energy 

and emissions will also be reduced. However, since future light oil production will 

have a higher water content, it will take more energy to process and so energy 

efficiency will suffer. For this reason, no emission savings will be counted for the 

reduced light oil production. 

Therefore, using the above results, the expected emissions for the year 2010, 

given an extensive emission reduction policy/strategy (using current energy and 

emission reduction technologies) would be: 38.8 + 8.2 + 14.6 = 61.6 x 106 tonnes 

C02E, at the predicted production level of 432 x 106 m3OE. This falls short of the 
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Kyoto target value of 55 x 106 tonnes C02E. Therefore, to achieve another 6.6 x 

106 tonnes of C02E reductions, C02 venting from sour gas processing would 

have to be essentially eliminated and flaring emissions would have to be reduced 

by 85%. So, although the Kyoto target is technically achievable, the financial 

costs to do so for the upstream petroleum industry would be very high. 

This discussion has also shown that the Natural Resources Canada 

emissions forecast of 101 x 106 tonnes C02E for the year 2010 (for the upstream 

petroleum industry) is too low. As shown, even if future process PCI values were 

reduced by 50%, the expected year 2010 emissions would be: 

85 + 8.2 + 14.6 = 107.8 x 106 tonnes C02E or about 7 Mtonnes higher. 
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CHAPTER 6 

OPPORTUNITIES FOR METHANE REDUCTIONS 

Although there are many different opportunities to reduce greenhouse gas 

emissions in the upstream oil and gas industry, specific details of these 

opportunities are not well known throughout the industry since not all companies 

have the resources or senior management support to address greenhouse gas 

reductions. This and the next section will give specific details for reduction 

opportunities. This information may be used to identify the best opportunities for 

greenhouse gas reductions and to determine the level of reductions possible for 

available investment capital. 

The data used in the following calculations of costs and emission 

reductions were taken from actual case studies completed by the authour for 

various companies in the upstream petroleum industry. Although no two projects 

are identical, the reader may use the procedure shown to determine the feasibility 

or economic benefit of a reduction option with respect to own operations. Since 

the capital investment cost for each reduction option is given in terms of $/tonne 

CO2E reduction, it may be applicable to many other examples, provided the 

scopes of work are similar. The economics shown (i.e. net present value, simple 

payback and energy savings) are dependent on the current price of natural gas 

and electrical power. The reader is advised to use the most current prices 

available. 

Methane reduction opportunities can be placed in the following categories: 

• improved loss detection methods 

• improved operating practices 

• new equipment 
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6.1 Improved Loss Detection Methods 

Initiation a focussed LDAR program (EPA Method 21): 

By incorporating a Leak Detection and Repair (LDAR) program, all leaking 

valves and equipment fittings can be identified and repaired, thereby reducing 

total fugitive emissions. EPA Method 21 describes the procedures for on-site 

measurement of fugitive losses using hand held instrumentation. To reduce the 

cost of an LDAR program, a focussed LDAR can be incorporated. Since 

methane losses from flanges and valves are quite low, it is recommended that 

only flanges and valves in high stress service such as those in compressor 

systems be included in the focussed LDAR program. The reason for this is that 

these valves and flanges tend to leak more often due to high vibration levels. All 

facility compressor seals, PRVs (pressure relief valves), control valves and 

blowdown valves should be included in the focussed LDAR program. 

Fugitive testing should be performed according to procedures outlined in 

EPA method 21 [9]. Using this method, a methane concentration reading is taken 

and EPA correlation curves are then used to determine losses from each fitting in 

terms of kg/hour [9]. Once a leaking fitting is identified, it is then scheduled for 

maintenance and the leak is eliminated. When refineries have used this method, 

it was found that calculated fugitive emissions decreased by at least 50%. 

However, since current maintenance practices only allow compressor seals to be 

changed out during compressor overhauls, emission reductions for compressor 

seal repairs may be delayed depending on the maintenance schedule. Therefore 

if a focussed LDAR is incorporated at a 300,000 x 103 m3/year sweet gas plant 

which has 36 tonnes per year of compressor valve losses, 5 tonnes per year of 

connector losses and 95 tonnes per year of compressor seal losses, the following 

emission savings could be realized: 

0.5 x (36 + 5 + 95) = 68 tonnes ChVyear 

Using EPA method AP-42, calculated fugitive losses from the gas plant are: 
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142 tonnes CH4 from leaking valves (of which 25% or 36 tonnes is from compressor valves) 

0.01 tonnes CH4 from open-ended valves (no blind flanges) 

16.0 tonnes CH4 from flange leaks (of which 30% or 5 tonnes is from compressor connectors) 

95.0 tonnes CH4 from leaking compressor seals 

253.0 tonnes CH4 

Quoted costs (November, 1999) for LDAR testing are $640.00 per day (per 

technician), using EPA Method 21 and a hand held hydrocarbon detection 

instrument (flame ionization detection). It is expected that site monitoring will take 

3 days, preparation of the final report will take 1/2 day and travel time will be one 

day. Therefore the total cost for the above gas plant (focussed LDAR) would be 

approximately $3,200.00. 

Typical results at refineries show that LDAR programs identify 5 to 10% of all 

fittings as leakers. Therefore using a value of 7% the total number of repairs 

would be: = 0.07 x (120 valves + 5 open-ended valves + 265 connectors) 

= 28 repairs (not including compressor seals) 

Using an average valve/fitting repair cost of $300.0 per repair, the total repair cost 

would be: $300.00 x 28 = $8,400.00. 

Assuming that 20% of compressor seals are found to be leakers, then the total 

number of seal repairs (for 4 compressors with 4 seals each) will be: 

= 0.20 x (4 x 4) = 3.2, or 4 seal repairs. 

Using a compressor seal repair cost of $3,500.00 per cylinder, the total cost of 

seal repairs would be: 4 x $3,500 = $14,000 

Using the 1999 Alberta natural gas price of $3.00/GJ, and the Alberta sales gas 

higher heating value of 37.4 GJ/103m3, the fuel savings would be: 

20.0 / 0.6784 (kg/m3) x 37.4 x $3.00/GJ = $3,307.00 (for valve/fittings) 

48.0 / 0.6784 (kg/m3) x 37.4 x $3.00/GJ = $7,773.00 (for compressor seals) 
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Therefore, if on-site sampling is done every 2 years, using a discounted rate of 

return of 10% and a project life of 25 years, we get a project NPV of -$22,900. 

The investment reduction cost (capital cost per tonne CO2E reduced per year) is: 

($3,200 + $8,400 + $14,000) / (68 x 21) = $17.93 / tonne C02E/yr. 

Although each facility has a unique number of fittings, the unit cost of greenhouse 

gas reductions is applicable to most facilities. 

Initiation of a focussed LDAR program (HiFlow sampler method): 

An alternate method of determining methane leakage/losses from pipe and 

equipment (fugitive losses) is through the use of the GRI (Gas Research Institute) 

HiFlow Sampler. This method is different from the EPA 21 method since it 

measures the actual volume of methane gas lost (as opposed to taking a 

concentration reading and using correlation curves). The advantage of this 

method is that a more accurate measure of actual methane losses will be 

obtainable. The disadvantage is that sampling is more labour intensive and 

therefore more expensive, and equipment rental costs are high due to the 

proprietary and exclusive availability of this technology. The HiFlow sampler 

method has been used with success by the natural gas pipeline industry for the 

past 3 years to quantify methane losses from pipeline operations. One big 

advantage of this system (compared to the EPA Method 21), is that large leaks 

are more accurately identified. The quantification of emission losses allows for 

quick verification of greenhouse gas reductions . 

Estimated costs for sampling a gas plant similar to the previous example are: 

Equipment rental and consumables (5 days on-site): $3,500.00 

Travel time and expenses: $3,000.00 

On-site labour costs (2 men for 5 days): $5,600.00 

Report preparation: $1,500.00 

HiFlow Sampler Royalties (5% of project cost): $ 700.00 

$14,300.00 
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Using the same methane emission savings (68 tonnes CHVyear) and the same 

maintenance costs savings ($22,400.00), as the EPA Method 21 example, the 

economics give a project NPV of -$81,500 (sampling done every 2 years) and an 

investment reduction cost of: 

($14,300 + $8,400 + $14,000) / (68 x 21) = $25.70 / tonne C02E/yr 

Therefore, this LDAR program is much more costly in terms of dollars per tonne 

CO2E reduction. 

6.2 Improved Operating Practices 

Flaring of blow down losses at compressor stations: 

There are still some field and pipeline compressor stations in operation 

that have no flare stacks installed and all PRVs (pressure relief valves) and blow 

down valves release to atmosphere. Although these PRVs seldom release due to 

emergency conditions, blow down valves are opened to relieve facility piping 

during scheduled maintenance activities. Therefore, during these maintenance 

activities, a portable flare stack can be rented and methane can be burned as 

opposed to vented to atmosphere. The amount of blow down methane losses will 

vary depending on the size of the facility, its design and the number of 

maintenance shutdowns per year. For our example we will use an average loss 

of 0.18 tonnes (or 265 sm3) CH4 per compressor per shutdown. Therefore using 

an average of 10 shutdowns per year and 2 compressors per site, the average 

losses would be: 0.18 x 2 x 10 = 3.6 tonnes ChVyear. 

The estimated cost of renting a 12.2 m portable flare stack is $1000.00 per day. 

The estimated cost of constructing a portable flare is approximately $12,000. 

Therefore, long term economics are better for purchasing a portable flare stack. 

The reduction in emissions is: 3.6 (tonnes CH4) x 21 = 75.6 tonnes C02E 
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Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of -$12,000.00 and an investment reduction 

cost of $12,000 / 75.6 = $158.73 / tonne C02E/yr 

Reduce glycol circulation rates: 

Many gas plant operators over-circulate TEG (triethylene glycol), which is 

used to remove water from gas streams. In fact, on average, TEG circulation 

rates are 2 to 3 times higher than needed [11]. Some of the reasons operators 

over-circulate TEG are: to ensure pipeline specifications are met, rates are set 

for plant design flowrate not actual flowrates, to minimize operating and 

maintenance time at remote locations, to compensate for TEG contamination, 

and to avoid risk of under-circulation and poor performance. This over-circulation 

is important since TEG also absorbs methane gas in the process (which in turn is 

vented to atmosphere in the glycol reboiler). If a flash tank is installed upstream 

of the reboiler (to recover absorbed methane), then 10% of the absorbed 

methane is vented by the reboiler. If no flash tank is installed, then all the 

absorbed methane is lost in the reboiler. The rate of methane absorption is about 

0.0075 m3 per litre of TEG circulated (using an electric pump) in the TEG 

contactor [1]. For example, with a current glycol circulation rate of 1700 litres/h 

which is a 50% over-circulation, as much as: 

[ 0.0075 x (1700 - (1700 / 1.5)) x 24 x 365 ] =37.2 x 103 m3 of methane releases 

could be reduced (if no flash tank is installed). 

The savings in natural gas are: 37.2 x 37.4 x $3.00/GJ = $4,173.00 /yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $41,240.00 and an investment reduction 

cost of $0.00 / tonne C02E/yr. 

In addition, fuel gas will be also saved when over-circulation is eliminated 

since less glycol will have to be heated/regenerated in the reboiler. Many 
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companies are already reviewing their glycol circulation rates in order to realize 

reductions in energy use and emission releases. 

Reduce stripping gas flow: 

In order to achieve the minimum water dewpoint specification of -4°C 

(25°F) for natural gas in Alberta, some operators use stripping gas in the glycol 

reboiler. By adding dry natural gas to the reboiler to decrease the water content 

of the regenerated glycol, dewpoint depressions of greater than 47 C° may be 

achieved. Where dewpoint depressions of less than 47 C° are required, the 

addition of stripping gas allows the reduction of glycol flowrates for dehydration. 

Since most dehydrators in operation today are vented to atmosphere, it is 

recommended that glycol flowrates be increased and stripping gas be eliminated 

in order to achieve the needed dewpoint depression. It is much less expensive to 

add a flash tank upstream of the reboiler (to capture methane) than to add a 

vapour recovery system to the glycol reboiler vent stack. 

Figures 6.2.1 and 6.2.2 show the relationship between glycol flowrate and 

stripping gas rates [29]. An example will be used to determine the emissions 

savings of eliminating stripping gas in an operation. The example follows. 

With a stripping gas rate of 0.06 sm3/l (or 8 scf/gal) TEG, a 99.5 weight% 

TEG will result (see Figure 6.2.2). With this concentration, Figure 6.2.1 shows 

that a TEG circulation rate of 43.4 l/kg (5.2 gal/lb. water) is required to achieve a 

44.4 C° (80 F°) water dewpoint depression. If the stripping gas is eliminated, then 

a TEG circulation rate of 66.8 l/kg (8 gal TEG/lb. water) is required to achieve a 

44.4C0 water dewpoint depression. If a flash tank is installed upstream of the 

reboiler, and no vapour recovery is present on the reboiler vent, then the 

reduction in methane losses can be calculated. 

If we assume a gas flowrate of 424.8 x 103 m3/day at 37.8 °C and 690 kPa, the 

gas has a water content of 7.2 kg/103 m3, therefore the water rate is: 

7.2 x (424.8 / 24) = 127.4 kg water/h. 
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With no stripping gas, the TEG flowrate would be: 66.8 x 127.4 = 8,510 litres 

TEG/hr, and the methane lost through the reboiler would be: 

[ 0.0075 x 8510 x 24 x 365 ] x 0.1 = 55.8 x 103 m3 ChU/yr. 

With stripping gas, the methane lost in the reboiler will now be calculated. 

The TEG flowrate would be: 43.4 x 127.4 = 5,529 litres TEG/h, and the methane 

lost (from absorption into the glycol) through the reboiler would be: 

[ 0.0075 x 5529 x 24 x 365 ] x 0.1 = 36.3 x 103 m3 ChVyr. 

The methane lost from the stripping operation is: 

0.06 x 5529 x 24 x 365 = 2,903 x 103 m3 CHVyr, therefore the net reduction of 

methane losses in the reboiler (by eliminating stripping gas) would be: 

2,903 + 36.3 - 55.8 = 2,884 x 103 m3 ChU/yr. 

Or: 2884 x 0.6784 x 21 = 41,090 tonnes C02E/yr, 

where: 0.6784 in the density of natural gas in kg/m3 and 21 is the GWP factor for 

methane. 

The energy savings are: 2884 x 37.4 x $3.00/GJ = $323,585.00/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $3,231,000.00 and an investment 

reduction cost of $0.00 / tonne CG^E/yr. This assumes that the existing glycol 

pump and reboiler are large enough to handle the increased glycol flowrate (when 

stripping gas is eliminated). 
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6.3 New Equipment 

Convert gas engine starts to air starts: 

Some isolated compressor stations have no instrument air systems 

available and must use pressurized natural gas to turn and start compressor 

engines. Even some sites with instrument air still use natural gas to start their 

engines. By using air instead of venting natural gas, methane emissions from the 

actual starts are eliminated along with fugitive emissions from the start-up valve 

(similar to a valve open to atmosphere). 

To determine the gas volume required per engine start, the starter 

manufacturer should be contacted for required volumes for each starter model. A 

common engine starter is the Ingersoll Rand starter model IR815. It requires 35.5 

sm3/min at 828 kPa. Typical engine start times range from 5 to 10 seconds 

[Ingersoll Rand]. Therefore, using an 8 second start time, the gas volume per 

start is: 35.5 x ( 8 / 60 ) = 4.7 sm3 natural gas. 

A conservative vessel size for air starts would be 1.5 times the required air 

volume. Since many large compressors have 2 gas starters each, the required air 

vessel volume (at standard pressure and temperature conditions) would be: 

4 .7x2x1.5 = 14.1 sm3(at 101.3kPaand 15°C). 

Using the ideal gas law, 14 m3 at standard conditions becomes 1.6 m3 at 

827 kPa and 15 °C. Therefore the size of the air vessel would be 1.6 m3. Based 

on quotes for similar vessels, this size vessel is estimated to cost $12,000. In 

addition to the cost of the vessel, it is expected that additional piping will be 

required. Using a piping size of 50 mm (2"), and an estimated piping length of 

61m, 10 elbows, 3 valves, and 8 flanges, the expected cost of this piping is an 

additional $6,000. To reduce the risk of fire, air starter vent piping should be kept 

separate from gas vent piping. 
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Using an average number of engine starts of 25 per year, and 2 compressors per 

site, the value of natural gas saved is: 

(9.4 x 2 x 25)/103 x 37.4 x $3.00/GJ = $52.74/year 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of -$17,500 and an investment reduction 

cost of: 

($18,000) / ((9.4 x 2 x 25 /103 ) x 0.6784 x 21) = $2,688.25/tonne C02E/yr. 

Although piping costs will vary between facilities, in terms of capital investment 

per tonne C02E reduced, this is still a very costly option. 

If instrument air is not available at the compressor site, an additional 

$16,000 in capital cost would be required for a instrument air package installation. 

The economics for this case would be even worse than the previous one. 

Installation of instrument air compressors: 

By installing instrument air compressors at the sites where absent, natural 

gas venting from gas operated pneumatic instrumentation can be eliminated. 

Some sites may also have gas samplers and gas-driven chemical injection pumps 

on-site. 

A typical natural gas production site may have the following instruments and 

equipment operated on natural gas: 

• 3 control valves (with a venting rate of 0.8 m3/h) 

• 2 transmitters (with a venting rate of 0.2 m3/h) 

• 1 chemical injection pump (with a venting rate of 0.6 m3/h), therefore, the 

methane losses would be: 

= [(3 x 0.8) + (2 x 0.2) + (1 x 0.6)] x 0.6784 x 0.95 x 24 x 365 

= 19,195 kg CHVyr = 19.2 tonnes CHVyr = 19.2 x 21 = 403.2 tonnes C02E/yr. 
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Where: 0.95 is the methane content (by volume) in the natural gas, 0.6784 is the 

density of methane at 15°C and 101.3 kPa, while the instrument venting losses 

are taken from EPA AP-42 [10]. 

Quotes received on a 31 m3/h instrument air compressor (862 kPa 

discharge pressure) were approximately $10,000. This would be a 3.7 kW model 

skid package complete with dryer and filter. Total installed cost is estimated to be 

$16,000. It is assumed that the site considered has adequate electrical power 

supply for the new compressor. 

By adding an electric driven air compressor, additional greenhouse gas emissions 

from electrical usage will be created. These are are: 

( 3.7 x 8760 /1000 ) x 1.007 (tonnes C02E/MWh) = 32.9 tonnes C02E/yr. 

Where 1.007 is the greenhouse gas emission factor for electricity generated in 

Alberta. 

Therefore, the net reduction in emissions is: 403.2 - 32.9 = 370 tonnes C02E/yr. 

The dollar savings in natural gas would be: 

19.2 / 0.6784 x 37.4 x $3.00/GJ = $3,175.00/yr. 

The additional cost of electrical power (in Alberta) is: 

3.7 (kW) x 24 x 365 x $0.027/kWh = $875.00/yr 

Therefore, the net dollar savings in energy is: 3,175 - 875 = $2,300.00/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $6,960.00 and an investment reduction 

cost of ($16,000)/ (370)= $43.24/ tonne C02E/yr. 
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Installation of low-bleed instrument controllers: 

By installing these to replace the current high or continuous bleed units, 

the amount of methane gas being vented will be substantially reduced. If this 

option is undertaken, then there is no need to also install instrument air 

compressors. This technology has been used in the United States and also in 

Canada. Some Canadian operators complain of sticking or slow acting 

valves/instruments. A trial installation is recommended before any large scale 

changes are made. 

The average cost to replace an existing controller with a low bleed device 

is from $1,000 to $3,000 per unit. For our analysis a cost of $2,000 per controller 

and $1,000 per transmitter will be used. Using 3 controllers and 2 transmitters 

(as in the previous example), the capital cost would be approximately $8,000.00. 

From the previous example, the methane reductions would be: 

= [ (3 x 0.8) + (2 x 0.2) ] x 0.6784 x 0.95 x 24 x 365 

= 15,800 kg ChVyr = 15.8 tonnes CrWyr =15.8x21 =331.8 tonnes C02E/yr. 

The savings in natural gas would be: 

15.8 / 0.6784 x 37.4 x $3.00/GJ = $2,613.00/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $18,060.00 and an investment reduction 

cost of: ($8,000) / (331.8) = $24.11 / tonne C02E/yr. 

Therefore this method of reducing methane venting from gas operated 

instruments is much more economic than adding an air compressor. 
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Replace gas-driven glycol pump to Handfield pump: 

Many field gas facilities still operate a glycol dehydrator with a gas driven 

glycol pump. Typically, these pumps use pressurized natural gas to provide 

motive power and then vent the gas. The vented gas volume is approximately 

200 m3/day. The Handfield pump is a new technology gas driven positive 

displacement pump, which recovers the natural gas normally discharged and so 

has essentially zero emissions. The cost of this new pump is approximately 

$3,600. The total installed cost is approximately $5,000. 

The savings in methane losses are: 

200 x 365 x 0.95 x 0.6784 (kg/m3) = 47,050 kg CHVyr. 

Where 0.95 is the methane content of the natural gas. 

The dollar savings in natural gas would be: 

47.0 / 0.6784 x 37.4 x $3/GJ = $7,773/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $72,600.00 and an investment reduction 

cost of: ($5,000) / (47 x 21) = $5.07 / tonne C02E/yr. 

This is a low cost reduction measure with little technical risk and high success 

probability. 

Installation of rupture disc upstream of all PRVs (open to atmosphere): 

Many compressor stations without flare stacks also have PRVs (pressure 

relief valves) vented to atmosphere. By installing a rupture disc upstream of all 

PRVs open to atmosphere, the PRVs will no longer be considered open to 

atmosphere and the calculated fugitive losses will be much lower. It is assumed 

no piping changes will be required for this option and that the rupture disc can be 

sandwiched between the flanges directly upstream of the PRV. This option is not 

required if an LDAR program is initiated. If the line pressure exceeds the PRV 

setting, the rupture disc will break and continuous gas losses could result if the 
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PRV is not properly seated. Therefore, rupture discs should be replaced as soon 

as possible after breakage. 

The estimated cost of a 100 mm (4") stainless steel teflon coated rupture disc is 

$80, and the installation cost would be $100, for a total cost of approximately 

$200 per PRV. 

The average methane loss is 1.0 tonnes CH4 per PRV [5]. Therefore, the dollar 

savings in gas (per PRV) would be: 

1.0 / 0.6784 x 37.4 x $3/GJ = $165.40/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $1,300.00 and an investment reduction 

cost of: ($200) / (1.0 x 21) = $9.50 / tonne C02E/yr. 

In the long term, implementation of an on-site LDAR program is a better option 

than this. 

Vapor Recovery of Compressor Seal Losses: 

Since fugitive emissions from compressor seals can be significant, it may 

be worthwhile to recover this gas (for sales) if the site has no LDAR program or 

compressor maintenance intervals are lengthy. This measure has not been 

incorporated at any Canadian sites to date. 

The quoted cost for a new 20 m3/h, 690 kPa compressor package to 

recover seal gas is approximately $5,000.00. If intercoolers and specialized 

controls are required, this cost could increase to $8,000. 

Due to the low volumes involved in seal leakage (about 7 m3/h), a vessel 

should be installed upstream of the compressor so that the compressor may cycle 

on and off when the vessel reaches a certain pressure (say 34 to 69 kPa). 

Vapors would be piped from the compressor distance piece and seal housing to 



62 

the inlet collection vessel. When the vessel pressure reaches a pressure of 34 

kPa the compressor is operated until the vessel pressure is reduced to 7 kPa. 

The vapor recovery compressor would compress the gas and discharge it to the 

suction side of the pipeline compressor (operating at about 450 kPa). 

The estimated cost of a 1.2 m diameter x 2.8 m long 345 kPa collection 

vessel is $12,000. The estimated cost of field piping is $5000. The cost of a 

small heated shelter is $3,000 and engineering costs would be $2,000 for a total 

cost of $30,000. Using a 20% contingency this becomes $36,000. 

For a compressor station with 2 compressors (with 4 seals each), the savings in 

gas (due to recovered methane) would be [5]: 

8 (seals) x 0.8049 (kg/h/seal) x 0.70 (weight fraction CH4) x 24 x 365 

= 39,400 kg CrVyr = 39.4 tonnes CHVyr. 

The corresponding dollar value in conserved natural gas is: 

39.4 / 0.6784 x 37.4 x $3/GJ = $6,516.00/yr. 

As seen in the earlier example, a 3.7 kW electric motor uses 32.7 MWh of 

electricity per year which results in 32.9 tonnes C02E/yr and costs $875.00/yr to 

operate (for power costs). Therefore the net emission reduction is: 

( 39.4 x 21 ) - 32.9 = 794.5 tonnes C02E/yr. 

Therefore, the dollar saving in energy are: $6,516 - 875 = $5,641.00/yr 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $29,100.00 and an investment reduction 

cost of: ($36,000) / (795) = $45.28 tonne C02E/yr. 

This technology should only be considered for older facilities where dry gas seals 

are not available and maintenance intervals are lengthy. 
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Use of instrument air instead of gas for chemical pumps: 

If instrument air is used to operate chemical injection pumps instead of 

natural gas, then approximately 3.3 tonnes ChVyear venting per pump could be 

avoided. This example assumes that instrument air is available on-site. 

The estimated cost for re-tubing these pumps would be less than $500. The 

savings in natural gas would be: 3.3 / 0.6784 x 37.4 x 3 = $546.00/yr. 

In terms of C02E reductions this would be: 3.3 x 21 = 69.3 tonnes C02E/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $4,950.00 and an investment reduction 

cost of: $500 / (3.3 x 21) = $7.22 tonne / C02E/yr. 

Installation of a flash vessel upstream of the glycol reboiler: 

Glycol absorption of water is used to remove water from natural gas (to 

meet pipeline water content specifications). To recover the glycol from the 

water/glycol mixture, the rich glycol is sent to a glycol reboiler where water is 

boiled off and any hydrocarbons are liberated from the glycol due to the high 

temperature in the reboiler. Vapour from the glycol reboiler is usually vented to 

atmosphere. The triethylene glycol (TEG) used in this process also absorbs 

methane. The rate of methane absorption is about 0.0075 m3 per litre of TEG 

circulated (using an electric pump) in the TEG contactor [11]. If a gas driven 

pump is used, then 0.023 m3 of methane is absorbed per litre of TEG circulated 

[11]. Due to the pressure drop in the flash tank, the methane gas in the TEG 

expands and is liberated from the TEG. Flash Tanks recover 90% of absorbed 

methane. To prevent the loss of methane in the reboiler, flash tanks or 

separators can be installed upstream of the reboiler, and the vapors collected for 

use as fuel or sales. 
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For our example, we will use a gas throughput of 155,000 x 103 m3/yr, and a 

glycol circulation rate of 1700 l/h (using an electric glycol pump). The 

approximate methane saved is: 

= 0.0075 x 1700 x 24 x 365 x 0.6784 (kg/m3) = 75,726 kg ChVyr. 

The estimated installed cost of the flash separator is $20,000.00. 

The savings in natural gas are: 75.7 / 0.6784 x 37.4 x $3/GJ = $12,520.00/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $105,800.00 and an investment 

reduction cost of: ($20,000) / (75.7 x 21) = $12.59 / tonne C02E/yr. 
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CHAPTER 7 

OPPORTUNITIES FOR C02 REDUCTIONS 

The following information may be used to identify the best reduction 

measures and to determine the level of reductions possible for available 

investment capital. As stated earlier, the reader is advised to use the most 

current natural gas and electrical power costs when calculating savings and 

project economics. 

Current C02 reduction opportunities can be placed in the following 

categories: 

• improved maintenance/operating practices 

• energy efficiency 

• fuel/energy switching 

• C02 injection. 

7.1 Improved Maintenance/Operating Practices 

Improved operating practices: 

There are numerous operational practices that can be put into place that 

will reduce energy consumption and combustion emissions. Some of these 

currently used in the upstream petroleum industry include: 

• operation of equipment at optimum conditions: boilers and pumps at full 

capacity, minimize pump re-circulation, ensure equipment is sized for 

current conditions, 

• tune process controls for actual conditions (versus design) 

• do performance and efficiency checks on equipment 
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• adjust process parameters for actual conditions: adjust glycol dehydration 

flowrates to match actual gas flowrates, adjust all chemical injection rates 

as flow rates change, adjust heat duties/loads to match actual flowrates 

• monitor boiler operation by regular testing of flue gas components 

The amount of energy that potentially can be conserved at a given facility 

is dependent on the extent to which these initiatives have already been 

implemented. If none of these initiatives have been pursued, a 3 to 5% reduction 

in energy consumption can be expected. 

One very important aspect of operational initiatives is the ability to track 

improvements or performance. The vast majority of oil and gas processing 

facilities currently in operation only have one or two fuel gas meters installed on-

site. These meters usually measure the entire fuel usage for the facility. In order 

to track changes in performance it is important that sufficient meters and 

instruments be available such that field testing can verify performance or identify 

deviations in operations. If permanent instrumentation is too expensive, then 

portable equipment such as temperature probes and flow meters should be 

considered. 

Improved maintenance practices: 

If a piece of equipment is not properly maintained, then it will waste energy 

and even be a safety hazard. Some of the practices that should be considered 

include: 

• scheduled cleaning of heat exchangers in dirty service (check pressure 

drops) 

• ultrasonic testing of boiler tubes for scale build-up and acid cleaning 

• scheduled external cleaning of boiler/heater tubes 

• inspect boiler air duct systems for leakage 

• inspect boiler refractory for damage 

• inspect boiler burners regularly 
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• check aerial cooler fan blade tips for correct clearances 

• maintain optimum performance of engine and boiler fuel feed systems 

• do regular vibration analysis on all engines 

• inspect compressor seals for leakage regularly 

• check pump impeller vane and wear surfaces for correct clearances 

Again depending on the extent to which these initiatives are already done 

will determine the potential energy savings that can be realized. If current 

practices are not structured and are inadequate, savings of 2 to 5% can be 

expected. 

7.2 Energy Efficiency 

Large scale cogeneration: 

In order to make cogeneration feasible/economic at a given site there must 

be sufficient requirement for both waste heat and electrical power at the site. 

For our example, the site is assumed to have an electrical power 

requirement of 13 MW and there are fired heaters/boilers on-site that have a 

combined capacity of 24 MW. Therefore for this facility, a 13 MW cogeneration 

facility will be evaluated. It is recommended that two 7 MW units be used. 

Currently there are commercially available turbine generator sets sized at 6.4 

MW, with a supply and installation cost of $1.3 million/MW. Therefore, the total 

installed cost would be: 13 x 1.3 = $16.9 million Canadian . 

Based on manufacturer's specifications, this turbine generator has a fuel flow 

requirement of 19.7 MW or 16,600 x 103m3/yr. Therefore, the combustion 

emissions would be: 16,600 x 1.92 x /1000 = 31.9 x 103 tonnes C02E /yr. (each). 

Where 1.92 (tonnes CO2E/103 m3 fuel) is the combustion emission factor for gas 

turbines [5]. 
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Electrical emissions from the purchase of 12.8 MW (in Alberta) are: 

= 12.8 x 24 x 365 x 1.007 (tonnes C02E/MWh) = 113 x 103 tonnes C02E/yr. 

Therefore, the incremental emission savings from displacing coal-fired electrical 

power are: 113 - (2 x 31.9) = 49.2 x 103 tonnes C02E/yr. 

Using a 50% thermal efficiency for the cogeneration system, the available heat for 

heat recovery is: (19.7 x 0.5) - 6.4 = 3.5 MW (one unit). 

The emission savings from displacing fuel fired process heat (using 82% boiler 

efficiency) are: 

(3.5 x 2 / 0.82) / 37.4 x 1.91 x 3.6 x 24 x 365 = 13.7 x 103 tonnes C02E/yr., 

where: 

• 0.82 is boiler thermal efficiency 

• 37.4 is HHV (Higher Heating Value) of natural gas in GJ/103 sm3 

• 1.91 is the combustion emission factor for boilers in tonnes CO2E/103 m3 fuel 

gas [10]. 

Therefore the net reduction in greenhouse gas is: 

49.2 + 13.7 = 63 x 103 tonnes C02E/yr. 

The savings in purchased electricity would be: 

12,800 (kW) x 24 x 365 x $0.042/kWh = $4,709,000.00/yr. 

Note that the power cost of $0.042/kWh represents both the usage ($0.027/kWh) 

and demand ($0.015/kWh) electrical charges in Alberta. 

The cost of fuel (at $3.00/GJ) (taking into account savings in heater fuel) is: 

(19.7 - 3.5/0.82) x 2 x 3600 x 24 x 365 /1000 x $3.00/GJ = $2,930,000.00/yr. 

Therefore the net energy savings are: $4,709,000 - $2,930,000 = $1,779,000.00/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $863,000.00 and an investment 

reduction cost of: ($16,900,000) / (63,000 ) = $268.25 / tonne C02E/yr. 
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Small scale cogeneration: 

This is a relatively new method to conserve flared solution gas. Here the 

waste gas is burned in a small gas turbine, which in turn generates electrical 

power. These units are available in sizes from 75 kW to 200 kW. According to 

equipment suppliers, current equipment requires a minimum solution gas flow of 

0.57 x 103 m3/day or 210 x 103 m3/yr. Since the minimum fuel gas pressure to 

these turbines is 520 to 690 kPa, an additional small compressor may be required 

to boost the solution gas pressure. The need for this additional compressor 

makes this alternative much less attractive. 

Gas engine powered units are also available instead of gas turbines. 

Some units also incorporate waste heat recovery and can achieve a thermal 

efficiency of 40-50%. One advantage of the gas engine is that the required fuel 

pressure is 7 to 280 kPa and so additional compression may not be required. 

The size of gas engines available is from 50 kW to 2 MW. The installed costs are 

$1000 to $1500/kW for the gas turbine packages and $800 to $1200/kW for the 

gas engine packages. Typical operating costs are $0,004 to $0.0065/kWh for the 

gas turbines and $0.01 to $0.016/kWh for the gas engines. 

For our example, we will evaluate using gas engine cogeneration to eliminate 

flaring of solution gas. Using an available flare gas volume of 10,200 x 103m3/yr, 

the flared emissions would have been: 

10,200 x 2.57 (tonnes CO2E/103m3) = 26,200 tonnes C02E/yr. 

Where 2.57 is the greenhouse gas emission factor for flaring combustion [5]. 

Total gas engine output power (at 25% thermal efficiency) is: 

10,200 x 46 / 365 / 24 / 3600 x 1000 x 0.25 = 3.7 MW. 

Where 46 is the higher heating value of flared gas in GJ/103m3. 

Emissions avoided from displacing coal-fired Alberta electrical power are: 

3.7 x 24 x 365 x 1.007 (tonnes C02E/MWh) = 32.6 x 103 tonnes C02E/yr. 
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Emissions avoided due to heat recovery and reduction of plant boiler duty (at 82% 

boiler thermal efficiency and 40% overall cogeneration efficiency) are: 

10,200 x (0.40-0.25) / 0.82 x 1.89 (tonnes CO2E/103m3) = 3.5 x 103 tonnes C02E/yr. 

The above calculation assumes a cogeneration thermal efficiency of 40%. The 

available heat recovery is 2.2 MW. 

The installation cost is: $1200/kW x 3,700 kW = $4,440,000.00 

The savings in power costs are: 3,700 x 24 x 365 x $0.027/kWh = $875,000.00/yr. 

The savings in boiler fuel are: 

2.2 / 0.82 x 3600 x 24 x 365 /1000 x $3.00/GJ = $253,800.00/yr. 

Therefore the net energy savings = $875,000 + $253,800 = $1,128,800.00/yr. 

The net emissions savings = 32.6 + 3.5 = 36.1 x 103 tonnes C02E/yr. 

Based on a yearly operating cost of $175,000, a discounted rate of return of 10% 

and a project life of 25 years, the project economics give a project NPV of 

$4,666,000.00 and an investment reduction cost of: 

($4,400,000) / (36,100 ) = $121.88 / tonne C02E/yr. 

The project economics for this small scale cogeneration project are more 

attractive than the large scale cogeneration project since there is no fuel gas cost 

associated with the small scale project. Flared gas for the small scale project is 

not assigned a value since it was originally a waste stream. 

Flared Gas Conservation: 

This scheme involves the compression of waste gas from the low pressure 

flare header and injection back to the plant inlet stream for recovery/processing. 

This option is most beneficial for facilities with high flare gas volumes. 

For this example, we will use a facility flare gas volume of 2,000 x 103 

m3/yr. The greenhouse gas emissions from the combustion of this flare gas are: 
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2,000 x 2.57 (tonnes CO2E/103m3) = 5,140 tonnes C02E/yr. 

For this reduction measure, a 170 m3/h compressor with a suction 

pressure of 70 kPa and a discharge pressure of 700 kPa sized at 45 kW would 

be adequate. Either a rotary vane or a liquid ring unit would be acceptable. Both 

types have been used in vapor recovery systems before. The price of either unit 

would be $65k and would include necessary separators, instruments and skid. 

Installation/engineering cost is estimated to be another $30k. Therefore total 

installation cost would be: $65,000 + $30,000 = $95,000.00 

Electrical costs would be: 45 x 24 x 365 x $0.027/kWh = $10,600.00/yr. 

The GHG emissions associated with the electrical purchases is: 

392 MWh x 1.007 (tonnes C02E/MWh) = 395 tonnes C02E/yr. 

Therefore the net reductions in C02E are: 5.14 - 0.39 = 4.7 x 103 tonnes C02E/yr. 

The savings in natural gas conservation are: 

2,000 x 46 (GJ/103m3) x $3.00/GJ = $276,000.00/yr. 

Therefore the net energy savings are: $276,000 - $10,600 = $265,400.00/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, and an 

operating cost of $30,000 per year, the project economics give a project NPV of 

$2,255,000.00 and an investment reduction cost of: 

($95,000) / (4,700 ) = $20.21 / tonne C02E/yr. 

Installation of electronic fuel controllers: 

The installation of new advanced ignition and fuel/air controllers on 

reciprocating engines can be beneficial to both engine performance and energy 

efficiency. The expected gains in energy efficiency depend on the condition and 

vintage of existing ignition and fuel controllers. Different operators have observed 

reductions in fuel consumption of 5 to 12%. Although C 0 2 is the major 
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greenhouse gas reduced, unburned methane emissions are also reduced since 

less fuel is being burned. 

These air/fuel ratio controllers are designed typically for use on engines having a 

stoichiometric (lambda 1.0) air/fuel mixture and are ideally suited for applications 

with 3-way catalytic converters. An oxygen sensor is used in the exhaust stream 

to sense 0 2 content and a valve in the fuel line to the carburetor is adjusted to 

maintain the correct 0 2 content in the exhaust. Estimated ignition control CPU 

costs are $10,000 each while fuel/air ratio controllers cost $17,000 to $20,000. 

Therefore the capital cost would be: 2 engines x $30,000 = $60,000. 

To improve economics, these air/fuel controllers should first be installed at 

high emission or high fuel usage sites. For this example, we will assume the site 

has 2 compressors (820 kW output each) which burn a total of 4,400 x 103 m3 of 

natural gas per year (at 3 1 % thermal efficiency). Using an 8% reduction in fuel, 

the fuel savings would be: 4,400 x 103 x 0.08 = 352 x 103 m3/yr. In terms of 

dollar savings, this would be: 352 x 37.4 x $3.00/GJ = $39,500.00/yr. 

The reduction in emissions would be: 

352 x 2.38 (tonnes CO2E/103 m3 fuel) = 838 tonnes C02E/yr. 

Where 2.38 is the greenhouse gas emission factor for natural gas combustion in 

reciprocating engines [5]. Refer to Table A4. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $334,400.00 and an investment 

reduction cost of: $60,000/838 = $71.607 tonne C02E/yr. 

Engine flue gas waste heat recovery: 

At gas plants where there are numerous large engines and or gas turbines 

operating and there is a need for process heat, waste heat recovery of the flue 

gas could be beneficial. For this example, we will assume there are 21,604 kW or 
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29,000 hp (output power) gas driven reciprocating engines on-site. Waste heat 

recovery of gas turbine exhaust would be more economic since most turbines 

have a larger horsepower rating than reciprocating engines and therefore less 

capital investment would be required. However, most existing installations 

already include exhaust waste recovery on large gas turbines. 

Using an engine efficiency of 32% the total heat input is 67,513 kW. Note 

that 32% thermal efficiency is in the high range (for a turbo charged engine). 

Most naturally aspirated engines operate at approximately 27% efficiency. Using 

an overall thermal efficiency of 50%, the recovered exhaust heat is: 

(67,513 x 0.5) - ( 67,513 x 0.32 ) = 12,152 kW = 12.0 MW. 

This 12 MW of waste heat would be recovered from 22 reciprocating 

engines within the facility. The amount of heat recovered from each individual 

engine would range from 0.23 MW to 0.81 MW. Discussions with a boiler 

manufacturer who specializes in waste heat recovery, revealed that heat recovery 

from reciprocating engines is less economic than from gas turbines due to lower 

flue gas flow rates and the smaller amount of heat available from each unit. 

Typically, gas turbines operate at an air/fuel ratio of 50 - 60:1, while reciprocating 

engines operate at an air/fuel ratio of 15 to 25:1. Exhaust heat recovery is usually 

considered for gas fired turbines sized from 10 MW and larger. To get the same 

heat recovery from reciprocating engines, exhaust would have to be gathered 

from at least 12 engines. 

To capture the waste heat, 4 heat recovery boilers along with exhaust 

piping to a common header will be required. In order to aid in the collection of 

exhaust gases, a 300 kW blower/booster would also have to be added to the 

installation [17]. The system would also include exhaust ducting from the 

reciprocating engines to a central heat exchange unit. Discussions with a local 

boiler manufacturer indicated that typical costs for heat recovery steam 

generators are about $160,000/MW (equipment only) for units sized 40MW. 
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Costs for finned tube heat exchangers used for boiler air pre-heat or aerial 

coolers are in approximately $45,000/MW (equipment only). Taken all the above 

into consideration the estimated cost of this heat recovery system is: 

Heat recovery unit: 12 MW x $160k/MW = $1,920 
Ducting (22 engines) : 22 x $40k/unit = $ 880 
300 kW blower $ 350 
Installation at 50% $1,575 
Engineering at 10% $ 475 
Total $5,200k 

Due to the potential for engine backfire and also the possibility of having 

an explosive mixture in the ducting, pressure relief must also be added for safety 

and equipment protection. In the reference information, [17], 3.5 kPa relief vents 

were installed on each compressor exhaust duct and two 762 mm spring-loaded 

relief valves were installed on each end of the main duct. 

The 12MW of waste heat recovery equates to a savings of : 

12 x 106 x 3600 x 24 x 365 / 1 0 9 = 378,432 GJ/yr. 

In terms of fuel gas (at 82% boiler thermal efficiency) this is: 

378,432 / 37.4 / 0.82 = 12,341 103m3/yr. 

In terms of greenhouse gases this is: 

12,341 x 1.89 (tonnes CO2E/103m3) = 23,324 tonnes C02E/yr. 

In terms of fuel savings this is: 378,432/0.82 x $3.00 /GJ = $1,135,000.00 /yr. 

The emissions from electrical purchases are: 

300 x 24 x 365 /1000 x 1.007 (tonnes C02E/MWh) = 2,632 tonnes C02E/yr 

The additional power costs are: 300 x 24 x 365 x $0.027/kWh = $70,900/yr. 

Therefore the net emission reductions are: 23.3 - 2.63 = 20.67 x 103 tonnes C02E/yr. 

Therefore the net energy savings are: $1,135,000 - $70,900 = $ 1,064,100.00/yr. 
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Another method of exhaust heat recovery would be to install individual 

stack heat recovery units. Heat could also be recovered from the jacket cooling 

water and used for combustion air pre-heat. 

Based on a discounted rate of return of 10%, a project life of 25 years, and a 

yearly operating/maintenance cost of $60,000, the project economics give a NPV 

of $4,825,000.00 and an investment reduction cost of: 

$5,200,000 / 20,670 = $251.60 / tonne C02E/yr. 

This investment reduction cost is similar to large scale cogeneration. 

Variable speed electric motors on aerial coolers: 

Due to the constant change of ambient conditions, the use of variable 

speed (also termed VFD or variable frequency drives) motors on aerial coolers (in 

conjunction with proper temperature controls), results in motor power loads 

matched to the amount of actual cooling needed. Although many constant speed 

motors have been changed out within the industry, there are still a large number 

of installations that require conversion. According to CAPP member success 

stories [5], the retrofit of VFD motors results in a 2 year simple payback on capital 

investment (based on a power cost of $0.03/kWh). Capital investment costs are 

in the neighborhood of $44.20/tonne C02E reduced/yr. Power savings with VFDs 

are in the order of 60 to 75%. 

If it is assumed that 1120 kW (1500 hp) of fan motors can be retrofitted, then the 

power savings would be (at 70% savings): 

1120 x 0.70 x 24 x 365 x $0.027/kWh = $185,400.00/yr. 

Note: the Alberta electrical energy cost of $0.027/kWh represents the usage 

charge only (and not the demand charge which is an additional $0.015/kWh). 

The reduction in electrical emissions would be: 

1120 x 0.70 x 24 x 365 /1000 x 1.007 = 6.9x103 tonnes C02E/yr. 

The installed cost would be: $350/hp x 1500 hp - $525,000.00 
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Based on a discounted rate of return of 10%, a project life of 25 years, and an 

incremental operating/maintenance cost of $5,0007yr, the project economics give 

a project NPV of $1,276,000.00 and an investment reduction cost of: 

$525,000 / 6,900 = $76.09 / tonne C02E/yr. 

Ceramic coating of engines: 

Ceramic coating of engine components has been done in the United States on 

diesel engines and gas turbines for many years. Several Canadian companies 

have used this technology with success in numerous engines. The coating is a 

Zirconium based ceramic that is applied to the engine piston top (or dome) and 

the underside of the heads and valves using a robot controlled plasma flame 

spray. It can be applied to spare parts supplied by the operator or purchased as 

an option when purchasing spares. This ceramic coating acts as an insulator and 

also reflects heat back into the combustion chamber. Results of published 

operating performance testing claim reductions in fuel consumption of 11 to 25% 

[27]. These claims seem to be high in the author's opinion. 

The estimated cost of this coating is $3k per cylinder, therefore a 12 cylinder 

engine (such as the IR 512KVS) would cost about $36,000.00 Canadian. 

Using a fuel saving of 8%, and an engine thermal efficiency of 27%, the emission 

reductions (per engine) are: 

= 1.492 (MW) / 0.27 x 3600 x 24 x 365 / 103 / 37.4 x 1.89 x 0.08 

= 0.71 x 103 tonnes C02E/yr. 

Savings in fuel costs (per engine) are: 

1.492 / 0.27 x 3600 x 24 x 365 /1000 x 0.08 x $3.00/GJ = $41,800.00/yr 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $381,400.00 and an investment 

reduction cost of: $36,000 / 710 = $50.70 / tonne C02E/yr. 
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Upgrade of old boiler/heater burners: 

The author's past experience has shown that burners older than 10 years 

can be economically retro-fitted resulting in fuel savings of 5% and lower NOx 

emissions. Estimated installed cost of upgraded burners is $8,500.00 /MW (or 

$2,500/MMBtu/h). Vendor data shows that, for burners smaller than 0.5 MMBtu/h 

a cost of $3,000/MMBtu/h should be used. If we assume, a total of 163 MW of 

burner capacity may be upgraded within an upstream company, then the following 

calculations would apply. 

The total cost to upgrade these burners would be: 163 x $8,500 = $1,400,000.00. 

The savings in fuel would be(using a 82% thermal efficiency): 

163 / 0.82 x 0.05 x 3600 x 24 x 365 /1000 x $3.00/GJ = $940,000.00/yr 

The total reduction in emissions would be: 

163 / 0.82 x 0.05 x 3600 x 24 x 365 /1000 / 37.4 x 1.89 = 1 5 . 8 x 1 0 3 tonnes C02E/yr. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of $7,986,000.00 and an investment 

reduction cost of: $1,400,000 /15,800 = $88.61 / tonne C02E/yr. 

Boiler combustion air pre-heat: 

The inclusion of combustion air pre-heat can improve thermal efficiency of 

the unit from 2 to 5% (if combustion air is pre-heated to 90 or 150 °C respectively) 

[31]. To incorporate combustion air pre-heat finned heat exchangers must be 

added to recover flue gas heat from boilers or gas engines and a heating medium 

system may have to be added complete with pumps and piping network to collect 

the waste heat. The cost of this system will depend on whether there is a glycol 

heating system available at the site, the size of the boilers involved and the 

configuration of the boiler flue stack. The potential emission reductions benefit of 

adding this option to the previous 163 MW of boiler capacity is: 
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= [ 163 x 3600 x 24 x 365 / 1000 / 37.4 x 1.89 ] x [(1 / 0.82) - (1 / 0.87)] 

= 18.2 x 103 tonnes C02E/yr. 

The potential fuel savings would be: 

= (163 x 3600 x 24 x 365 /1000 x $3.00/GJ) x [(1 / 0.82) - (1 / 0.87)] 

= $1,081,000.00/yr 

Another possible source of heat for combustion air pre-heat is hot engine cylinder 

head jacket water (i.e. from reciprocating engine cooling systems). 

The IFPEXOL process: 

The IFPEXOL process has been in operation since 1990. This process 

uses methanol as the hydrate inhibitor instead of ethylene glycol in the gas 

stream prior to entering the facility's refrigeration unit. This is a patented process 

developed by Institute Francais de Petrole (IFP). 

The IFPEXOL process involves injecting methanol into the gas stream 

prior to entering the refrigeration unit. The methanol absorbs any condensed 

water present and prevents the formation of hydrates in the refrigeration unit. 

The advantage of the IFPEXOL process (compared to a glycol injection process) 

is that methanol can be regenerated without the addition of heat. The methanol 

is regenerated by contacting the water/methanol mixture recovered off the bottom 

of the low temperature separator with a counter-current slip stream of the warm 

inlet gas in the IFPEX contactor. During its passage upwards through the packed 

IFPEX tower (or contactor), the relatively warm inlet or sweetened gas is able to 

strip the methanol from the mixture due to methanol's high volatility. As the gas 

entering the tower is water saturated, it does not have any additional water 

carrying capacity and therefore the water makes its way down the tower. The 

warmer the gas stream, the lower the flow requirement through the tower as the 

methanol carrying capacity of gas increases with increasing temperature [23]. 
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Unlike the glycol injection scheme which requires heat to be added (to the 

reboiler), no fuel gas is burned in the IFPEXOL process. The fuel gas conserved 

and C 0 2 emission reductions can be estimated by calculating the required MEG 

(monoethylene glycol) circulation rate and the heat required for glycol 

regeneration. For a gas flow rate of 1000 x 103 m3/day with a water saturated 

inlet conditions, an amine contact temperature of 38°C, a water dew point 

temperature of -40°C and a glycol regeneration temperature of 160 °C, the glycol 

regenerator duty would be 4.92 GJ/day. Using a heater efficiency of 70%, the 

heat input required is: 4.92 / 0.7 = 7.03 GJ/day. Therefore the savings in fuel 

gas would be: 7.03 x 365 x $3.00/GJ = $7,700.00/yr. 

With the IFPEXOL process, additional operating savings in eliminating glycol loss 

and reduced selective solvent losses are balanced by costs associated with 

methanol losses to the residue gas and liquid hydrocarbons. 

The total reduction in emissions would be: 

= 7.03 x 365 / 37.4 (GJ/103m3) x 1.9 (tonnes C02E/103 m3 gas) 

= 130 tonnes C02E/yr. 

Where 1.9 tonnes CO2E/103 m3 is the greenhouse gas emission factor for natural 

gas combustion in boilers [10]. Refer to Table A2. 

The estimated capital cost to install an IFPEXOL system of this size is 

$250,000.00. 

Based on a discounted rate of return of 10% and a project life of 25 years, the 

project economics give a project NPV of -$173,100.00 and an investment 

reduction cost of: $250,000/130 = $1,923.00/tonne C02E/yr. 

Therefore this is a very costly greenhouse gas reduction option. 
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7.3 Fuel/Energy Switching 

Conversion of electric to natural gas drivers: 

Since the bulk of electricity generated in Alberta is produced from the 

burning of coal, the C02 emissions released for every kW is quite high. Many 

upstream oil and gas operators have changed out large electric motors for large 

gas fired turbines. The potential to add waste heat recovery to the turbine 

exhaust flue gas stream is an added bonus. 

For this example, a 7 MW electric motor will be replaced by a gas fired 

turbine with waste heat recovery. The estimated installed cost of the gas driven 

turbine is $8.4 million. The estimated installed cost of a 2.5 MW waste heat 

recovery boiler is $800,000.00, for a total capital cost of $9.2 million. 

The savings in energy from displacing boiler fuel (with waste heat recovery) is: 

2.5 x 106 x 3600 x 24 x 365 / 109 = 78,840 GJ/yr. 

In terms of fuel gas (at 82% boiler thermal efficiency) this is: 

78,840 x 1000 / 37.4 / 0.82 = 2,571 x 103m3/yr 

In terms of greenhouse gases, this is: 

2,571 x 1.89 (tonnes CO2E/103m3) = 4,859 tonnes C02E/yr. 

The additional savings in greenhouse gases (between electric and gas power) is: 

= [7 (MW) x 24 x 365 x 1.007 (tonnes C02E/MWh)] 

- [7 x 106 x 3600 x 24 x 365 / 0.30 /109 / 37.4 x 1.92 (tonnes C02E/103 m3 fuel)] 

= 61,750 - 37,776 = 23,970 tonnes C02E/yr. 

Therefore the total benefit in terms of greenhouse gas reduction is: 

4.9 + 23.9 = 28.8 x 103 tonnes C02E/yr. 

The boiler fuel savings (from waste heat recovery) are: 

78,840 / 0.82 x $3.00 /GJ = $288,400.00 /yr. 

The savings in energy costs (between electrical and fuel) are: 
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= [ 7,000 (kW) x 24 x 365 / 0.9 (motor efficiency) x $0.042/kWh ] 

- [ 7 x 106 x 3600 x 24 x 365 / 0.30 (turbine efficiency) /109 x $3.00/GJ ] 

= $2,861,600 - $2,207,520 = $654,080.00/yr. 

Therefore, the net dollar savings in energy are: 

$288,400 + $654,080 = $942,480.00/yr. 

Note: the above Alberta electrical cost of $0.042/kWh includes both demand plus 

usage charge. 

Based on an annual incremental operating cost of $100,000 per year, a 

discounted rate of return of 10% and a project life of 25 years, the project 

economics give a project NPV of -$788,100.00 and an investment reduction cost 

of: $9,200,000/28,800 = $319.44/tonne C02E/yr. 

It should be noted that the above economics are for a retrofit situation. For a new 

installation, the economics (i.e. NPV) would be better since the capital cost would 

be the incremental cost of the gas turbine (compared to the electric motor). 

7.4 C02 Injection 

The cost of drilling and completing a disposal well for acid gas injection 

varies depending on the formation and depth of the well. By injecting acid gas 

(H2S and C02) removed from the natural gas during the sweetening process, C02 

emissions will not be released to atmosphere. Several operators use C02 

injection to pressurize the reservoir and increase production (thereby improving 

project economics greatly). Some operators have also chosen to inject all acid 

gas (H2S and C02) in lieu of constructing sulfur recovery processes. 

For this example, a well depth of 1,500 m and a drilling and well 

completion cost of $700,000 will be used. The estimated life of the disposal well 

will be 15 years. Estimated cost of the injection pipeline is $300,000. The 
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required surface injection pressure will be 8 MPa. The acid gas volume will be 

4,100 x 103m3/yr and the C 0 2 concentration will be 91 % by weight. Therefore 

the size of the compressor would be 112 kW (150 hp) for 12 x 103 m3 per day 

flow. The cost of the compressor (including installation and engineering) is 

$400k. The total capital cost is therefore approximately $1.5 million. Material 

specification will be an important aspect of this option since H2S and carbonic 

acid (from C02) will corrode and damage carbon steel. 

The savings in C 0 2 venting is: 4100 x 0.91 x 1.861 (kg/m3) = 6,940 tonnes C02/yr. 

The reduction in fuel emissions (since fuel gas is usually added to assist in acid 

gas flaring at a 1:4 ratio) is: 

1000 x 1.89 (tonnes CO2E/103m3) = 1,890 tonnes C02E 

The dollar savings in fuel is: 1000x37.4.0 x $3.00/GJ = $112,200.00/yr. 

The increase in GHG emissions from electrical purchases is: 

112 (kW) / 0.9 (motor eff.) x 24 x 365 = 1,088,722 kWh/yr. 

Which becomes: 

1,089 (MWh) x 1.007 (tonnes/MWh) = 1097 tonnes C02E/yr. 

Therefore the net emissions savings are: 6.94+1.89 - 1.1 = 7.73 x 103 tonnes C02E/yr. 

Electrical costs are: 1,088,722 (kWh) x $0.027/kWh = $29,400/yr. 

Therefore the net savings in energy are: $112,200 - $29,400 = $82,800/yr. 

Based on an annual incremental operating cost of $50,000 per year, a discounted 

rate of return of 10% and a project life of 15 years, the project economics give a 

project NPV of -$1,225,600.00 and an investment reduction cost of: 

$1,500,000 / 7,730 = $194.05/ tonne C02E/yr. 

By examining Table 4.3.4, it is seen that the above IRC falls within the range of 

other C 0 2 injection projects reported by CAPP members. 
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CHAPTER 8 

WHAT ABOUT H20 VAPOR? 

Water vapour is also a greenhouse gas, and although a significant amount 

of water vapour is produced during the combustion process, it is not tracked in 

any greenhouse gas emission inventory literature (reviewed by the author). How 

much water vapour is produced during the combustion process, and should it be 

controlled by condensation and recovery? These questions will be addressed in 

this section. 

As the atmosphere warms, it has the potential to hold more moisture. This 

moisture could increase precipitation rates. Added moisture can also produce 

clouds, which in turn can reduce solar radiation and surface temperatures. 

We may estimate the amount of water vapor produced by examining the 

combustion reaction equations for different fuel types. For methane combustion 

(in oxygen) the reaction is: 

CH4 + 202 -> C02 + 2H20 [ Reaction 8.1] 

For simplicity, all combustion reaction equations will be written for 

combustion with oxygen, for combustion in air the following equation may be used 

for all hydrocarbons: 

CxHy + b02 + (79 / 21) bN2 -» x C02 + y / 2 H20 + (79/21) bN2 [Reaction 8.2] 

where: 

CxHy = the chemical formula for the hydrocarbon fuel 

b = x + (y/4), the number of moles of oxygen required for combustion 

79/21 = the ratio of moles of nitrogen to moles of oxygen found in the air 
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Therefore by looking at reaction [8.1], we see that 1 mole of CO2 and 2 

moles of H20 are produced for every mole of methane burned. In terms of mass 

this is: 

1 x 44.01 kg/kmol = 44.01 kg CO2 produced and 

2 x 18.02 kg/kmol = 36.04 kg of water vapor is produced for every 16.04 kg of CH4. 

Therefore, the amount of water vapour produced when methane is burned is 

about (36/44) or 0.82 the mass of C 0 2 produced. 

Gasoline is a complex mixture of volatile hydrocarbons which may be represented 

by the average chemical formula of: C8H16 [15] Therefore the chemical reaction 

formula for gasoline is: 

C8H16 + 1202 -> 8C0 2 + 8H20 [Reaction 8.3] 

Therefore by looking at reaction [8.3], we see that 8 moles of C 0 2 and 8 moles of 

H20 are produced for every mole of gasoline burned. In terms of mass this is: 

8 x 44.01 kg/kmol = 352.1 kg C 0 2 produced and 

8 x 18.02 kg/kmol = 144.2 kg of water vapor is produced for every 112 kg of C8Hi6 

Therefore, the amount of water vapour produced when gasoline is burned is 

about (144.2/352.1) or 0.409 the mass of C 0 2 produced. 

Kerosene (paraffin oil) is a low volatility liquid fuel with the average chemical 

formula of C11.2H23.2 • When kerosene is burned the following are produced: 

11.2 x 44.01 kg/kmol = 492.9 kg C 0 2 produced and 

(23.2/2) x 18.02 kg/kmol = 209 kg of H20 vapor is produced for every 158 kg of Cn.2H23.2 • 

Therefore, the amount of water vapour produced when kerosene is burned is 

about (209/492.9) or 0.424 the mass of C 0 2 produced. 

Using an average bituminous coal composition of 8 1 % C, 5% H2 and 3% H20 by 

weight [8], we can convert to moles as follows: 

0.81 kg / ( 12.01 kg/kmol) = 0.0674 kmol C 

0.05 kg / ( 2.016 kg/kmol) = 0.0248 kmol H2 
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0.03 kg / ( 18.015 kg/kmol) = 0.00167 kmol H20 in the coal before combustion. 

If we normalize these quantities we get: 

1 kmol C + 0.368 kmol H2 + 0.025 kmol H20, which after combustion produces: 

1 kmol C02 + 0.393 kmol H20. In terms of mass this is: 

1 x 44.01 kg/kmol = 44.01 kg C02 produced and 

(0.393) x 18.02 kg/kmol = 7.08 kg of H20 vapor is produced. 

Therefore, the amount of water vapour produced when coal is burned is about 

(7.08/44) or 0.161 the mass of C02 produced. 

Using the percent C02 emissions by fuel type as shown in Table 2.1.1 along with 

the total global emissions of 6.25 x 109 metric tonnes of C02, we may estimate 

the amount of water vapour released to the atmosphere by combustion (in 1995). 

The calculation follows: 

Coal & other solid fuels: 42.3% x 6.25 x 0.161 = 0.426 x 109 tonnes H20 

Petroleum: 40.2% x 6.25 x 0.415 = 1.043 x 109 tonnes H20 

Natural gas: 17.5% x 6.25 x 0.82 = 0.897 x 109 tonnes HpO 

= 2.366x109 tonnes H20. 

Therefore, the total water vapor produced from global fuel combustion is 2.37 x 

109 tonnes or about 2.37 x 109 m3 of liquid water. 

When this total liquid water volume is spread over the entire Earth's 

surface, it is very small (4.6 x 10"3 mm), however, since water vapour has a 

relatively short life span in the atmosphere (through condensation and rain), its 

effect on climate conditions can be considered more localized than other 

greenhouse gases. In fact, climate experts say that precipitation distribution will 

be uneven and areas prone to flooding should prepare for more of the same [26]. 

Thomas Karl, a climate analyst at NOAA (National Oceanic and Atmospheric 

Administration) states that the most probable effect (of more water vapor in the 

air) will be that the average amount of precipitation in any given event will be 

greater (as opposed to a higher frequency of rain or snowfall) [26]. 
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The amount of water vapor produced from energy combustion from the upstream 

petroleum industry in Alberta can be calculated using data from CAPP [5]. In 

1999, in Alberta, the upstream petroleum industry used the following: 

Fuel gas: 13,151,000 x 103 m3 

Flared gas: 1,684,000 x 103 m3 

Electrical power: 7,763,000 MWh 

which resulted in the following greenhouse gas emissions: 

Fuel gas: 25.0 x 106 tonnes C02E 

Flared gas: 3.9 x 106 tonnes C02E 

Electrical power: 7.7 x 106 tonnes CO2E 

and the following water vapour emissions: 

Fuel gas: 20.5 x 106 tonnes H20 

Flared gas: 3.0 x 106 tonnes H20 

Electrical power: 1.2 x 106 tonnes H?0 

Total: 24.7 x 106 tonnes H20 

In terms of liquid water volume this is about 25 x 106 m3. If this water is 

concentrated on the moderate to heavy rainfall areas of Alberta ( a surface area 

of 181,000 square kilometres [7]), it equals a rainfall amount of 0.14 mm. 

In conclusion, water vapour from the combustion of fossil fuels does not 

directly add any substantial precipitation. The more prominent effect on 

precipitation rates is therefore the warming of the atmosphere and its ability to 

hold greater amounts of water vapour at any one time. The result is not an 

increase in total annual rainfall, but an increase in precipitation rates per event. 

This is supported by data collected by both the United States and Canada as 

shown in Figure 8.1. 
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Figure 8.1: Extreme Precipitation Trends in Canada and the U.S. [13] 

Data collected by Environment Canada shows that in both Canada and the 

United States, the percentage of annual precipitation coming from the heaviest 

10% of the year's precipitation events has increased during the second half of the 

century. In Canada, precipitation rates have increased mostly in the North. 

Figure 8.1 shows a plot of these extreme precipitation trends [13]. 



CHAPTER 9 

NOVEL APPROACHES TO GREENHOUSE GAS REDUCTION 

In much of the new literature and presentations made on climate change 

there is mention of opportunities for large scale greenhouse gas reductions by 

CO2 injection and switching to hydrogen as a main fuel supply. However, there 

has been little analysis of the feasibility of these options. This section will review 

the engineering practicality of these options, their greenhouse gas reduction 

potential and economics. 

9.1 Flue Gas Scrubbing 

As DEA (diethanolamine) is used to remove H2S and C02 from natural 

gas, so too can it be used to remove CO2 from exhaust gases. The main difficulty 

with this scheme is the high temperature of the flue gas. The normal temperature 

of operation for a DEA contactor/absorption tower is 49 °C. While the DEA 

regenerator reboiler operates at a temperature of about 149 °C. Therefore, the 

flue gas temperature must be cooled from 450 to 550 °C [17] before DEA can be 

effective in absorbing the C02. In order to make this CO2 extraction scheme 

work, it is expected the following equipment will be needed: 

• duct gathering system to collect 330 X 103 m3/day of flue gas from all large 
boilers and engines 
a 900 kW compressor to gather all necessary flue gases 
a boiler water/flue gas heat exchanger (to cool the flue gas to 120 °C) 
a DEA contactor tower 
a DEA filter 
a rich/lean DEA heat exchanger 
a DEA regenerator 
a DEA regenerator reboiler 
lean DEA booster pumps 
a lean DEA cooler 
a DEA surge tank 
DEA charge pumps 
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Once the C02 is extracted from the flue gas, it must be disposed of. One 

solution would be to compress this C02 and inject it downhole either for disposal 

or enhanced oil recovery. This is another costly addition to the project. The 

expected equipment necessary for downhole disposal include (to dispose of 20 x 

103 tonnes C02E/yr or 10,750 x 103 sm3/yr): 

• a water/gas separator 

• a 300 kW injection compressor package (8,000 kPa discharge pressure) 

• field inter-connecting piping 

• a disposal well 

The estimated capital cost of this reduction option is in the order of $5.0 million. 

Although significant amounts of C02 would be captured and re-injected 

downhole, these emission reductions would be off-set by additional greenhouse 

gas emissions associated with electrical purchases for the additional equipment. 

Only about 60% of the total C02 in the flue gas could be claimed as a net 

greenhouse gas reduction. 

Based on an annual incremental operating cost of $100,000 per year, a 

discounted rate of return of 10% and a project life of 25 years, the project 

economics give a project NPV of -$6,730,000.00 and an investment reduction 

cost of: $5,000,000/12,350 = $404.90 / tonne C02E/yr. 

As expected, the project economics for this option are quite bad. Its 

implementation is therefore highly unlikely. In order for this option to become 

feasible, the following technical issues should be addressed: efficient gathering of 

flue gases, high volume of flue gas that is scrubbed, and the high cost of C02 

downhole disposal. 
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9.2 Reforming of Methane for Production of Hydrogen Gas 

Steam reforming of natural gas is at present the most common and 

cheapest process used for producing large quantities of hydrogen in North 

America. The hydrogen formed is used as a chemical mainly in the manufacture 

of ammonia and methanol [14] In one such process, methane and steam are fed 

into the reformer and the following reaction occurs: 

CH4 + H20 -> CO + 3 H2 [Reaction 9.2.1] 

This is a catalytic reaction and occurs at 927 °C. 

After the reformer, steam is added again and the products of the first reaction are 

sent to the shift converter. The following catalytic reaction occurs at 329 °C in the 

shift converter: 

CO + H20 -> C02 + H2 [Reaction 9.2.2] 

These final products are then sent to a scrubber unit to separate the C02 and 

hydrogen gas. Therefore the overall chemical reaction of this process is: 

CH4 + 2 H20 -> C02 + 4 H2 [Reaction 9.2.3] 

From this last reaction equation, we see that half of the hydrogen is 

produced from the methane and half from the steam. Reaction [9.2.1] is 

endothermic and absorbs 31.3 kJ/g of hydrogen. This energy is supplied by 

burning fuel in the reformer. The reformer contains a catalyst that allows reaction 

below the cracking temperature of methane. Reaction [9.2.2] (the water/gas shift 

reaction), is exothermic and releases 20.7 kJ per gram of hydrogen produced. 

The scrubber may use absorption by amine solution, scrubbing with cold 

methanol or scrubbing with liquid nitrogen to remove the C02. The C02 extracted 

from this process is pure and could be sold as a product. Alternately, it could be 

injected downhole to reduce emissions. 
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Currently this process of hydrogen production is only economic on a large scale 

(i.e.: > 100 MW). Since methane is a feedstock for this process, it becomes less 

economic as natural gas prices increase. 

Although producing hydrogen from methane results in a carbon-free fuel 

source, the net effect on the upstream petroleum's emissions is an increase in 

greenhouse gases. Both energy consumption and emissions will increase for the 

company or facility producing this hydrogen. First of all, energy must be 

consumed to produce the methane and then energy must be consumed again to 

produce hydrogen. A quick life cycle analysis can be done to estimate the net 

greenhouse gas aspects of this option. This analysis follows: 

From reaction [9.2.3] we see that 1 mole of methane produces 4 moles of 

hydrogen, or: 

( 1 x 16.043 kg mole CH4 ) produces ( 4 x 2.016 kgmoles H2) for a mass ratio of: 

1 kg H2 produced for every 1.99 kg CH4 (or about 1:2). 

Since 2 kg of CH4 is = 2 / 0.6784 kg/m3 = 2.93 sm3 at stp. 

Where stp is standard temperature and pressure: 15 °C and 101.3 kPa. 

The additional heat required for this option is: 

31.3 - 20.7 = 10.6 MJ per 2.93 sm3 CH4 

Using a thermal efficiency of 82%, the required additional fuel input would be: 

( 10.6 / 0.82 ) / 2.93 = 4.41 MJ / m3 CH4 

From Table 2.3.2 of this report we see that the average PEI for natural gas 

production is: [ 1.4 + (2.2 + 3.7) / 2 ] / 2 = 2.2 GJ/m3OE 

This assumes 50% of natural gas produced is from sweet gas and 50% is from sour gas. 

In terms of energy consumed per m3 CH4 produced, this is: 

2.2 (GJ/m3OE) x 0.971 (m3OE/1000 m3 CH4) =2.14 MJ/m3 CH4. 

Therefore the net energy used for this hydrogen scheme would be: 
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4.41 +2.14 = 6.55 MJ per m3 CH4 or per 4 m3 H2 produced. 

Therefore, without hydrogen production it takes 2.14 MJ to produce 1 m3 CH4 

(which has a Higher Heating Value of 37.4 MJ/m3) or a energy consumption of: 

2.14/37.4 = 0.057 = 5.7%. 

For hydrogen production, hydrogen has a HHV of 12.09 MJ/m3, therefore the 

energy consumption for hydrogen production is: 

6.55 / ( 4 x 12.09 ) = 0.135 = 13.5%. 

In conclusion the production of hydrogen is much more energy intensive than 

methane production. 

In terms of greenhouse gas emissions, we may estimate the incremental increase 

for the production of hydrogen. From Table 4.1.1 we see that the average PCI 

value for natural gas production is: 

( 0.13 + 0.28 ) / 2 = 0.21 tonnes C02E/m3OE. 

In terms of natural gas or methane produced, this is: 

0.21 x 0.971 (m3OE/1000m3CH4) = 0.20 kg C02E/m3 CH4. 

An additional 1.9 kg of C02E will be produced when the produced natural gas (or 

methane) will be burned by the consumer to yield a net life cycle emission of: 

0.20 + 1.9 = 2.1 kg C02E per m3 CH4 produced. 

With the hydrogen production scheme there is no C02 produced by the 

consumer, but emissions are much higher at the facility level. These are: 

0.20 kg (to produce the CH4) 

+ 1.86 kg (C02 vented from reaction [9.2.3]) 

+ 4.41 (MJ/m3) / 37.4 (MJ/m3) x 1.89 (ka/m3) (additional heat required for reformation) 

= 0.2 + 1.86 + 0.22 = 2.28 kg C02E 

Therefore there are more greenhouse gases produced when methane is 

used for hydrogen production versus burning methane as a fuel. This scheme 
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would only be beneficial (in terms of greenhouse gas reductions) if the C02 

produced from reaction [9.2.3] was compressed and re-injected downhole. A side 

benefit of producing hydrogen in this manner is that all greenhouse gases are 

emitted at one location thereby allowing for better economies of scale for any 

emission reduction opportunities (i.e.: reduction at one industrial site versus 

thousands of consumer sites). 

Due to the high capital and high operating costs of this reduction option, it 

is unlikely to be implemented as an alternate fuel supply (to natural gas) without 

external factors changing dramatically. Such external factors include: 

• implementation of government subsidies or incentives to produce carbon-free 

fuels 

• levy of high carbon taxes 

9.3 Downhole Injection of Flue Gas 

Another method to dispose of flue gas C02 would be to first condense the 

flue gas water vapor and then inject the gas and liquids separately downhole. 

This scheme could utilize an air/water heat exchanger (possibly using cold boiler 

feedwater) or aerial cooler to reduce the flue gas temperature to about 40°C. The 

cooled flue gas components would then be sent to a liquid/gas separator where 

the liquids could be injected downhole with a pump and the gases could be 

injected with a compressor. By doing this, no CO2 scrubber system would be 

needed. An added benefit to this scheme is that water vapor (from combustion) 

would also be captured. Essentially no combustion gases would be released to 

atmosphere using this option. This scheme would also use less fuel gas than flue 

gas scrubbing since no fuel would be required for amine regeneration. However, 

more electrical power would be needed for water injection (since water vapor is 

vented with the flue gas scrubbing option) and the additional gas volumes injected 

downhole. 
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The estimated installed capital cost of this option (for 145 x 103 tonnes flue gas 

per year, of which 20 x 103 tonnes is C02) follows: 

Note: 145 x 103 tonnes flue gas/yr = 320,000 sm3/day (about 8,000 scfm). 

• flue gas compressor (320,000 sm3/day @ 414 kPa discharge, 900 kW ) and 

ducting to collect the flue gas: $700,000 + $800,000 = $1,500,000. 

• flue gas cooler (2.5 MW) to cool gas to 40°C: $300,000 

• a liquid/gas separator (900 mm x 1830 mm long, 345 kPa, 40 °C): $40,000 

• a high pressure pump for water disposal (76 l/min @ 8300 kPa, 225 kW): $300,000 

• a high pressure compressor for gas disposal (290 m3/day @ 8300 kPa, 1500 kW): 

$1,500,000 

• field piping to disposal well (20 cm diameter, 1.3 cm wall thickness, 1.6 km 

long): $2,500,000 

• disposal well: $1,500,000 

• Contingency 30% 

For a total installed cost of $9,932,000 or about $10 million. 

Material specification will be critical for this option since the water will contain 

amounts of carbonic acid, which will accelerate corrosion problems in carbon 

steel piping/equipment. 

The increase in GHG emissions from electrical purchases is: 

2611 (kW) / 0.9 (eff.) x 24 x 365 = 25,400,000 kWh/yr. 

Which becomes: 

25,400 (MWh) x 1.007 (tonnes/MWh) = 25,600 tonnes C02E/yr. 

The savings in fuel gas if the flue gas cooler is used for waste heat recovery are: 

= 2.5 x 3600 x 24 x 365 / 0.82 (efficiency) / 37.4 /1000 x 1.89 (tonnes CO2E/103m3 ) 

= 4,860 tonnes C02E/yr. 

In terms of fuel dollar savings, this is: 96,150 (GJ) x $3/GJ = $288,400.00/yr. 

The net emission savings are: 20 + 4.9 - 25.6 = -0.7 x 103 tonnes C02E/yr. 
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Additional electrical costs are: 25,400,000 (kWh) x $0.027/kWh = $685,800/yr. 

Therefore the net dollar energy savings are: $288,400 - $685,800 = -$397,400/yr. 

Therefore, there are no net greenhouse gas or energy dollar savings with this 

option. 

Since water acts as an absorbent for C02, we can calculate how much C02 can 

be disposed of if only the condensed water vapor is injected downhole. Results 

of this calculation showed only 7 tonnes of CO2 was dissolved in the water. This 

is only 0.04% of the total C02 in the flue gas. 

In conclusion, this reduction option is not beneficial either in terms of emissions or 

economics. Too much energy is used to first gather all the combustion waste 

gases and then compress them for downhole injection. 
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CHAPTER 10 

DISCUSSION 

The Canadian upstream petroleum industry has made significant 

reductions in greenhouse gas emissions in the past. Its emissions per 

production output (i.e.: PCI) has decreased by 14% since 1990. However, much 

larger reductions must be made if the Kyoto target (6% reduction in 1990 

greenhouse gas emissions by 2010) is to be met. A major obstacle in achieving 

the Kyoto target (for the upstream oil and gas industry) is the large heavy oil 

production increase expected in 2010. Not only is this increase large (17% of 

year 2000 production), but heavy oil is approximately 6.9 times more energy 

intensive (to produce) than light oil. An accelerated investment in greenhouse 

gas reduction projects is required to make significant progress. 

Table 10.1 lists the most viable reduction opportunities reviewed in this 

report. Since the sources of greenhouse gases are known for the year 2000 (i.e.: 

39 x 106 tonnes C02E from fuel and electrical consumption, 8 x 106 tonnes from 

flaring combustion, 29 x 106 tonnes from methane losses and 9 x 106 tonnes from 

C 0 2 venting) we may use the data from Table 10.1 to estimate the amount of 

capital required to achieve the maximum reductions. Investment reduction costs 

gathered in the industry survey and listed in Tables 4.3.1, 4.3.2, 4.3.3 and 4.3.4 

may also be used by the reader in determining total investment costs. However, 

the level of data quality or rigor in the survey information may be highly variable. 

Survey data has shown that quick payback (two years or less) projects for energy 

conservation can typically reduce energy consumption by 10% on average. From 

Table 10.1, we see that these type of projects require a capital investment of 

about $70.00 / tonne C02E. Therefore the capital required to reduce upstream 

energy emissions by 3.9 x 106 tonnes would be: $70 x 3.9 x 106 = $273 million. 



97 

Table 10.1: Summary of Greenhouse Gas Reduction Options Reviewed 

Reduction Option Reduction 

Type 

IRC Simple 

Payback 
Years 

NPV 

Reduce glycol circulation. Vented CH4 $0 Immed. +ve 

Reduce dehy. stripping gas Vented CH4 $0 Immed. +ve 

Replace gas driven glycol pump Fugitive CH4 $5 0.6 +ve 

Install rupture disks on PRVs Fugitive CH4 $10 1.2 +ve 

Install flash vessel on glycol dehy. Vented CH4 $13 1.6 +ve 

Install low bleed controllers Fugitive CH4 $24 3.0 -i-ve 

Vapour recovery: compressor seals Fugitive CH4 $45 6.4 +ve 

Install instrument air Fugitive CH4 $43 7.0 +ve 

Initiate an LDAR program Fugitive CH4 $18 Never -ve 

Flared gas compression for sales Flare combustion $20 0.5 +ve 

Ceramic coating of engines Fuel combustion $51 0.9 +ve 

Electronic fuel controllers Fuel combustion $72 1.5 +ve 

Upgrade boiler/heater burners Fuel combustion $89 1.5 +ve 

Upgrade electric motors to VFD units Electric power $76 2.8 -i-ve 

Small scale co-gen: flare gas recovery Flare combustion $122 4.0 +ve 

Flue gas heat recovery Fuel combustion $252 4.9 +ve 

Large scale co-gen. Electric power $268 10.0 -ve 

Change electric motor to gas turbine Electric power $319 9.8 -ve 

Acid gas downhole injection Vented C 0 2 $194 18.0 -ve 

Convert to IFPEXOL hydrate control Fuel combustion $1,923 32 -ve 

Flue gas scrubbing & C 0 2 injection Combustion C0 2 $405 Never -ve 

Note: IRC is Investment Reduction Cos t in $/tonne CQ2E rec Juced per yee r. 

Immed. is Immediately. 

To achieve a net reduction of 50% in energy consumption emissions, the higher 

cost long-term payback projects must be implemented. Therefore to reduce 

energy consumption greenhouse gas emissions by a further: 

(39 x 0.5) - 3.9 = 16 x 106 tonnes C02E, an additional capital investment of: 

$250 x 16 x 106 = $4,000 million is required. 
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The estimated cost to reduce flaring combustion by 60% or 5 x10 tonnes C02E is: 

$100 x 5 x 106 = $500 million. 

The above $100/ tonne CO2E is a weighted average since there is much more 

solution gas flared than plant emergency flare gas. 

The estimated cost to reduce methane losses by 60% or 17 x106 tonnes C02E is: 

$22 x 17 x106 = $374 million. 

The estimated cost to reduce CO2 vented emissions by 50% or 4 x106 tonnes is: 

$200 x 4 x 106 = $800 million. 

Therefore, in order to reduce upstream oil and gas greenhouse emissions by 46 x 

106 tonnes C02E by 2010, a capital investment of approximately $6,000 million 

would be required over the next 10 years. If the Natural Resources current 

projection of year 2010 greenhouse gas emissions of 101 x 106 tonnes C02E is 

correct, then the 46 x 106 tonnes C02E reduction will result in achievement of the 

Kyoto target for the upstream petroleum industry. 
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CHAPTER 11 

CONCLUSIONS 

The results of this study have shown that although the Canadian upstream 

petroleum industry has made significant reductions in greenhouse gases in the 

past, future reductions will have to be even higher if the Canadian government 

ratifies the Kyoto agreement and legislates emission limits or targets. Supporting 

conclusions resulting from this study include: 

• At the current rate of greenhouse gas reductions, the upstream petroleum 

industry's year 2010 greenhouse gas emissions are calculated to be at least 

108 x 106 tonnes C02E or 86% higher than 1990 levels. This is 7 x 106 tonnes 

higher than Natural Resource Canada's current forecast. 

• A production carbon intensity (PCI) of 0.127 tonnes C02E/m3OE would be 

required in 2010 to meet the Kyoto target. This compares with the 2000 

estimate of 0.233 tonnes C02E/m3OE. 

• The majority of greenhouse gas reduction measures implemented to-date 

have an economic payback of 2 years or less. 

This study has also shown that viable technologies are available for major 

reductions in greenhouse gas emissions. The following issues must be 

addressed in order to increase investment in greenhouse gas reduction projects 

so that major reductions will be achieved: 

• Increased investment in long payback projects (> 4 years). 

• Assignment of a value or cost of greenhouse gas emissions. The current 

actual minimum energy cost of greenhouse gas emissions (generated by the 

upstream petroleum industry) is $30/tonne C02E. 
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• A capital investment of at least $6,000 million is required in the upstream 

petroleum industry over the next ten years to achieve the Kyoto targets. 

This study has also identified the most promising technologies for 

greenhouse gas emission reductions based on technical and economic viability. 

These include: 

• Small scale cogeneration using flare gas as the fuel source 

• Large scale cogeneration 

• Flue gas heat recovery 

Finally this study has determined that zero emission technologies such as 

methane reforming for hydrogen production are currently uneconomic and will 

require significant external influence such as government financial incentives or 

legislation before implementation is pursued. 
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APPENDIX 

Extracts taken from CAPP Publication # 2000-004 [5] 
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Extracts taken from the Canadian Association of Petroleum 
Producers: "Global Climate Change Voluntary Challenge Guide". 

June 2000. CAPP Publication # 2000 - 0004. 

Table A1: Global Warming Potential (GWP) Factors 
Gas 
C02 

CH4 (methane) 
N20 (nitrous oxide) 
Perfluoromethane (CF4) 

100 year GWP 
1 

21.0 
310 
6500 

Table A2: Emission Factors 1 or Boilers, Heaters and Furnaces Based on Fuel Usage 
Heater/Boiler Input C02 

g/m3 fuel 
(g/kWh) 

N20 
g/m3 fuel 

CH4 
g/m3 fuel 

NOx 
g/m3 fuel 

C02E 
g/m3 fuel 

Heat input: < 2900 kW 

Uncontrolled 

With low NOx burners 

With flue gas recirculation 

1900 

(261.4) 

0.02 

0.004 

0.009 

0.0435 1.6 

0.27 

0.58 

1907 

1902 

1904 

Heat input: 2,900-29,000 kW 

Uncontrolled 

With low NO burners 

With flue gas recirculation 

With combustion air pre-heat 

1900 

(228.7) 

0.03 

0.02 

0.007 

0.04 

0.048 2.24 

1.30 

0.48 

2.67 

1910 

1907 

1903 

1913 

Heat input: > 29,000 kW 

Uncontrolled 

With low NOx burners 

With flue gas recirculation 

1900 

(228.7) 

0.13 

0.02 

0.013 

0.0048 8.8 

1.3 

0.85 

1940 

1906 

1904 

Table A3: Emission Factors for Natura Gas Drivers per Power Output 
Driver Type C 0 2 

g/kWh 
N20 

g/kWh 
CH4 

g/kWh 
NOx 

g/kWh 
C02E 
g/kWh 

Recip. Engine 

2 cycle lean burn 

4 cycle lean burn 

4 cycle rich burn turbo-charged 

543 

543 

543 

0.22 

0.24 

0.20 

7.56 

5.50 

1.48 

14.79 

16.1 

13.46 

770 

733 

636 

Gas Turbine 576 0.03 0.23 1.7 590 
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Table A4: Emission Factors for Natural Gas Drivers based on Fuel Usage 
Driver Type C02 

g/m3 fuel 
N20 

g/m3 fuel 
CH4 

g/m3 fuel 
C02E 

g/m3 fuel 
Recip. Engine 

2 cycle lean burn 1774 0.653 23.001 2459 
4 cycle lean burn 1774 0.772 17.69 2384 
4 cycle rich burn turbo-charged 1774 0.555 3.85 2027 

Gas Turbine 1880 0.081 0.819 1922 

Table A5: Emission Factors for Flaring Natural Gas in Smokeless Flares 
Natural Gas Type C02 

g/m3 fuel 
N20 

g/m3 fuel 
CH4 

g/m3 fuel 
C02E 

g/m3 fuel 
Sales or Processed 1862 Negligible 13.6 2,148 
Raw or Untreated 2330 Negligible 10.8 2,570 

Table A6: 1999 Greenhouse Gas Emissions Associated with Power Generation 
Province C02 

kg/MWh 
N20 

kg/MWh 
CH4 

kg/MWh 
C02E 

kg/MWh 
British Columbia 37 

N.E. B.C 
(supplied by ATCO) 1089 

Alberta 998 0.03 0.007 1007 
Saskatchewan 880 

Manitoba 11 
Ontario 240 2401 

Quebec 1.4 
Nova Scotia 780 

New Brunswick 546 
Newfoundland 190 

The 1998 Ontario Hydro emission factor is 280 g C02/kWh. Historic values for 
Ontario Hydro are: 280 for 1990, 130 for 1995 and 150 for 1996. 
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Table A7: Fugitive Emissions Factors in Vapour Service 
Fitting Gas Facilities: 

Emission Factor 
kg/h/fitting 

Oil Facilities: 
Emission Factor 

kg/h/fitting 
Valves (sweet gas) 0.04351 0.01417 
Valves (sour gas) 0.00518 
Flanges/Connectors (sweet) 0.00253 0.00079 
Flanges/Connectors (sour) 0.00031 
Compressor seals 0.80488 0.80488 
PRVs (vented to atmosphere) 0.12096 0.12096 
Open-ended lines 0.00373 0.00373 

Table A8: Gas Consi imption Rates (in m3/hr) for Standard (high bleed) Pneumatic 
Instrument Type Operating Pressure 

= 140kPa 
Operating Pressure 

= 240 kPa 
Transmitter 0.12 0.2 
Controller 0.6 0.8 
l/P Transducer 0.6 0.8 
P/P Positioner 0.32 0.5 
l/P Positioner 0.4 0.6 
Chem. Inj. Pumps 0.4 0.6 

Instruments 




