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Part Three: Overview

Part Two of this volume dealt primarily with the
geological underpinnings of the Alberta oil industry, the operation of oil markets, and the attempts by
economists to build models to help us understand the
workings of the oil-supply process and make better
forecasts of future petroleum production. That is, the
perspective was largely from the ‘private’ viewpoint of
non-government decision-makers. (The main exception to this was in Chapter Seven, on the oil sands and
heavy oil, where a number of government regulations
were discussed in some detail.)
Part Three focuses on governmental regulation
of the oil industry. Of course, this separation into the
‘private’ and the ‘public’ is artificial; for example, the
oil prices discussed in Chapter Six were affected by
(and sometimes actually set by) government regulation. This means that there is some overlap of material
in Parts Two and Three, particularly between Chapters
Six (Crude-Oil Output and Pricing) and Nine (Government Regulations: Trade and Price Controls).
The oil industry operates within a web of governmental regulations. The purposes of such regulations
are multifarious. Some, of course, are part of the
necessity for government to establish an environment
conducive to a complicated economic system: laws
governing the ownership of private property and its
use; safety and work regulations for labour; regulations for banks and other capital markets; etc. We take
this broad economic environment as given and focus
on specific regulations related to the oil industry.
By way of introduction, there have been two quite
different perspectives taken by economists on the purpose of government regulation. A standard approach

in conventional ‘welfare’ economics has been to suggest that governments impose regulations in their
position as representative of the public interest. Two
broad objectives are then ascribed to governments.
The first is increasing economic efficiency (which is
often described as correcting problems of ‘market failure’ such as controlling the exercise of excess market
power, offsetting assorted ‘externalities’ [such as pollution] that markets do not recognize or handle inefficiently, and producing goods and services that the
private sector cannot provide efficiently). The second
government objective is making society more ‘equitable’ by appropriate policies of taxation and spending
across different income levels or groups. In the context
of a federal system such as Canada, the efficiency and
equity concerns of different levels of government may
be quite different, opening up the possibility of intergovernmental conflict.
A second approach to understanding government
policies is often called a ‘political economy’ perspective, which sees individuals, including government
decision-makers, as largely self-interested. Government officials are viewed as being highly responsive to
the most vocal and powerful interest groups in society.
These groups tend to be made up of those members
of society who have the most to gain or lose from
particular policy measures; conversely, if the individual is not much affected as an individual, then she is
unlikely to exercise much political influence even if
there are large numbers of people so affected.
We shall adhere in this book to the former, ‘public
interest’ perspective, and bring it to bear on three
main types of government regulation of the Alberta oil

industry. Chapter Nine considers regulations directly
impacting on the operation of the oil market in the
form of price controls or measures affecting the export
or import of oil. Chapter Ten deals with ‘conservation’
in the production of oil in the form of an output control program called ‘market-demand prorationing.’
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Finally, Chapter Eleven examines regulations aimed at
transferring revenue from the oil industry to the government; this might be called ‘oil industry taxation,’
but we prefer to refer to it as fiscal measures to ‘capture’ the economic rent earned by the industry.

CHAPTER NINE

Government Regulation: Trade and Price Controls

Readers’ Guide: The most obvious examples of petropolitics in the oil market are the instances in which
governments elect to interfere with free market prices
and the flows of oil in voluntary exchanges between
buyers and sellers. From the viewpoint of traditional
economic analysis, unless justified by special circumstances such policies are judged to generate inefficiencies in society. Canada, over the years, provides
an interesting case study for a variety of government
policies that have been designed to change the price
of oil and/or to restrict the amount of oil imported
or exported. In this chapter we provide descriptions
and assessments of two significant policy regimes
illustrating quite different market impacts. From the
early 1960s to the early 1970s the National Oil Policy
served to restrict the flow of oil imports into Canada
and to keep the price of Canadian-produced oil
above the world oil price. Immediately following this,
until the mid-1980s, a set of regulations restricted
exports of oil and held the Canadian price below the
world level. This chapter discusses the rationale for
these policies, the impact on various participants in
the oil market, and their economic efficiency.

1. Introduction
In economists’ basic model of the economic market
for a commodity, supply and demand forces interact
to determine an equilibrium in which the market
clears. This model, in its simplest form, abstracts
from the roles played by the government. In fact, in a

mixed capitalist economy such as Canada’s, the presence of the government is ubiquitous. One role is so
much taken for granted as to be almost invisible. It is
widely accepted that some agent is required to set and
enforce the ‘rules of the game’ that allow coordinated
production and exchange in what might otherwise be
a chaotic ‘state of nature.’ This is often seen in terms
of a ‘social contract’: members of society find it to
be in their best interest to agree (for the most part)
to obey the dictates of a government, which in turn
imposes a set of rules and regulations governing the
acquisition and utilization of private property and the
rights of workers selling labourer services. Robbery is
outlawed, so might is no longer always right; slavery
is illegal, so employers may buy labour time but not
indenture people; contracts become enforceable, so
lenders will part with large sums of money and investors undertake productive activities that will not pay
back for years. We do not imply unanimity amongst
citizens on how far this role of government should
extend; admirers of Ayn Rand and other libertarians
may debate long and hard with social democrats and
those of more collectivist views. For our purposes,
however, we shall take the institutions of contract law,
labour codes, and property rights (including the rule
of capture, under common law) as given and focus on
the additional government programs that have been
devised with specific petroleum-related objectives
in mind.
This chapter deals with regulations that set the
price of oil and direct exchange (or trade) conditions.
Of course many other programs, such as prorationing
regulations (discussed in Chapter Ten) and taxation (discussed in Chapter Eleven), also have had

an impact on the supply of and/or demand for oil
and therefore indirectly affect market prices and/or
quantities.
Why might the government feel moved to step
into the market to affect directly oil prices or the
process of exchange? In the Canadian context three
main justifications have been employed.
Equity concerns. For obvious reasons, all else
being equal, oil consumers prefer lower crude
prices and oil producers (and the owners
of oil-bearing land, especially the western
provincial governments) prefer higher
prices. Geographical disparities heighten the
importance of these distributional concerns. It
is true, of course, that oil consumers are spread
throughout the country, as are shareholders
in the oil companies, but the weight of crudeoil-producing interests clearly lies in Alberta
and adjacent parts of the Western Canadian
Sedimentary Basin. It is also noteworthy
that a significant proportion of oil company
shareholders are non-Canadian. At the same
time consumers predominate in the provinces
east of Saskatchewan.
(ii) Oil as a ‘special’ commodity. Oil is not just any
other good but an essential input for a modern
industrial economy, especially in the short-run
when most of our transportation and some
of our residential heating and industrial process capability is irrevocably based on refined
petroleum products. Moreover, international
petroleum supplies, centred so heavily in the
unstable Middle East, are subject to unpredictable disruptions (vis., 1948; 1956–57; 1967–68;
1973–74; 1978–80; 1990–91; 2003–4). Can
unregulated markets be relied on to make decisions regarding Canadian oil supplies that are
in the best interests of the country?
(iii) Oil as a depletable natural resource. Conventional crude oil is available in (unknown) but
limited quantities as a resource in nature; it
is a depletable and non-recyclable natural
resource. Once again, it has been questioned
whether unregulated crude oil markets will
give adequate recognition to this. Might not
producers tend to export low-cost reserves to
foreign users at low prices, forcing Canadian
consumers later on to rely on high-cost domestic reserves or imports? (See, for example,
Laxer, 1970, 1974; Willson, 1980.) In many
cases this argument is tied to the interests of
foreign-controlled oil producers, though the
(i)
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connection is not essential to the argument,
and most Canadian-controlled firms have been
as eager to see high output rates and, usually,
exports, as the multinationals.
Chapter Six, in its discussion of output and prices,
noted the importance of various government programs. This chapter will follow that one in treating
separately three different time periods: the National
Oil Policy (NOP) years 1961–72; the price control
and National Energy Program (NEP) years 1973–85;
and the deregulation and Canada–U.S. Free Trade
Agreement (FTA) and North American Free Trade
Agreement (NAFTA) years, 1985 until now. In each
case, we shall first set out the main regulations and
some elements of the policy discussions that preceded their introduction. We then discuss the impact
of the regulations with particular emphasis on their
economic efficiency. Before the more detailed historical analysis, we shall briefly review constitutional
responsibilities over natural resources such as oil and
natural gas, which are of such importance in a federal
state like Canada.

2. Constitutional Responsibility over
Petroleum
The precise division of jurisdiction over energy matters between the federal government and the provinces reflects both legislative acts and ongoing judicial
interpretation. (For detailed discussion of the federal
division of powers regarding energy, see LaForest,
1969; Helliwell and Scott, 1981; Lucas and McDougall,
1983; and Cairns, 1987. The Alberta Law Review each
year has a section on oil and gas law, which frequently
includes papers reviewing the past year in Canada
and which detail any constitutionally significant laws,
regulations, or cases.) Up to 1982, the prime determinant of the division of powers was the British North
America (BNA) Act (1867, with numerous amendments
over the years passed by the UK Parliament). Since
repatriation in 1982, it has been the Constitution Act
(or Canada Act), as ratified by Ottawa and all the
provinces except Quebec. The Constitution Act transferred all constitutional authority to Canada; it incorporates the various BNA Acts as part of the Canadian
Constitution as well as such new features as the Bill of
Rights and formulae for amending the constitution.
The BNA Act of 1867 (UK Statutes 30–31 Victoria,
chap. 3) set out the basic division of powers between
Ottawa and the provinces. Sections 91 and 92 are of

prime relevance. In Section 91 the federal government
is assigned responsibility for the “Peace, Order and
good Government of Canada in relation to all matters
not coming within the Classes of Subjects of the
Act assigned exclusively to the Legislatures of the
Provinces.” In addition to this residual authority, a
list of specific areas of responsibility to the federal
Parliament includes: “(2) Regulation of Trade and
Commerce” and “(3) The raising of money by any
Mode or System of Taxation.” The list of “Exclusive
Powers” of the provinces includes (Section 92):
“(2) Direct Taxation,” “(5) The Management and Sale
of the Public Lands,” “(13) Property and Civil Rights
in the Provinces,” and “(16) Generally all Matters of a
merely local or private nature in the Province.” Section
91 and 92 dealt with the power to “make laws”; Section
109 held that, for the original four constituents of
Canada (New Brunswick, Nova Scotia, Upper Canada,
and Lower Canada): “All Lands, Mines, Minerals
and Royalties” belonging to the separate constituents
would remain under provincial ownership and
control. Section 125 of the BNA Act prohibits the
imposition of taxes on land belonging to Ottawa or
the provinces.
Alberta became a province of Canada in 1905,
but it was not until the BNA Act 1930 (U.K. 20–21
George V, chap. 26) that it was given authority over
the remaining Crown rights on land and minerals in
the province. This act gave constitutional authority to
the Alberta Natural Resources Act (Canada Statutes
20–21 George V, chap. 3), which in turn recognized an
agreement negotiated between Ottawa and Edmonton regarding Crown lands. Crown rights over a
small part of the province, in National Parks and on
Indian Reserves, remained in the hands of the federal
government.
From this description of powers, some possible areas of conflicted jurisdiction over petroleum
resources can be seen. To what extent might the
federal authority over trade and commerce interfere
with provincial responsibilities for property and civil
rights? What about the joint sharing of the direct taxation field and exactly what is a direct tax? How far
does the provinces’ control of Crown lands, mines,
minerals, and royalties extend? Since this is not a
study of the legal aspects of Canadian petroleum, we
shall not pursue these issues in any depth. We would
note that the majority of Alberta’s petroleum has been
found on provincial Crown land, and that the province has exercised its powers to govern the conditions
of access to such land and payments associated with
its use and the royalties assessed on petroleum production. Some oil and gas is produced from freehold

or federal Crown land within the province, and the
province has introduced legislation governing activity
with respect to this oil and gas as well as that from
provincial Crown land. Included here are ‘conservation’ regulations governing production practices, land
use, etc., and regulations requiring permits before
natural gas can leave the province. The federal government has long acted to regulate pipelines that cross a
provincial border (to other provinces or the United
States) and natural gas exports. Corporate income
taxes on the petroleum industry have been shared
between the two levels of governments.
Until the 1970s responsibilities over petroleum
resources seem to have been shared between the federal and provincial governments in a largely amiable
manner. These friendly relations eroded after 1972
when the federal government moved to exercise direct
control over oil and gas prices and to introduce new
taxes on crude petroleum production and oil and gas
exports. In some instances, the action taken involved
joint federal-provincial agreement, but at other
times – most notably in the Natural Energy Program
of October 1980 – Ottawa acted alone. Eventually the
governments agreed on how to handle these areas of
shared jurisdiction, though some difficulties in interpretation of the Canada Act remained.
The contentiousness of energy policies in the
decade after 1972 may also help explain the special
attention given to natural resources in the Constitution
Act of 1982. An additional schedule (“The Sixth Schedule”) was added to the act, which carefully defined
“non-renewable and forestry resources,” indicating
that the term refers to primary production but does
not include refined petroleum products. In addition,
Section 50 adds an entirely new section, Section 92(A),
to the BNA Act. It reads:
92A. (1) In each province the legislature may
exclusively make laws in relation to
(a) exploration for non-renewable natural
resources in the province
(b) development, conservation and management of non-renewable natural
resources and forestry resources in
the province including laws in relation to the rate of primary production
therefrom.
(2) In each province the legislature may make
laws in relation to the export from the
province to another part of Canada of the
primary production from non-renewable
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natural resources and forestry resources
in the province …, but such laws may not
authorize or provide for discrimination in
prices or in supplies exported to another
part of Canada. …
(4) In each province the legislature may make
laws in relation to the raising of money
by any mode or system of taxation in
respect of
(a) non-renewable natural resources
and forestry in the province and the
primary production therefrom …
whether or not such production is
exported in whole or in part from
the province, but such laws may not
authorize or provide for taxation that
differentiates between production
exported to another part of Canada
and production not exported from the
province.
In essence this section affirms the very broad nature
of the provinces’ powers with respect to primary
resources (including those not on Crown land), so
long as the exercise of powers does not involve prices
or taxes that discriminate against other parts of
Canada.

3. The National Oil Policy (NOP):
1961–73
A. The Policies

1. Background
Recall the discussion of Chapter Six. The 1947 Leduc
discoveries stimulated a surge of oil-directed exploration in Alberta that rapidly built up crude oil reserves.
New markets were established for Alberta oil by construction of the Trans Mountain Pipeline westward
from Edmonton, reaching the Puget Sound in Washington State by 1954, and the Interprovincial Pipe Line
(IPL) east from Edmonton reaching Toronto (Port
Credit) in 1957. Crude oil prices were set so as to be
competitive in the relevant watershed market, necessitating price declines as the market was extended further into central Canada, and, otherwise, following the
delivered price of U.S. crude in the watershed market.
(Recall, from Chapter Three, that the ‘watershed’
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market is that market in which the delivered price of
oil from two or more different regions is equal, so it
serves as the competitive interface for the producing
regions.) The operation of the major pipelines as
common carriers and market-demand prorationing,
implemented by the Alberta government, ensured
that all producers had access to the market and that
market expansion occurred in an ‘orderly’ manner;
it also contributed to a situation in which there was
high excess capacity in Alberta, with oil output in the
late 1950s at less than 50 per cent of available crude
production capacity. By 1959 international crude oil
prices were beginning to decline, though U.S. prices
were not, therefore shifting the competitive supply
source in the Ontario market away from U.S. (e.g.,
Illinois) crude to Venezuelan and other international
supplies. Oil producers, and the Alberta government,
were eager to find new markets for Alberta oil, but
there was disagreement about where to look – some
were drawn to Quebec, others to the Midwest U.S.A.
The latter possibility was problematic. The U.S. government, pushed by domestic oil-producing interests,
had long been applying pressure on the major oil companies and U.S. refineries to limit oil imports; then, in
1959, the mandatory U. S. Oil Import Quota Program
(USOIQP) was implemented.
With the important exception of market-demand
prorationing (Chapter Ten), the crude oil market in
Canada up to the late 1950s had developed in a largely
unregulated manner. The two major crude oil pipelines were incorporated under federal statute and subject to federal regulations under The Pipeline Act (13
George VI, 1949, chap. 10). Under this act the Board
of Transport Commissioners was given responsibility to issue orders governing the construction of
pipelines under federal jurisdiction and could, if it
wished, declare oil pipelines to be common carriers
(Section 39) and regulate traffic, tolls, and/or tariffs
(Section 40).
In 1955 Parliament passed the Exportation of Power
and Fluids and Importation of Gas Act (1955, chap.
14), which gave the Governor in Council authority to
require licences from the government in the export of
petroleum and the import of natural gas. McDougall
(1973) argues that the act was introduced largely due
to concerns about natural gas exports from Ontario; it
was never used to restrict crude oil shipments out of
Canada.
Opposition to a Montreal pipeline was centred
in, though not exclusive to, the major oil companies
with Montreal refinery operations as well as Canadian crude production. The majors had reason to
be concerned about the displacement by western

Canadian oil of Venezuelan and Middle Eastern crude
supplied by their affiliates. Opponents of the extension to Montreal stressed the undesirability of both
price declines for western crude and new regulatory
schemes that would impose costs on Montreal consumers or Canadian taxpayers. Moreover, it was asked
“What happens if Middle Eastern or South American crude producers drop their prices to retain this
market?” (Canadian Oil Companies, 1958).

2. The Borden Commission and the National Energy
Board (NEB)
In October 1957 the newly elected Conservative minority government appointed Henry Borden to head a
Royal Commission on Canadian Energy. The Orders
in Council establishing the Commission (P.C. 1957 –
1386), noting Canada’s large energy resources base,
argued that “the increasing need of energy for the
growing industrial requirements of Canada renders it
of the greatest importance to assure the most effective
use of those resources in the public interest.” It further
noted the importance of ensuring “that present and
future Canadian requirements for energy are taken
fully and systematically into account in granting
licences for the export of energy.” Under the Order in
Council, the Borden Commission was instructed to
make recommendations on four specific matters (as
well as any others it saw fit):
(i) the export of energy;
(ii) “the regulation of the transmission of oil and
natural gas between provinces or from Canada”;
(iii) the duties of a National Energy Board (NEB),
which the government intended to set up; and
(iv) specific measures regarding Trans-Canada
Pipelines Ltd., the natural gas trunk line which
government policy had insisted be laid entirely
in Canada, instead of looping into the U.S.
below the Great Lakes as IPL had done.
In this chapter, the recommendations regarding crude
oil will be summarized. (Readers will also wish to
refer back to the relevant section of Chapter Six. Breen
(1993, pp. 457–65, 468–81) provides a thorough discussion of the Borden Commission and its hearings.) The
First Report of the Borden Commission was issued in
October 1958 and dealt largely with the responsibilities
of the NEB and with natural gas. The Commission’s
recommendation that oil imports be subject to annual
licensing was not adopted (Borden, 1958, p. 26). Nor
was the recommendation that it be made “mandatory” for the Board of Transport Commissioners to

regulate the “traffic, tolls or tariffs of oil pipeline companies subject to the jurisdiction of the Parliament of
Canada” (Borden, 1958, p. 27). The Commission felt
that a different body should be responsible for assessing Canadian energy needs and issuing licences of
approval for activities than was responsible for examining shipment tariffs.
Chapter 3 of the Borden Commission’s First Report
concerned the NEB, with twenty recommendations
(Borden, 1958, pp. 43–48). Key recommendations
with respect to crude oil were: (i) requirement of an
NEB licence for all international or interprovincial oil
or oil-product pipelines; (ii) requirement of annual,
non-transferable licences for crude and product
imports; and (iii) NEB administration of oil export
licences. In addition, the NEB would have broad
responsibilities for providing information on Canadian energy matters to the public and making energy
policy recommendations to the government.
The National Energy Board Act was passed in
1959 (Statutes, 1959, chap. 46). (Winberg, 1987, chap.
9, looks at the structure and responsibilities of the
NEB.) It established a five-member board, with each
member appointed by the Governor in Council for
a seven-year term. To some degree, its mandate was
patterned on the Alberta Oil and Gas Conservation
Board (OGCB) and indeed its first chairman (Ian
McKinnon) was formerly chair of the Alberta Board.
The NEB was set up as a court of record, with powers
to hold hearings, examine documents and witnesses,
and issue orders on matters under its jurisdiction. The
NEB was given ongoing responsibility to monitor Canadian energy industries and issues of concern to federal policy and to report to and advise the government
as “it considers necessary or advisable in the public
interest” (Part 2, Section 22). Under Parts II to IV of
the act, the board was given the responsibility to issue
certificates governing the construction and operation
of oil and gas pipelines under federal jurisdiction and
the power to issue orders “with respect to all matters
relating to traffic, tolls or tariffs” (Part IV, Section 50).
While Part VI, Section 81, required licences for the
export or import of natural gas, Section 87 allowed
that the Governor in Council could extend this
requirement to oil. This was not done in the 1960s.
The Second Report of the Borden Commission
(Borden, 1959) dealt entirely with problems of the
Canadian oil industry, particularly those related to
the desire for expanded markets. (The discussion that
follows is based largely on Bradley and Watkins, 1982.)
In 1958, the Canadian oil market and pricing structure
appeared to be in equilibrium. Canadian markets were
supplied by three main sources – western Canada,
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Venezuela, and the Persian Gulf. The Atlantic provinces and Quebec drew from the latter two sources,
B.C. and the prairies from the former. Ontario used
largely western Canada crude plus some from Venezuela and a significant volume of refined products
from Montreal. Flows of U.S. crude into Ontario
had become negligible. Alberta oil prices, in 1958,
made Canadian-produced crude just competitive
with U.S.-produced crude in the mid-continent
northern states (e.g., Minnesota) but were not so
high as to attract large volumes of foreign crude into
the Toronto/Sarnia markets, nor so low as to make
Alberta oil competitive with foreign crudes in Montreal. As was summarized in Chapter Six, a report prepared by a U.S. petroleum consulting firm, Walter J.
Levy, Inc., for a group of oil companies for submission
to the Borden Commission, estimated that Alberta oil
delivered to Montreal would cost $0.12/bbl more than
Venezuelan crude (Levy, 1958, p. II-18).
This possibility of extending deliveries of
Canadian-produced crude oil to the Montreal market
was the most widely discussed option in submissions
made to the Borden Commission. It was advocated
with particular force by many of the western Canadian
‘independents,’ crude oil producers without any
ownership (either directly, or indirectly through some
parent corporation) in refinery operations, and generally without any large crude oil production outside
Canada, and certainly not outside North America. It
was recognized, as the Levy analysis demonstrated,
that Canadian crude was not competitive in Montreal.
Levy (1958, p. viii) had concluded that “to establish
Canadian crude at Montreal would therefore not only
require the efforts of the Canadian oil industry to
achieve competitive equality with foreign crudes. It
would probably further require an explicit formulation of public policy in support of Canadian markets
for Canadian oil.” In essence, it was argued that it
was desirable to attach western Canadian crude to
the Montreal market, but not to reduce the price of
Canadian-produced oil. This would require a formal
public policy, such as direct subsidies to Montreal
refineries purchasing Canadian crude, voluntary or
mandatory oil import quotas and/or oil import tariffs. It was also suggested that pricing practices might
be implemented that cross-subsidized Canadian oil
moving into the Montreal market. For example, the
pipeline tariff on oil moving from Alberta to Montreal
could be held at the level that made the Alberta oil
competitive with foreign crude, and the tariff on other
oil shipments (e.g., ‘short-haul’ crude) increased to
recover the full cost of the Montreal line. Alternatively,
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price discrimination might be practised on crude oil
itself, with a lower field price for sales in Montreal;
this would raise formidable administrative problems,
however, to ensure that the less-profitable crude oil
sales were fairly allocated across all provinces. Most
proponents of a Toronto–Montreal pipeline extension
argued that such government intervention would
be an enlightened move toward Canadian energy
self-sufficiency and greater national security.
An alternative strategy was recommended by
the majors (e.g., Imperial Oil Ltd., 1958). Under this
proposal, the Ontario market would be reserved for
Canadian crude oil (backing out some imported oil,
mainly, as noted above, refined petroleum products
shipped from Montreal). In addition, crude oil exports
to the United States would be increased. The latter, as
the majors recognized and critics emphasized, would
require some special recognition of Canadian crude
under the recent U.S. Oil Import Quota Program
(USOIQP).
In July 1959 the Borden Commission’s Second
Report appeared, recommending, at least as a first
strategy, the proposals of the major oil companies. The
Report included a detailed review of the development
of the Canadian oil industry up to 1959, and summarized the major arguments about a Montreal pipeline.
The Commission noted excess oil-producing capacity
and concluded “[h]aving regard to the trends in the
discovery and growth of reserves in Canada, future
Canadian requirements will not be jeopardized, in
our opinion, if exports of crude oil are permitted and
encouraged. Consequently, we do not feel that such
licensing of exports by pipe line as has heretofore prevailed need now be continued” (Borden, 1959, p. 125).
Both the appeal of and the problems with
extending Canadian crude oil pipelines into Montreal
to secure a larger Canadian market were thoroughly
discussed, along with methods to achieve such an
objective. For example, (Borden, 1959, p. 130):
In our opinion a customs duty … would, in
itself, be of doubtful value in securing the construction of the pipeline facilities. The vendors
of the foreign crude oil to the Montreal refiners
might well be prepared to make, either directly
or indirectly, substantial reductions in posted
prices in order to preserve the Montreal refinery area. … Furthermore, the imposition of
a nation-wide customs duty might have the
effect of raising, unnecessarily in our view,
the internal cost of a vital source of energy to
Canadian consumers.

The Commission also considered the suggestion
“that a county conserves its resources of crude oil by
importing foreign crude …,” but went on to remark
that (Borden, 1959, pp. 130–31):
… the effect of such imports of foreign crude
on exploration for and development of Canada’s resources must be considered. The primary ability to make expenditures for exploration and development comes from the actual
and anticipated revenues from production. If
expenditures on exploration and development
are not incurred, the oil reserves may neither
be discovered nor developed and therefore
would not be readily available for future use. …
A healthy, strong and vigorous Canadian
oil industry is clearly essential not only from
the point of view of its importance to the
Canadian economy but because this country
should have ample supplies available to enable
it, if necessary, to meet its own requirements
as well as to supplement those of other countries which, during an emergency, might be
dependent upon North American sources of
supply.
The existence of high excess capacity undermined
continued active exploration and development, so
that the “problem is how best to increase the level
of production of the oil industry in Canada to the
point where such production will sustain a strong and
healthy industry without adversely affecting the cost
of energy to the Canadian consumer” (Borden, 1959,
p. 133). Moreover, (p. 136):
Conditions of uncertainty and overproduction in the world oil industry are
likely to continue for some years and world
oil prices may decline further. If they do and
the reduction is substantial and is reflected
in lower well-head prices for Canadian crude
oil, the results would be very serious for the
Canadian industry.
The conclusion was (p. 138):
… that if there were an effective national
policy ensuring the use of Canadian crude in
domestic markets, now accessible by pipeline,
and encouraging the use in those markets of
products refined from Canadian crude, and
if Canada were successful in the immediate

future in substantially increasing its exports of
crude oil to the United States, the production
of Canadian crude could be maintained at a
level adequate to sustain a strong industry and
to provide the incentive for further exploration
and development.
We have in mind a target level of production by the end of 1960 approximating 700,000
barrels per day.
Increased Canadian oil output, from the 1958 level
of about 460,000 b/d, would, therefore, come from
both displacement of crude imports and Montrealrefined products in Ontario and increased exports.
The Commission noted that a procedure of import
licensing might be needed to achieve this end and that
“[t]his system of licensing would lay the foundation
for the building of pipeline facilities to transplant
Canadian crude to Montreal, if and when it becomes
necessary and desirable that they should be built”
(Borden, 1959, p. 141).
The government’s receipt of the Borden Second
Report was followed by declines in the international
price of oil later that year, and again in 1960, thereby
raising even further the cost of adding a protected
Montreal market for Canadian crude producers.

3. The National Oil Policy
On February 1, 1961, Hon. George Hees, the federal
Minister of Trade and Commerce, announced the
National Oil Policy, basically ratifying the Borden
Report recommendations. Adoption of the policy by
producers and refiners was voluntary, though the minister reminded industry that the government could
always introduce compulsory regulations under Section 87 of the NEB Act which gave the NEB the power
to require authorization (licences) for imported and/
or exported oil (crude and products). The government
set a production target level of 640,000 b/d in 1961,
rising to 800,000 b/d by 1963, and noted that:
These targets are to be reached by increased
use of Canadian oil in domestic markets west
of the Ottawa valley, and by some expansion of
export sales largely in existing markets which
can be reached through established pipelines.
The growth in domestic use is predicated
in particular on substituting in Ontario markets west of the Ottawa valley products refined
from Canadian crude for those now supplied
by foreign crude. …
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The increase in exports which is integral to
the government’s program is wholly consistent
with the growth of sales of Canadian oil
contemplated when exemption from United
States oil import controls was established,
under which Canadian oil is relatively free to
move into the United States by overland means
of transportation. (Debates of the House of
Commons, 9–10 Elizabeth II, Vol. II, 1960–61,
pp. 1641–42).
The NOP was monitored by the NEB. The 1961 to 1963
production targets were successfully met. A target of
850,000 b/d was set for 1964 and surpassed. No further output goals were set, but production continued
to rise. The NOP continued until 1973, on a voluntary
basis with one exception. Rising movements of motor
gasoline across the NOP line induced the NEB, in 1970,
to institute licensing of motor gasoline imports into
Canada. Bertrand (1981, p. 42) shows imports and
transfers of motor gasoline by independent refineries
and distributors rising from 1,938 b/d in 1964 to 10,482
in 1970. These figures exclude Gulf, Imperial, Shell,
Texaco, and B.P.

4. The U.S. Oil Import Quota Program (USOIQP)
The success of the NOP depended upon the ability
of Canadian crude producers to increase exports to
the United States, which hinged on the treatment of
Canadian oil under the USOIQP. Complete descriptions of the genesis and impact of the USOIQP can be
found elsewhere (e.g., Shaffer, 1968; Adelman, 1972;
U.S. Cabinet Task Force on Oil Import Control, 1970;
Watkins, 1987a). We shall summarize the main provisions as they applied to Canada.
Prior to 1942, crude oil and refined petroleum
product prices in international trade were generally
based on U.S. Gulf Coast prices, but after that Middle
Eastern oil began to become relatively less expensive.
By the early 1950s, significant volumes of crude from
the Persian Gulf were beginning to move into the
United States, much to the alarm of domestic U.S. oil
producers. Concern about declining markets and/
or prices was often clothed in expressions of concern
about U.S. national security. The U.S. government
worked with the major oil companies in the mid-1950s
to introduce voluntary oil import limits, but without
complete success. (Bradley and Watkins, 1982, pp.
78–80, provide an overview of the voluntary program
and point out that U.S. oil imports rose from 8 per
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cent of U.S. demand in 1950 to 12 per cent by 1956.
Also see Adelman, 1972.)
On March 10, 1959, mandatory limitations on
crude oil imports were imposed by presidential
decree, ostensibly for national security reasons under
the Trade Agreement Extension Act (Proclamation
#3379, 24 F.R. 1781). National security was a legitimate cause for protectionist acts under the multilateral
GATT (General Agreement on Tariffs and Trade). The
scheme was complex and became increasingly so. The
broad outlines will be sketched here.
It is important to recall that the combination of the
USOIQP and market-demand prorationing in the main
U.S. producing states, especially Texas, held domestic U.S. oil prices above international prices from
1957 through 1972. With falling international prices
from 1959 through 1970, the discrepancy widened,
from perhaps $0.30 (US) per barrel in the late 1950s
to $1.50/b by the end of the 1960s (Adelman, 1972).
Refined petroleum product prices (and crude oil
values) were based on the higher U.S. prices, so that
anyone allowed to import cheap international crude
oil automatically derived an extra profit. Expressed
in other terms, the quota limitation prevented international oil supplies from driving U.S. prices down
to the international level and meant a windfall gain
to those refiners who were allowed to buy international oil.
How, then, were the quota volumes determined,
and who was allowed to buy cheap international oil?
Under the USOIQP, the United States was divided into
two market areas, with different quota regimes. PAD
(Petroleum Administration District) V consisted of
the West Coast states, and imports were allowed to fill
the gap between District V consumption and District
V production (presumably at prevailing U.S. crude
oil prices). The rest of the continental United States
comprised PADs I to IV; here imports equal to 9.6
per cent of consumption (“demand”) were allowed, a
value that was changed in November 1962 to 12.2 per
cent of PAD I to IV production. The right to purchase
imported oil was given to individual refiners in PAD
I to IV. All U.S. refineries received such allocations
whether they imported oil or not, but particularly
large allocations were given to “historical” importers;
these were refineries that had been importing oil for a
number of years and had been recognized under the
earlier voluntary oil import controls. Higher refinery
throughput generally meant the right to import more
oil, or as it was called, a higher import “ticket.” What,
then, happened to tickets awarded to refiners that did

not have a need to use them? The tickets could not be
sold directly, so what value would the right to import
oil have to a refiner in Montana or Minnesota with no
direct access to cheap Venezuelan or Middle Eastern
oil? Value was assured since the import tickets could
be traded for domestic U.S. crude oil. For example,
suppose that the price of U.S. crude oil was $3.00/b
and Middle East oil were available delivered to the
East Coast for $2.00/b. Then Refiner A in Minnesota
could trade the ticket for one barrel of oil imports to
Refiner B in Philadelphia in return for 1/3 of a barrel
of domestic crude. The ticket therefore has a value
of $1.00 (1/3 times $3.00). Refiner A could now purchase an additional 2/3 of a barrel of domestic crude,
thereby receiving a full barrel for an expenditure of
$2.00. Refiner B could import one more barrel of
foreign oil for $2.00, and a total cost of $3.00 including the cost of the ticket bought from Refiner A. In
this way, the benefits of importing low-cost foreign oil
could be shared by all refiners, while the actual inflows
of foreign oil would be to the most economic markets
(farthest from domestic U.S. production and on the
east coast).
Now, consider the position of Canadian oil under
the USOIQP. The U.S. Cabinet Special Committee,
which recommended mandatory oil import controls,
did not advocate preferential treatment for Canada but
did recommend special allocations for refiners unable
to obtain sufficient domestic oil. Preferential treatment
for Canadian oil in the Midwest was thus implied. The
original presidential proclamation of March 10, 1959,
applied to all U.S. oil imports. If Canadian oil were
treated like all other imported oil, it would appear
attractive to U.S. refiners only if priced competitively
with other foreign crudes, allowance being made,
of course, for location and quality differentials. (To
continue the example of the previous paragraph, why
would Refiner A in Minnesota use its crude oil import
ticket to buy Canadian oil at $2.60/b when its ticket
plus $2.00 would give it a barrel of domestic oil?)
Special treatment of Canadian oil in U.S. markets was,
therefore, essential to the strategy advocated by the
majors, the Borden Second Report and the NOP.
On April 30, 1959, a presidential proclamation
excluded overland imports from Canada and Mexico
from the maximum allowable imports into the United
States, except if the overall level of imports increased
to an extent to seriously affect the intent of the
USOIQP (Proclamation #3290 [24 F.R. 3527]).
The reasons for the change in Canadian status
were not given, but two plausible ones come to mind.

First, under the national security rationale, Canada
qualified as a safe and secure source of supply. At the
same time, it did not pose a great threat to domestic
production because Canadian oil was not competitive
beyond the northern border region. Second, the possibility remained of Canada extending the Interprovincial Pipe Line to Montreal to displace Venezuelan
imports in the Montreal market, which would have
had serious repercussions for Venezuela. Canada was
its second largest customer (16 per cent of Venezuelan
crude oil exports went to Canada) (Shaffer, 1968,
p. 122). The significance of such a threat to the political
and economic stability of Venezuela would not have
escaped the notice of the U.S. State Department. The
treatment of Venezuela under the import program had
always been a sensitive issue. In the original import
control proclamation, reference was made to special
hemispheric interests involving Canada and Venezuela; it was intended that such interests be accommodated in the program. When exempt Canadian
supplies displaced Venezuelan exports to the United
States, Venezuela lobbied about what it saw as unequal
treatment.
Exemption from mandatory quotas made
Canadian oil more acceptable, but an offsetting aspect
was an implicit penalty imposed on U.S. refiners using
Canadian crude. Any refiner with access to Canadian
crude could import it without a licence, but exempt
imported crude did not count as refinery input in
assigning import quotas. Only offshore and domestic
crude qualified for this purpose. Consequently, the
loss of import tickets from using Canadian crude
constituted a clandestine tariff on it. This penalty
on Canadian oil ensured that prices for Canadian
crude oil remained below U.S. prices (as Chapter
Six showed). However, the exemption from the U.S.
import quota meant that the Canadian price could
exceed the international price. Canadian oil thus had
unique status in the U.S. market, neither like other
imported oil nor equivalent to domestic U.S. production. Refiners with access to Canadian oil faced no
explicit limits on their purchases, but, because purchase of Canadian oil reduced their import tickets,
they were not willing to pay the full U.S. domestic
price.
In November 1962, there were several changes
to the USOIQP that affected Canada (Proclamation
#3509, 27 F.R. 11985). One was a more rapid reduction of historical quotas for those refineries using
Canadian crude oil. These refineries used their
quotas to send foreign crude oil to coastal refineries
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in exchange for domestic crude, mainly from North
and South Dakota and Montana, leaving Canada very
much a residual supplier of crude oil at such refineries
(Shaffer, 1968, p. 160). The more rapid phasing out of
historical quotas lowered an important entry barrier
to Canadian oil. However, a 1968 decision to set a
floor for historical allocations effectively guaranteed a
minimum market for United States domestic crude at
these refineries via the quota exchange route.
Another change that had a direct effect on Canada
was the change in November 1962, noted above, in the
basis of setting the overall level of imports for Districts
I–IV. The maximum level of imports for any sixmonth period was changed to 12.2 per cent of U.S. oil
production (‘supply’) from 9.6 per cent of U.S. oil consumption (‘demand’). The permitted level of overseas
imports was established by deducting the estimated
volume of overland imports from total authorized
imports. This established a definite, though theoretical, upper limit on Canadian and Mexican imports.
More important was the way additional Canadian
imports directly displaced offshore imports, raising
concern that the curtailment in overseas supply would
reduce the supply of crude oil that might otherwise
end up in the hands of independent refiners and dealers competing in eastern seaboard markets. Regardless
of the merits of this argument, it was significant that
Canadian oil was perceived as a threat in certain areas.
The combination of the imports of Middle East
oil into eastern Canada and shipment of western
Canadian crude to the United States was also seen by
some in the United States as a rather costly way of circumventing the import program, especially before the
1962 inclusion of ‘exempt’ Canadian oil in the overall
import umbrella. The argument was that imports of
low-cost Middle East oil into eastern Canada released
western Canadian oil to be sold at higher prices in the
United States market. According to this view, there
was still no improvement in security of oil supplies
to the hemisphere and, in effect, Canada had served
as a conduit for offshore oil to enter the United States
market but at the higher Canadian price. Eastern
Canadian consumers benefited at no cost to Canadian
oil producers. The United States government made it
clear that it did not approve of Canada increasing its
oil exports to the United States by importing more
foreign crude into Canada. Protection of Canadian
markets under the National Oil Policy helped assuage
these concerns, since markets west of the Ottawa
River Valley would be served by Canadian oil despite
the appeal of sales in the United States.
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During the 1960s the Canadian and United States
governments were frequently in contact about exports
of Canadian oil to the United States. In 1967, the discussions culminated in an initially secret agreement,
before the Interprovincial Pipe Line was extended
to Chicago. This agreement sought to allay United
States concerns by limiting the growth of Canadian
crude oil exports. Canadian crude oil exports were
apparently still seen as menacing the goals of the U.S.
program in 1970, because in March of that year the
first mandatory ceiling on Canadian crude imports to
the United States was imposed (Proclamation #3969
[35 F.R. 4321]).
By 1973, rising demand in the United States for
crude oil could no longer be met under the quota
system and in April of that year the mandatory system
of oil import quotas was abolished (Proclamation
#4210 [38 F.R. 4645]). It was replaced by a system
of licence fees for oil imports. The licence fee was a
continuation, at a slightly higher level, of the duty on
imported oil that had been in effect during the voluntary and mandatory oil import programs. (The tariff
on crude rose from 12.5 cents per barrel to 21 cents.)
For the remainder of 1973, exemption from licence
fees was granted to certain volumes of Canadian oil
imports; the degree of exemption was to decline annually. But these provisions became irrelevant after 1973
as Canada itself increasingly restricted exports of oil
to the United States, as the NOP was abandoned.
From this discussion of the terms of access for
Canadian oil under the USOIQP, two points should
be clear. First, Canadian oil occupied a special position. Second, although Canadian oil was given special treatment, its penetration into U.S. markets was
constrained in various ways. The reason for special
treatment was simple. The legal justification for the
USOIQP was security of supply, and Canadian oil
transported overland to the United States was seen
as more secure than overseas oil. Hence the decision
to exempt Canadian oil from the formal quota provisions. But Canadian oil never enjoyed unrestricted
access to U.S. markets. As we have seen, various
impediments emerged: hidden tariffs, quota exchange
provisions, secret agreements, intergovernmental
discussions, and the like. Nevertheless, some lobbies
in the United States remained wary of the exempt
status accorded to Canadian oil, in view of the fact
that world oil had free access to eastern Canada. Over
time, the security of supply objective of the USOIQP
tended to be neglected and protection per se became
the paramount issue.

B. Economic Analysis of the NOP

Price

Initially we shall discuss the effects of the NOP, in
‘positive’ or descriptive terms; then we shall look at
its economic efficiency (i.e., from an evaluative or
‘normative’ point of view).
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1. Effects of the NOP
Analysts sometimes fail to remark on the often difficult first step in describing the impact of a government policy – determining what would have occurred
in its absence. It is hard enough to know what has
actually happened in the world, without speculating
on hypothetical worlds, which, one assumes, have
their own virtual reality. In the present instance, the
NOP lasted for over a decade (1961–72) in an evolving world oil market with active policy-makers in
addition to the Canadian federal government (most
significantly, the U.S. government with its USOIQP).
No one can know exactly how the Canadian crude oil
industry, Canadian and U.S. oil refiners, the Alberta
government and Oil and Gas Conservation Board
(OGCB) and the U.S. government would have behaved
in the absence of the NOP. But the following seems, to
us, a plausible scenario.
First, the market-demand prorationing regulations
of the OGCB would have continued to operate to hold
excess Alberta crude oil production capacity off the
market, thereby putting primary responsibility for
determining the price and output of Alberta crude oil
on the purchasing refiners. Second, given the IPL connection from Alberta to Toronto, refiners would establish the posted price for Alberta crude oil at a level just
competitive with imported crude oil and refined petroleum products in Toronto. This would have implied
declining crude oil prices in the 1960s as international
prices fell. Third, especially with Canadian oil priced
at the international level, U.S. refiners would increase
their imports of Canadian oil. However, it is not at
all clear that the level of exports to the United States
would have risen beyond that actually observed; the
USOIQP was, after all, designed to limit oil imports to
protect the domestic industry, and international political concerns of the U.S. State Department imposed
limits on the willingness of the United States to see
Canadian oil back Venezuelan and Middle Eastern
oil out of the U.S. market. Moreover, at lower prices,
the U.S. market would have appeared less attractive
to Canadian oil producers. And remember that the
NOP itself set out explicitly to encourage increased oil
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Figure 9.1 Canadian Oil WORV under the NOP

exports to the United States, something that was not
occurring automatically. Also, the lower prices would
make incremental investment in Canadian crude oil
exploration and development less appealing.
Figure 9.1 provides an initial and oversimplified
comparative static picture of the impact of the NOP.
Presumably there was no impact in Canada east of the
Ottawa River Valley (EORV). Consumers imported
foreign oil at the international oil price under the
NOP, just as they would have without the NOP. We
shall not go into the argument that the major international oil companies EORV used their market power
in refining to pay more than the prevailing oil price
to their international crude-oil-producing affiliates,
thereby overcharging Canadian consumers. Bertrand
(1981) argues this forcefully, but the Restrictive Trade
Practices Commission (1984) was not convinced, and
Bernard and Weiner (1992) provide strong contrary
evidence. (See also Bradley and Watkins, 1982.)
Figure 9.1 shows the Canadian crude oil market
west of the Ottawa River Valley (WORV) in terms of
simple supply/demand relationships that abstract
entirely from market-demand prorationing. PI is the
international price, and PU that in the United States.
DC and S show the demand for oil by Canadians
WORV and the supply of Canadian-produced crude
oil. It is assumed that U.S. refiners would find
Canadian oil attractive as soon as the price is far
enough below PU but that a maximum of XY( = DU)
barrels of Canadian crude oil would be accepted. The
total demand for Canadian oil, then is DT (= DC + DU).
The penalties against Canadian oil in the USOIQP
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would keep refiners from buying any until the price
was P* or less. Figure 9.1 shows that without the NOP
the Canadian crude oil market WORV would have
been in equilibrium at point G; Canadian oil would
sell at the international price (PI) and total oil production (OC) would be divided between domestic sales
(OB) and exports (BC). Under the NOP, the Canadian
oil price rose to level PC (less than or equal to P*), with
total output of OD divided between domestic (OA)
and U.S. (AD = XY = DU) consumption.
The NOP was viewed as beneficial by domestic crude oil producers but imposed costs on some
domestic oil consumers. Figure 9.1 can be used to
illustrate these effects. Consumers (WORV) under the
NOP pay a higher price for oil (PC > PI) and purchase
less (OA < OB). Total payments for crude oil change
from OBFPI to OAJPC, which will involve an increase
so long as the demand for crude oil is inelastic (i.e.,
the absolute value of the elasticity of demand is less
than 1, as is certainly true in the short-run, and probably also in the long run). Under the NOP, producers
increase sales of oil from OC to OD, and receive a
higher price (PC > PI). Total receipts rise from OCGPI
to ODMPC . U.S. consumers receive more oil (AD >
BC), but pay more for it (PC > PI), while still paying
less than for domestic U.S. oil (PC < PU).
The total increase in payments to Canadian
producers, as represented by areas PIHMPC plus
CDHG can be separated into a number of different
components:
CDMG is the increased cost of production
of the incremental oil output, including the
various tax and royalty payments made to
governments by the crude oil producers, and
the user cost of lifting the crude;
(ii) PIEJPC is the increase in payments by Canadian
consumers to producers on the oil they buy at
the higher price;
(iii) EFJ is a loss of consumers’ surplus due to
reduced purchases of oil by Canadians as the
price rises (various other measures of consumers’ surplus are possible, see Willig, 1976);
(iv) the remaining area FGMJ is part of the
increased payments by U.S. oil consumers
for their oil imports, including the higher
payments on the oil they would themselves
buy at PI (i.e., area FGLK); U.S. consumers also
pay for the lost value of oil purchases given
up by Canadian consumers (area AJFB) and
the cost of the increased Canadian production
(CDMG).
(i)
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The main weakness in Figure 9.1 is its failure to allow
for the existence of large excess producing capacity
for Alberta crude oil, and the operation of marketdemand prorationing. In effect, there was not a conventional well-defined supply curve for Alberta crude
oil. Thus, for example, without the NOP, Canada could
easily have supplied the full complement of feasible
exports to the United States (i.e., XY = AD). Had this
occurred, the impact of the NOP would have been to
increase Canadian receipts on this oil, but not necessarily to increase the volume of sales. (This implies
that some other force, but a temporary one, was limiting expanded oil sales to the United States up to 1961.
The obvious candidate is uncertainty about whether
Canadian oil policy would force a Montreal pipeline
extension. Until that issue was resolved, pipeline companies and Canadian producers might well be unwilling to expand sales in the United States.)
One might also speculate on the investment
impact of a price rise, if there is significant excess capacity. Why add new reserves when unused productive
capacity is available? Investment stimuli under prorationing will be discussed again in Chapter Ten, but
it was certainly a promise of Borden, governments,
and the industry that the NOP would serve as a positive stimulus to exploration and development. If it
encouraged more output, then any new reserves found
were going to be needed sooner. And if the price were
higher as well, this was only more inducement to
increase investment. It is also important to realize that
the market-demand prorationing regulations ensured
a market for any newly added reserves, so that, all else
being equal, a higher price made investment more
profitable, and the producer did not have to wait
until excess capacity disappeared before beginning
to realize those profits. However, while there was,
under market-demand prorationing, an upward sloping supply relationship for additions to reserves, this
cannot be translated into a conventional rising marginal cost curve for crude oil production, as Figure 9.1
might initially be interpreted.
How large were the price effects of the NOP? They
most certainly varied over time, since international
oil prices declined after 1960, and then rose again in
the early 1970s. The precise values would, of course,
differ for various grades of crude oil. Table 9.1 presents approximate values using exports from the
Niagara Peninsula as the interface market. Values
are only approximate for several reasons, including
the difficulty in obtaining completely reliable data
on international crude oil prices at a time when discounts were common and the lack of accurate data on

Table 9.1: Crude Oil Costs under the NOP (36° API Crude to Detroit/Toledo Canadian $/b)
Canadian Crude (C)

US Mid-Continent
Persian Gulf Crude (PG)		
Crude (US)
		
		
US-PG
1961
1962
1963
1964
1965
1966
1967
1968
1969
1970
1971
1972

3.31
3.41
3.41
3.41
3.41
3.41
3.41
3.41
3.41
3.71
3.71
3.71

3.57
3.70
3.70
3.65
3.64
3.71
3.76
3.84
3.98
3.92
4.01
3.93

2.46
2.55
2.60
2.26
2.11
2.19
2.13
2.74
2.16
2.25
2.40
2.54

1.11
1.15
1.10
1.39
1.53
1.52
1.63
1.10
1.82
1.67
1.61
1.39

Differentials
US-C

C-PG

0.26
0.29
0.29
0.24
0.23
0.30
0.35
0.43
0.57
0.21
0.30
0.22

0.85
0.86
0.81
1.15
1.30
1.22
1.28
0.67
1.25
1.46
1.31
1.17

Notes and Sources: Canadian Crude: Redwater 35° crude as reported in Watkins (1987a), plus $0.02 quality adjustment plus $0.77/b shipment cost as implied in
Watkins (1987a, p. 48).
U.S. Mid-Continent Crude: Field price as reported in Degolyer and MacNaughton plus estimated pipeline tariff of US$0.45/b. Watkins (1987a, p. 48) reports delivered
costs in Detroit of Wyoming sour crude (with which mid-Continent U.S. crude would have to be competitive); these costs exceeded mid-Continent field prices by $0.53/b
in 1965, $0.45 in 1967 and $0.50 in 1969. The year-end Canadian–U.S. exchange rate was used.
Persian Gulf Crude: Saudi Arabia 34° prices f.o.b. the Persian Gulf as reported in Adelman (1972, pp. 183,190) and Griffin and Steele (1986, p. 18) plus Canadian
$0.04/b quality adjustment plus a shipment cost to the North American east coast, which falls from US$0.78/b in 1961 to US$0.57/b from 1966 on. These are based on
costs from W. Newton reported in Watkins and Bradley (1982, p. 115) of $0.88/b in 1959, $0.68/b in 1963 and $0.57/b in 1968. An additional Canadian $0.11/b was
added for shipment costs from the East Coast; this was the Portland, Maine, to Montreal tariff (as reported in Bertrand, 1981, vol. II, p. 38). The end of year U.S.–Canadian
exchange rate is used.

international tanker rates; the need to estimate costs
for hypothetical pipeline routes; and the somewhat
arbitrary nature of quality differentials. For Canadian
and U.S. crude oil, posted field prices have been used.
The international oil prices are drawn largely from
Adelman’s estimate of third-party arms-length prices
and reflect such factors as the disruption to oil values
during the 1967/68 Arab–Israeli war. All prices have
been translated into Canadian dollars per barrel of
36° crude oil, using the year-end exchange rate. U.S.
prices were always at least $1.00/b above international
prices, and as much as $1.80 higher. U.S. prices also
exceeded Canadian prices, by as much as $0.57/b,
though usually by $0.25/b to $0.30/b. As can be seen,
Canadian prices were significantly higher than international prices, by amounts ranging roughly between
$0.80 and $1.45 per barrel. These differences may
overstate the price effect of the NOP slightly, since they
are based on the $0.11/b shipment cost reported by
Bertrand (1981, vol. II, p. 38) for the Portland (Maine)
to Montreal pipeline link; a hypothetical east coast to

Toronto line for international crude would, presumably, have a cost higher than this.
In conclusion, it is fair to say that, for most of the
NOP years, Canadian crude oil prices were $1.00/b,
or more, higher than international prices and about
$0.30/b below the U.S. level.

2. Normative Analysis of the NOP
Evaluation of whether or not the NOP was a desirable policy requires criteria about what generates the
‘public good.’ Initially we shall use the criterion of
microeconomic economic efficiency, considering only
the immediate effects in crude oil markets. We shall
then offer some thoughts on other possible criteria for
evaluating public policy, including equity concerns
and possible externalities related to the level of macroeconomic activity and to national security.
It is sometimes not emphasized that normative
evaluation of public policies necessitates careful
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definition of a reference population. What appears
a desirable policy from the viewpoint of Calgary’s
citizens might or might not so appear for the entire
province of Alberta or for all of Canada. Careful specification of the reference group is, perhaps, particularly
critical for the objective of economic efficiency, since
it is usually assumed that the impacts of a policy are
important only insofar as particular individuals directly feel them; that is, no allowance is made for feelings of empathy or altruism that people may possess.
(The objective of ‘fairness’ or ‘equity’ may presume
widespread empathic sentiments.) In our evaluation of
the NOP, which was a federal government policy, we
assume that all of Canada serves as the referent, not
just Alberta.
a. Economic Efficiency of Crude Oil Markets

(i) Case 1. Figure 9.1 provides a starting point for our
analysis. The economic efficiency of the NOP can be
measured by the sum of all gains the policy generated
for Canadians less the sum of all costs, or the ‘net
social benefits’ (NSB), which may be either positive
or negative. Initially we will work on what might be
called a ‘domestic’ basis, evaluating benefits and costs
as they occur within Canadian borders. The comparison involves the NOP in contrast to a non-NOP
world where the external environment is ‘constant,’
that is, as it actually occurred. Hence, international
oil prices are accepted as defining the value of oil in
Canada, and the USOIQP is taken to exist, with its
willingness to accord special treatment to Canadian
oil, as part of ‘secure’ North American supplies. In
Figure 9.1, exports to the United States without the
NOP are shown as equal to the gap, at the world oil
price, between western Canadian production and
consumption. It is assumed that, for security of supply
reasons, the United States would be more willing to
absorb Canadian oil than any other international oil at
the world price, so Canada would still obtain special
treatment under the USOIQP. This assumption is questionable, as we do not know how Canadian oil might
have been regarded had Canada not introduced the
NOP. Had Canada not been exempt from the USOIQP,
the volume of exports without the NOP might well
have been lower than suggested in Figure 9.1.
Some of the effects of the NOP, as presented in
Figure 9.1, cancel one another out. For example, area
PIEJPC is a cost to Canadian oil consumers of higher
prices due to the NOP, but it is received by Canadian
oil producers as a benefit. Three specific effects in
Figure 9.1 should be considered as possible components in the Net Social Benefit. First, area EFJ is a loss
of consumers’ surplus by oil consumers on the oil they
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would purchase at the lower price, but do not buy at
the higher. (Recall that a demand curve can be interpreted as a marginal willingness to pay curve.) This
is an example of what economists often call a ‘deadweight loss.’ Second, some oil is produced in Canada
at marginal costs in excess of what it would cost to
buy the oil in the international market, as measured
by area GHM. Note, however, that some of the additional cost will represent payment to governments,
which oil companies see as a cost, but taxpayers as a
benefit. In addition, it should be noted that, in this
case, the incremental output and reduced consumption under the NOP go as increased exports to the
United States. This may overstate export levels under
the NOP. The United States would certainly not have
allowed Canada to import offshore crude for re-export to the United States, but it also kept a close eye
on imports of Canadian-produced oil. At the same
time, the reduced export level indicated without the
NOP, at the lower international price, also may be
overstated, as it assumes that the United States would
have been willing to accept all this Canadian oil under
the USOIQP. That is, another possible benefit of the
NOP may have been its effect in persuading the United
States to exempt Canadian oil from the USOIQP.
Finally, Canada received incremental revenue as a
result of exports to the United States that occur at
price PC under the NOP, instead of PI. The extra revenue is given by the volume of exports (XY = AD)
times the price rise (PC – PI), and is received by the
producers. It can be seen that the extra export revenue
(area EHMJ) covers both loss of consumers’ surplus
(EFJ) and the incremental Canadian oil production
cost (GHM). This leaves a net gain as a result of the
NOP, equal to area FGMJ. From this view, Canada as
a whole benefited from the NOP because it allowed
us to move an expanded volume of exports into the
higher priced U.S. market, therefore capturing for
Canada some of the protectionist producer benefits of the USOIQP. These benefits were captured by
Canadian oil-producing interests (i.e., oil companies
and shareholders and government taxes on the oil
industry). However Canadian oil consumers (WORV)
paid higher prices for crude as a result of the NOP, so
suffered a cost.
(ii) Case 2. Other assumptions would generate different conclusions about what developments in
Canadian oil policies would have been if the NOP had
not been adopted. Suppose, for instance, that prices
for Canadian-produced oil fell to the international
level (PI), that Alberta market-demand prorationing
regulations were relaxed to allow growth of exports

to the United States to the maximum level authorities
there would tolerate, and that the Canadian government imposed an export tax to capture the difference
between the value of Canadian oil to U.S. refiners
and the international price. With specific reference
to Figure 9.1, one might assume that exports to the
United States were allowed to increase to level XY (as
did occur under the NOP), with the Canadian demand
curve shifting, in effect to the dashed curve DT. Export
tax revenue would be received which was at least as
large as the extra revenue on export sales accruing to
domestic producers under the NOP (i.e., area EHMJ
equal to (PC – PI)(XY)). If Canadian crude oil sold for
P*(>PC) in the U.S. market, and Canadian government
authorities were able to gauge this value well enough
to set the export tax at level (P* – PI), then there would
be an additional gain to Canada. Recall that while
Canadian-produced oil was attractive to U.S. refiners
because it was exempt from the USOIQP, refiners did
suffer some penalties in using Canadian oil instead
of domestic U.S. crude, so that the maximum value
of Canadian oil in the U.S. market (P*) would be less
than the domestic U.S. prices (PU). In other words, we
know that PC is less than or equal to P*, which is less
than PUS, but the exact value of P* (at each year from
1961 through 1972) within that range is difficult, if not
impossible, to determine.
Having defined the second case, let us now consider the net effects on Canada of the NOP. In this
case, there is no net gain to Canada on exports to the
United States so long as the Canadian oil price (PC)
approximates the price that would have been attained
under an export tax. The net revenue gain on exports
to the United States at prices above the international
price would go to domestic oil producers under the
NOP, instead of to the federal government in export
tax revenue. However, the NOP, in this case, could be
argued to generate two efficiency costs. First, there
is the loss of consumers’ surplus (area EFJ in Figure
9.1), since Canadian consumers WORV reduce their
oil consumption when the NOP lifts prices above the
international price. Second, the higher oil price would
have induced incremental Canadian oil supplies to
some extent, at costs in excess of those that would
otherwise have occurred; i.e., in excess of the international oil price (area GHM in Figure 9.1). These two
areas, EFJ and GHM would be deadweight losses of
the NOP.
(iii) Estimates of the Net Social Benefits (Losses) of
the NOP. We have now defined two cases that allow
us to look at the economic efficiency of the NOP,
each case involving a different assumption about how

Canadian oil policies might have developed without
the NOP. Case 1 essentially assumes that there would
have been no federal oil policy, so that Canadian oil
prices would have been set by international crude at
the competitive interface in Toronto. Case 2 assumes
this as well, but adds the assumption that the federal government would have utilized its authority to
capture for Canada, by an effective crude oil export
tax, the extra value of Canadian oil in U.S. markets.
Since both are hypothetical histories of Canadian
oil policies, we cannot be sure which (if either!) is
more realistic. We would note that certain political
difficulties attend crude oil export taxes (i.e., Case 2),
including the possibility of objections from the U.S.
government (perhaps with appeals to GATT principles), and Canadian intergovernmental frictions that
would arise as producing provinces (Alberta, in particular) saw the federal government capturing large
revenues from provincial resources. As we shall see,
the federal government was willing to take on these
problems, beginning in 1973, but this was in the face of
dramatic changes in the international crude oil market
and rising concerns about the ability of Canadian oil
to continue to meet Canadian domestic needs. In our
judgment, Canadian governments in the 1960s would
have been less likely to implement export taxes on
crude, so we see Case 1 as the more realistic basis for
evaluating the NOP.
Other scenarios for Canadian oil policy without
the NOP are, of course, imaginable. Readers might
like to consider a third, and obvious, possible case,
which we have not considered in detail. Suppose
Canada had adopted a policy to extend the market
for Canadian-produced oil to Montreal, with those
volumes that would otherwise have been shipped to
the United States going to the Montreal market, and
with Canadian oil producers then subsidized (relative
to international oil prices) by as much as sales WORV
were subsidized under the NOP (i.e., to the price PC in
Figure 9.1). That is, prices WORV and in Montreal were
set at the higher NOP level (PC in Figure 9.1.) From
the viewpoint of the economic efficiency of Canadian
oil markets, the NOP, relative to the Montreal pipeline extension, would contribute the same net social
benefits to Canada as our Case 1, plus one additional
gain. (That is, the NOP would be preferable to the
Montreal market case.) Under the NOP, consumers
in Montreal could buy at the lower international oil
price, and the Canadian oil volumes freed could be
sold to foreign (U.S.) refiners at the higher price, generating a net gain to Canada. Additionally the lower
price to Quebec users under the NOP would generate
higher consumption and a consumers’ surplus gain.
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Table 9.2: Economic Efficiency of the NOP: Two Cases (106 current dollars)

1961
1962
1963
1964
1965
1966
1967
1968
1969
1970
1971
1972
Sum
Annual Average
Notes:

Increased Export
Values (EXV)

Consumers’ Surplus
Loss (CSL)

Increased Producer
Costs (IPC)

Net Social Benefits
(NSB) CASE 1

93.7
118.9
112.0
197.7
250.6
255.8
315.1
147.5
375.6
522.7
496.0
515.5
3,405.1
283.75

10.1
9.8
9.5
19.9
27.0
25.4
28.6
8.1
28.6
36.1
28.5
22.1
253.7
21.1

9.4
10.3
9.6
20.6
28.0
27.1
32.7
9.6
36.3
49.3
42.0
38.0
312.9
26.1

74.2
98.8
92.9
157.2
195.6
203.3
253.8
129.8
310.7
437.3
425.5
455.4
2838.5
236.5

Net Social Benefits
(NSB) CASE 2
-19.5
-20.1
-19.1
-40.5
-55.0
-52.5
-61.3
-17.7
-64.9
-85.4
-70.5
-60.1
-566.6
–47.2

Increased export value is area EHMJ in Figure 9.1.
Consumer’s surplus loss is area EFJ in Figure 9.1.
Increased production cost is area GHM in Figure 9.1.
CASE 1 NSB = EXV – CSL – IPC.
CASE 2 NSB = –CSL – IPC.

Therefore, our Case 1 provides a lower bound estimate
of the efficiency gain of the NOP relative to the Montreal market extension option that was so hotly debated
at the Borden hearings.
Is there any way to estimate quantitatively the efficiency effects of the NOP in Cases 1 and 2? The dollar
values of the various areas from Figure 9.1 clearly
depend on how large the price and output impacts
are. Table 9.1 provided estimates of the two most relevant prices (PI and PC). Oil export values have been
taken from the CAPP Statistical Handbook. However,
the size of the consumers’ surplus and incremental
production-cost effects (EFJ and GHM in Figure 9.1)
also depend on the shapes of the demand and supply
curves. Order of magnitude estimates of the efficiency
effects may be obtained with the aid of some simplifying assumptions. In particular: (1) assume that the
demand curve of Figure 9.1 is a straight line over the
relevant range of prices (PI to PC) and that the (longrun) elasticity of demand is (–0.6) at the output and
price actually observed (i.e., at point J); (2) similarly,
assume a straight line supply curve with an elasticity
of supply of 0.3 at point M. Then, as the note at the
bottom of Table 9.2 shows, it is possible to estimate
the size of areas EFJ and GHM. We would emphasize
that these estimates are only roughly indicative of
the efficiency effects of the NOP, since they involve a
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number of rather arbitrary assumptions. In particular,
the elasticity values are not based on careful empirical
analysis of Canadian oil markets in the 1960s and fail
to make any allowance for the short-run delays in
adjusting oil production and consumption to price
changes. (Short-run inelasticity would reduce the size
of the consumers’ surplus, production cost, and export
revenue gain effects.)
Table 9.2 includes estimated net efficiency effects
of the NOP for each year from 1961 through 1972 in
each of Case 1 and Case 2. Case 1 sees a net gain each
year to Canada, totalling over $2.8 billion in undiscounted dollars over the twelve-year period, and
an average of $236 million per year. This would be
the gain generated by the NOP if the outside policy
regimes of the 1960s are taken as given, and a Canadian crude oil export tax is dismissed as a policy
option. The NOP, from this perspective, allowed
Canada to capitalize on the USOIQP by expanding
sales to the United States at prices in excess of prevailing international prices. The Case 2 result shows
net social losses to Canada each year as a result of the
NOP, totalling over $550 million from 1961 through
1972, with an average loss of $47 million per year. This
includes the consumer surplus losses and incremental production costs that occurred as a result of both
Canada and the United States restricting international

Addendum to Table 9.2

Since we know the values of P, Q, and E at point 1, we can calculate b.

The effects shown in Table 9.2 are estimated using:

From equation 1 we know that any change in quantity (Q) is related to
a change in price (P) by

•
•
•

•

•

the Canadian and international prices of Table 9.1.
actual export volumes as they occurred plus increased production
and reduced consumption for hypothetical export volumes.
estimates of reduced consumption WORV assume a demand
elasticity of (–0.6) at the actually observed price and consumption
along a straight line demand curve.
estimates of increased production assume a supply elasticity of 0.3
at the actually observed price and quantity along a straight line
supply curve.
Canadian production, consumption and exports are taken from the
CAPP Statistical Handbook.

Derivation of quantity changes along the demand curves utilize the
following procedure. (The supply case is analogous.) The demand
curve is a straight line, as illustrated in the figure below, with elasticity
E at point 1. The curve can be given by:
Q = a + bP

∂Q = b(∂P)

(Eq. 4)

or, substituting in b from eq. 3,
(∂P)QE
∂Q =
	   P

(Eq. 5)

Thus if we know P and Q (the observed market result), and assume a
value for E, we can calculate the change in quantity (∂Q) associated
with any given change in price (∂P).
With a straight line demand curve, the consumers’ surplus loss (CSL) of
a rise in price from PI to PC is:
CSL = 1/2 (∆P) (∆Q)

(Eq. 6)

Price, P

(Eq. 1)

Then, a is the horizontal intercept of the curve (when P = 0, Q = a), and
b is the reciprocal of the slope of the demand curve (when P changes
by 1, the quantity changes by b).
By definition,
E = (∂Q / ∂P)(P / Q)

(Eq. 2)

where ∂Q and ∂P are the instantaneous changes in quantity and
price. Therefore ∂Q/∂P is the reciprocal of the slope of the demand
curve, or b.
Substituting this in equation 2, we derive
(Q)(E)
b=
	   P

PC
Pl

ΔP

1
ΔQ
a

Quantity, Q

(Eq. 3)

crude oil imports into North America. A similar efficiency cost can be ascribed to the NOP, even in the
presence of the U.S. restrictions on imported offshore
oil, if Canadian policy had involved no NOP but an
export tax on sales to the United States.
In both cases, the estimates of net social benefit (cost)
must be interpreted as rough approximations since
they were not derived from complete models of the
North American oil market, which would allow for
lags in demand and supply response and incorporate
the effects of royalty/tax provisions and marketdemand prorationing.
The $3.4 billion dollar difference in the estimates
(from +$2.8 billion in Case 1 to –$0.6 billion in Case
2) makes clear the importance of assumptions about
what would occur in the absence of the NOP. Readers
may form their own judgments in this regard. We

would argue that efficiency losses were generated
within North America by the decision to restrict
access to cheaper foreign oil in the 1960s, but that
the United States would have pursued this policy
whether or not Canada did. It is harder to assess
the status of Canada’s exemption from the USOIQP.
During a period of falling international oil prices,
would the United States have continued to allow such
an exemption if Canada had not moved to protect
the market for its crude and to support prices well
above the international level? And if the United States
had allowed continued exemption under these circumstances, would the United States have tolerated a
sizeable export tax to raise the Canadian sales price
close to domestic U.S. levels? On balance, we would
be inclined to emphasize the Case 1 result – North
American import restrictions generated efficiency
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losses in the 1960s, but, in the second-best world of
the USOIQP, the National Oil Policy generated a net
social benefit to Canada. It is ironic that Canada and
the United States restricted the import of offshore
crude oil when its prices were relatively low, only to
adopt policies after 1970 that encouraged more use
of offshore oil when international prices were relatively high. (For further discussion of these issues, see
Watkins, 1987a and Bradley and Watkins, 1982.)
Moreover, many of the arguments about the NOP
went beyond narrow assessment of changes in oil
prices and output. We will now turn to several of these
broader issues.
b. Other Effects of the NOP

(i) Equity (Distributional) Effects. Distributional
effects of Canadian governments’ oil policies are often
considered at two different levels, which overlap only
imperfectly. (1) The first is a ‘functional’ level that
considers, mainly, oil consumers and oil-producing
interests (especially shareholders and other private
ownership interests, and the citizens who benefit
from changes in government revenues from the oil
industry). (2) The second is the ‘geographic-political’ level that considers various regional interests
(especially net-oil-importing regions such as Ontario
and net-oil-exporting areas such as Alberta). It must
be recognized that the functional groups involve
considerable overlap. A Canadian shareholder in
Texaco is also an oil consumer and citizen. Citizens
in an oil-producing region are also oil consumers.
Moreover, it is impossible to trace the distributional
effects of various oil policies with much precision. For
example, neither the regional distribution of oil company shares, nor the impact on dividends and share
prices of higher oil company profits and the attendant
impacts on shareholders’ incomes and tax payments,
is well documented. Consider another example:
increased government revenues from the oil industry
may lead to reduced tax payments by other sectors
of the economy (but, if so, exactly where?) and/or
increased government expenditures (but, if so, on
exactly which programs, to whose benefit?). Therefore,
our consideration of distributive effects of the NOP
must be general, and any conclusion tentative.
We have emphasized that the impact of the NOP
must be considered in relationship to some alternative set of circumstances. We shall follow the Case
1 assumption discussed above in which the NOP
is assumed to have generated a rise in the price of
Canadian-produced oil above the international level.
As a result, Canadian oil-producing interests (regionally, Alberta and Saskatchewan) benefited while
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Canadian oil-consuming interests, WORV (regionally,
Manitoba, Ontario, and British Columbia), and U.S.
refiners using Canadian oil suffered. Remember that
Case 1 assumes that Canada would not have imposed
an oil export tax in the absence of the NOP, so U.S.
refiners would have been able to buy Canadian oil at
the lower international price. As noted above, we have
not assessed the willingness of the United States to
accept imports from Canada in this hypothetical case
but have assumed that the flows into the U.S. market
would have equalled the difference between western
Canadian production and consumption. If this would
not have been allowed under the USOIQP, the NOP in
Case 1 also had the advantage of increasing Canadian
exports to the United States.
Figure 9.1 and Tables 9.1 and 9.2 provide some
basis for estimating the size of these distributional
effects. The net gains to oil-producing interests
can be approximated by multiplying total sales of
Canadian oil by the price increase due to the NOP,
less the incremental rise in production costs induced
by the price rise (i.e., area PIGMPC in Figure 9.1); this
amounts to $5,109 million for the years 1961 through
1972. Canadian consumers WORV paid more on oil
consumed and suffered a consumers’ surplus loss (i.e.,
area PIFJPC in Figure 9.1); this adds up to $2,272 million over the period. Finally, U.S. consumers paid an
extra $3,401 million from 1961 through 1972. In Figure
9.1 this is area EJMH.
At least three weaknesses in these rough estimates
of the distributional effects of the NOP must be noted.
First, we have used a partial equilibrium approach
that considered the oil market in equilibrium, ignoring other impacts on the economy. Brief discussion
from a more general equilibrium perspective follows
in the discussion of macroeconomic effects of the
NOP. Second, the impacts have not been separated
regionally, or in terms of impacts on citizens through
government revenue changes as compared to cost or
profit changes.
Third, we have abstracted from the foreign ownership dimension of the problem. High levels of foreign
investment in the Canadian petroleum industry imply
that a significant part of the gain to oil producers
would accrue to foreign shareholders either directly
through higher dividend payments or indirectly
through higher share prices in stock markets. Rough
allowance for this can be made. Higher oil revenues
would generate higher revenue to the government
primarily through higher royalties; in 1972 the average
Alberta crude oil royalty rate was about 16 per cent.
The effective corporate income tax rate on oil industry profits was no more than 10 per cent in the 1960s

(Canadian Tax Foundation, The National Finances,
1972). Of the after-royalty and corporate tax profits,
about 78 per cent could be allocated to foreign owners,
using an average for non-resident ownership in the
Canadian petroleum industry in the 1960s (EMR, 1973,
vol. ii, p. 224). Some of this would have been subject
to Canada’s dividend withholding tax (15% in 1970).
On the basis of these assumptions, $3,014 million
of the $5,109 million gain in production profits estimated in the previous paragraphs would have gone
to foreigners. $2,095 million would have remained
with Canadians, shareholders or governments. (This
is something of an understatement to the extent that
competitive bonus bids on newly issued mineral rights
would have increased as well.)
It is of importance to note that the efficiency
measures of the NOP, as estimated above, would be
altered if the profits accruing to foreign shareholders
are treated as a net loss to Canada. Case 1 net social
benefit would fall from $2.9 billion to minus $175
million, and the Case 2 net social cost would rise
from $567 million to $3,580 million, over the 1961
to 1972 period. Expressed in terms of 1961 present
values, of course, the numbers would be considerably
smaller. Moreover, profits to foreign shareholders
should properly be considered in relation to the
normal profit return on total foreign capital in the
Canadian oil industry. However, if the capital would
have earned normal profits at international oil prices,
all the increased profits due to the NOP would be
economic rent, except for the normal profits already
included in the supply curve calculations for incremental production. One other aspect of this problem deserves brief comment. This is the question
of whether profits accruing to foreign owners are a
leakage from Canadian gains if, as was common in
the petroleum industry, the foreign owners reinvest
the economic rent in Canada. Proponents of foreign
investment have generally seen such reinvestment as a
benefit to Canada. Those critical of foreign investment
have questioned whether this is a net contribution
to investment (would Canadian sources have undertaken the same investment?); they also argue that such
reinvestment simply serves to turn economic rent
into foreign owned assets, and this asset value will not
itself be taxed, so it will leave the country as depreciation payments to the foreign owner. The high foreign
ownership share in the oil industry helps to explain
the emphasis placed on government rent collection as
oil prices began to rise in the 1970s; the government
would clearly have also wished to tax high rents accruing solely to Canadian owners, but the issue received
more urgency because of foreign ownership.

The NOP, as indicated, transferred spending power
from consumers of oil in Canada WORV to producers,
including governments in the oil-producing provinces, mainly Alberta. It is difficult to assess whether
or not the transfer of funds was harmful to Canadian
objectives of a ‘fairer distribution of income.’ In part
this is because of uncertainty about exactly what our
desires are in this regard. Individuals may well have
quite varied opinions. Moreover, one of the primary
means of expressing our social preferences is through
general elections, but these are decided upon many
concerns, so cannot serve as a referendum on a single
issue such as equity.
A second problem arises from the fact that there
is insufficient evidence to tally the full distributional
effects of the NOP. Tentative judgments may be
possible. Waverman (1975) argued, with respect to
energy price rises in the early 1970s, that the oil price
increases, considered across broad income classes,
appear to be somewhat regressive. He looked at direct
household expenditures on energy in the year 1969
plus estimated expenditures on public transportation
and rental accommodation. Waverman found that for
the average Canadian family 6.2 per cent of its spending was on energy. The poorest of his twelve classes
(total expenditures of less than $3,000 per year) put
8–9 per cent of spending into energy, while the highest
expenditure group (over $15,000 per year) allocated
only 4.3 per cent of spending to energy. Regional patterns differed slightly. Thus, in Canada WORV, higher
oil prices as a result of the NOP would fall somewhat
more heavily on the poorer members of society.
As Waverman acknowledges, it is difficult to trace
the indirect income distribution effects of energy
price changes operating through the energy content
of the goods and services that households purchase.
He points out that energy input costs made up a relatively small proportion of the total value of shipments
for most Canadian industries. In 1970, for example,
for eleven main industries, energy costs varied from
1.0 to 5.4 per cent (paper and allied industries) of the
value of shipments. For 1971, Powrie and Gainer (1976)
report similar values (ranging from 0.31 per cent for
clothing to 6.09 per cent for paper and allied products,
averaging 1.99 per cent). Therefore, the indirect effect
of higher oil prices on consumers due to the NOP
would be small, regardless of how expenditures are
spread over all the products of different industries.
Judgment about the income distribution effects of
the NOP also hinge on the beneficiaries of increased
payments, that is governments of producing provinces and shareholders of the oil companies. Opposite
effects hold. Increased payments to the governments
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would seem, at worst, to allow some tax relief thereby
sharing in whatever progressivity the tax system
exhibits; at best, the extra revenue would give the
government more revenue to attain its objectives,
including whatever is regarded as equitable. On the
other hand, the stocks of corporations, including oil
companies, are undoubtedly distributed in a regressive fashion with larger shares held by the relatively
wealthy (and with a significant portion held by
non-Canadians).
What can one conclude about the income distribution effects of the NOP? First, the size of the redistribution is not particularly large; the average estimated
loss of consumer surplus and estimated higher payments by Canadian oil consumers amounted to only
0.2 per cent of Canadian GDP. Second, the regional
distributional impacts were most evident with netoil-importing regions (Ontario, in particular, but
also Manitoba and B.C.) transferring funds to the
net-oil-exporting regions (Alberta, especially, and
Saskatchewan). Third, the underlying functional
distributional effects were from oil consumers – in
all regions west of the Ottawa River Valley – to
oil-producing interests, including Canadian governments (especially the oil-producing provinces) and
owners and shareholders of the oil companies (including non-Canadian shareholders). Most Canadians
would probably feel that the net distributional effects
were moderately unfavourable, especially insofar as
gains accrued to non-residents and wealthy shareholders and consumer costs were borne more than proportionally by poorer income groups.
(ii) Macroeconomic Effects. Initial pressure for
changes in Canadian oil policy in the late 1950s came
primarily from the Alberta government and crude oil
producers who feared declining oil industry activities.
Market expansion was not obviously forthcoming and
the large overhang of spare productive capacity limited the appeal of new exploration and development.
The problem was viewed as critical for the Alberta
economy. The oil industry is capital, rather than
labour, intensive. Much of the employment that is
generated directly by the industry, as well as the bulk
of income-generating spending, does not occur during
the operating phase of the crude oil industry but as a
result of investment. Therefore, continued exploration
and development were viewed as a key to continued
economic growth in Alberta. (The role of the petroleum industry in the larger economy, and its tie to
economic growth, will be discussed in more detail in
Chapter Thirteen.)
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Western and central Canada might experience
quite different macroeconomic effects from increased
sales of crude oil, at higher prices, as generated by
the NOP. Expanded activity in Alberta involved some
spill-over into, for example, Ontario, involving products like steel pipe. Despite such spill-over effects, it
is expected that the overall effects would tend to be
expansionary in the oil-exporting region and contractionary in the oil-importing region. However,
recall that the price of Canadian-produced crude
oil remained pretty well constant in nominal dollars
throughout the 1960s, so that the NOP had the effect
of slowing the decline in real prices to customers west
of the Ottawa River Valley, rather than actually raising
prices. Moreover, many of the customers who paid
more than world prices for Alberta crude oil were in
the United States (Americans in general paid more
than the world price, thanks to the USOIQP.) Thus,
any net deflationary effects on central Canada were
likely small.
One controversial further line of argument must
be touched on. To the extent that conventional oil
is a limited natural resource, it could be argued that
policies that encourage more exploration and development are not so much generating entirely new industry activity, as simply advancing it in time. This would
presumably be desirable to the extent that it encouraged development of a more permanently sustainable
regional economy by accelerating the attainment of
local economies of scale or agglomeration effects due
to expanding population and market size. Such an
exhaustible resource view might also see as desirable
increased activity that levelled out cyclical fluctuations
in the provincial economy. There is also the question
of whether the extra production takes place in times
of higher or lower prices; an ideal, and perfectly
informed, social planner would prefer to concentrate
production in the higher price periods, when the marginal value of the reserves are greater. In this regard, it
is notable that the NOP inducement to higher exports
came in a period in which, in retrospect, oil prices
were relatively low. (And in the following period of
high prices, as will be discussed in the next section of
this chapter, exports were discouraged!) In fairness,
however, it must be noted that few in the 1960s anticipated sharply rising oil prices.
We must again express scepticism about arguments that lay heavy emphasis upon the exhaustible nature of petroleum reserves (Adelman, 1990;
Watkins, 1992). Depletion of oil deposits is primarily
an economic phenomenon, reflecting a complex interplay of physical, technological, and economic factors,

with no clearly defined limit to the volumes of oil
that may be produced. Increased industry activity in
one period, then, cannot be seen as simply displacing
similar activity in some later period.
(iii) National Security and Resource Depletion. For
some, the NOP had national security implications. Oil
is an essential input into the economy, particularly
in the short run, and dependence in the 1960s upon
supplies from developing countries, especially in the
politically tense Middle East, raised security concerns
in North America. However, the national security
card is difficult to play. The issue has been more thoroughly debated in the United States than in Canada;
see, for example, Bohi and Montgomery (1982) and
Bohi and Toman (1996). We shall touch on the matter
only briefly.
In the first place, the security implications of the
NOP are rather difficult to specify. In part, this reflects
the problem with defining an alternate scenario for
the 1960s. In comparison to a continuation of the
trends of the 1950s, it could be argued that the NOP
increased national security by preserving markets
WORV for Canadian crude and backing foreign oil
products out of Ontario. But this might have happened anyway, although at falling international prices.
However, compared to a Montreal pipeline extension,
the NOP would be argued to provide less Canadian
security of supply from disruptions in international
oil flows since it left the Quebec market open to
imported crude.
One must go beyond this to ask: what was the
security of supply risk? Prior to 1960, there had been
minor disruptions in oil supplies from the Middle
East as a result of Arab–Israeli hostilities when Israel
was founded in 1948 and during the 1956/7 Suez crisis
when Israel, France, and the United Kingdom invaded
Egypt. But the impact on oil shipments had been
small, and Canada relied mainly on Venezuelan oil
anyway. (In 1956 only a fifth of Canadian oil imports
came from the Middle East, although the proportion
was rising, up to just over 40% by 1960 [Simpson et
al., 1963, p. 30].) Furthermore, even the theoretical
nature of the security of supply risks is far from
clearly defined. One might suppose that shortages of
oil translate into reduced consumer satisfaction and
reduced industrial output with associated losses of
employment and profits, especially in the short-term
when capital rigidities make it difficult to substitute
away from oil into other energy forms. Ultimately,
however, the security of supply problem is one of
economic adjustment more than physical shortage. If

international oil supplies are disrupted, the primary
effects come in the form of increased prices, which
serve to ration available supplies. The price rises discourage the least-valued consumption and induce
incremental oil production. In the 1950s and 1960s,
when both Canada and the United States had considerable excess production capacity, the latter option
proved to be of considerable importance. A country
that relied on its own oil to a considerable extent
might avoid the negative effects of sharp and temporary rises in crude oil prices due to an international
supply crisis, but this would require the imposition
of price controls, subsidization of any imports that
did occur, and prohibitions of incremental exports
attracted by high international prices. The hazards of
such a pricing policy, adopted by Canada after 1972,
will be discussed below.
Some observers have also suggested that there are
trade-offs between short-term and long-term security of supply interests, since crude oil burned for
its energy content is not a recyclable resource. (Less
than 10% of oil has typically been used for non-energy
purposes, such as lubricating motor oil, which may
be partially recycled.) Given limited oil resources,
increased utilization for security reasons in the current period means, it is argued, less potentially available for the future and therefore higher security risks
at that date. There is some merit to this argument,
though its strict application is blunted by the observation (which we have made before) that the limits to
oil production are variable economic ones rather than
strict physical constraints. In any event, depletability
has suggested to some authors that security of supply
concerns may justify other measures than increased
domestic oil output. Stockpiles, for instance, may be
accumulated (perhaps from the international market)
and held in readiness for a possible crisis; there is,
then, no need to constantly run down domestic supplies at a more rapid rate than current market conditions would warrant.
On balance, we find no strong national security
arguments for modifying our discussion of the efficiency of the NOP.

C. Conclusion
Normative evaluations of economic policies must
remain somewhat tentative, if only because not
all observers stress the same objectives. We would
argue that the combined decisions by Canada and
the United States to protect the North American oil
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industry generated net social costs to the continent
in the 1960s. Higher oil prices than necessary meant
consumer surplus losses and increased resource costs
as higher-cost oil was produced.
However, if it is assumed that the USOIQP would
have proceeded regardless of Canadian policy, evaluation of Canada’s NOP must be somewhat tempered. At
first glance, the most efficient policy would have been
for Canada to follow declining prices in the international market while encouraging oil exports to the
United States with an export tax to raise prices close to
those of protected U.S. domestic crude. However, we
suspect that U.S. government objections would have
made this option impossible (Watkins, 1987a). From
that point of view, the NOP can be seen as beneficial
to Canada by encouraging greater use of sunk investments in oil-production capacity and allowing Canadian producers to capture some of the benefits of the
high value of oil in the protected U.S. market.
Weighed against the gain are redistribution effects,
with wealthier parties benefiting somewhat in comparison to poorer parties. Also, under royalty and tax
regulations of the 1960s, a significant portion of the
oil-producer gains accrued to foreign shareholders.
The NOP appears to have had a stimulating impact on
the Alberta economy. International security effects
were minimal.

4. Strict Controls and the National
Energy Program (NEP): 1973–85
A. The Policies

1. Background
The NOP had been established in 1961 against a
background of falling international oil prices, a U.S.
domestic crude oil protection policy (USOIQP),
and high excess crude oil production capacity in
Alberta. The universe had shifted by the early 1970s.
International oil prices had begun to rise with the
Teheran-Tripoli and Geneva Agreements, rising
Canadian oil output had reduced spare production
capacity, and Canadian crude oil reserves had begun
to decline as production exceeded gross reserve
additions.
The federal government’s Department of Energy,
Mines and Resources undertook a review of Canada’s
energy situation and in 1973 issued a comprehensive
two-volume study. An Energy Policy for Canada, Phase
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1, provided an overview of Canadian energy industries
and a number of policy options open to the federal
government. This had initially been envisioned as
the first step in a process of participatory democracy
spread over a number of years. The options presented
in An Energy Policy would generate a public debate
about energy policy, which would in turn allow the
government to formulate new policies reflecting some
consensus of public opinion. Whether such a process
would have generated consensus, rather than anger
and opposing entrenched positions, is unclear. In
any event, the federal government felt it necessary to
circumvent the process by introducing major changes
in Canadian energy policies in 1973 just as discussion
of An Energy Policy was beginning. (Debanné, 1974
looks at the Canadian oil industry in the years leading
up to the direct control period. Many authors have
described the policies in this period, including Anderson, 1976; Bradley and Watkins, 1982; Daniel and
Goldberg, 1982; Dobson, 1981; Doern and Toner, 1985;
Helliwell, 1979;Helliwell and Scott, 1981; Helliwell and
McRae, 1981, 1982; Helliwell et al., 1989; McRae, 1982,
1985; Norrie, 1981; Plourde, 1986; Scarfe, 1980, 1984;
Watkins, 1976, 1977a, 1981; 1987a, 1989; and Waverman
1980, 1984.)

2. Introduction of Strict Controls
In December 1972, the NEB issued a report on the
Canadian crude oil situation that concluded that
“production from all sources in Canada will not be
able to supply the potential export and domestic
market demand after 1973” and “the declining Western
Province conventional maximum production rate …
will be unable to supply the domestic market by 1986”
(NEB, 1972, pp. 18, 19). In February 1973, the NEB recommended the imposition of direct controls on crude
oil exports, and, on February 15, the Government
ordered the NEB to commence the licensing of crude
oil exports under Part IV of the NEB Act (P.C. Order
1973 – 392). Licensing of crude and equivalent began
March 1 and was extended to motor gasoline and
middle distillates in June. On September 4, 1973, as
part of its anti-inflation program, Ottawa imposed a
five-month freeze (until the end of January 1974) on
crude oil at the prevailing $3.80/b price. (The regulated prices and those that follow, refer to 38° API
gravity crude at pipeline terminals at Edmonton.)
Also in September, the NEB announced that it
could not approve any further crude oil exports as
the export price was too low. With frozen domestic
prices, there was no obvious market remedy for this.

Therefore, on September 13, 1973, a federal export tax
on crude, equal to $0.40/b, was introduced to make
up the difference between the Canadian price and the
value of the oil in U.S. markets. Following the OPECgenerated price increases of mid-October, Ottawa
raised the export tax to $1.70/b (in December), to
$2.20 in January 1975, and then to $6.40/b in February.
These three direct control measures – export
volume limits, government-fixed prices and export
taxes – continued through to June 1985 as a mainstay
of Canadian energy policy, although the policies were
effectively eroded over time. They fit together as the
formal mechanisms to keep Canada an island of low
crude oil prices in a sea of high international prices.
Fixing domestic prices assures low costs to domestic
users. However, the high value in the international
market will attract domestic oil producers and traders.
Hence, export controls and/or export taxes are also
required. Volume controls limited the quantity of oil
that could move to the United States, and the export
tax was to ensure that Canada would receive the full
world value for oil.
By October 1973, the NOP had been effectively
abandoned. Formal internment came on December
3, 1973. In the House of Commons, Prime Minister
Trudeau announced the new policy (Hansard, 1st
Session, 29th Parliament, pp. 8478–80):
The new policy will abolish the “Ottawa Valley
Line.” The Canadian market for oil will no
longer be divided into two, one for domestically produced oil and another for imported
oil. It will thus be a “one-Canada,” not a
“two-Canada” oil policy. The western provinces
will have a guaranteed outlet for increased
production; and the eastern provinces will be
guaranteed security of supply.
The creation of a national market for
Canadian oil is one essential requirement of a
new policy. Others are, first, a pricing mechanism which will provide sufficient incentives
for the development of our oil resources;
second, measures to ensure that any escalation in returns and revenues as a result of any
higher prices will be used in a manner conducive to security and self-sufficiency; third, the
establishment of a publicly-owned Canadian
petroleum company principally to expedite
exploration and development; fourth, the early
completion of a pipeline of adequate capacity
to serve Montreal and as required more eastern points; and fifth, intensification of research

on oil sands technology to permit their full
and rapid development.
The prime minister went on to note that the frontier
and non-conventional resources were high cost so that
“we must in the long run allow the price of domestically produced crude oil to rise toward a level high
enough to ensure development of the Alberta oil sands
and other Canadian resources but not one bit higher.”
Prices need not rise at once, however. Discussions
would be undertaken with the oil companies and the
Government of Alberta. Any oil price changes must
reflect the national interest. In particular,
We will not be prepared to acquiesce in any
situation in which windfall profits accrue to
private corporations simply because of unusual
and unpredictable circumstances of shortage
created by major world oil producers for
political and economic reasons of their own.
Nor do we feel that it would be fair or just to
have any windfall financial benefits accrue only
to the producing provinces, leaving all the rest
of the people of Canada with nothing but the
burdens.
Prime Minister Trudeau also announced, with respect
to oil, that “the federal government will continue to
levy a tax, or, after February 1, a charge equal to the
difference between our domestic price and the export
price as determined by the National Energy Board.”
Ottawa expressed a willingness to share the export
tax revenue equally with the oil-producing provinces,
but this did not occur. In addition, the one-price for
Canada policy required the implementation of an Oil
Import Compensation Program to compensate refiners that purchased imported crude oil for the difference between the world price and the Canadian price.
Ottawa’s move to control oil prices and exports
drew predictably hostile reactions from the oil
industry and the Alberta Government. It also set the
tone for a twelve-year intergovernmental imbroglio.
Alberta provided the main opposition, with both
practical and general objections. At the practical level,
export limitations and low domestic prices would, all
else being equal, reduce the revenue flowing to the oil
industry, thereby impacting negatively on industry
activity, the incomes of Alberta residents, and provincial government revenues. At the more general level,
Alberta questioned the constitutional validity of federal acts that affected the value and production levels
of a particular commodity, especially one produced
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mainly from provincial Crown land, and which was
specified in the 1930 amendment to the BNA Act as
being under provincial control.

3. Strict Controls before the NEP: 1973–80
a. Price Controls

The September 1973 price freeze at $3.80/bbl had been
a unilateral federal act. The freeze was to last for five
months, through January 1974, to allow the assessment
of Canadian oil policies. Canadian oil prices had been
slated to go to the world level at the end of the freeze,
but this was forgotten with the quadrupling of international prices between September and December
of 1973.
Table 6.3 provides crude oil prices at year end for
the strict control period. Our concern here is with
the regulatory background. January 1974 saw a First
Ministers Conference, followed by informal talks in
March at which the prime minister and ten provincial
premiers agreed to increase the price for Canadianproduced oil from $3.80 to $6.50/b for the period from
April 1, 1974 through January 30, 1975. Regulation had
moved from direct control by Ottawa into the forum
of intergovernmental negotiation within the Canadian
confederation. Why had this happened?
The eruption of OPEC as an effective cartel brought
energy policy to the forefront of economic and political decision-making everywhere in the world.
Amongst the industrialized nations, Canada was in
an exceptionally favourable situation with crude oil
exports of 1,107,000 b/d in 1973 compared to imports
of 927,000 b/d. The United States had the world’s
largest crude oil output rate in 1973 but was still a net
importer in the amount of 3,404,000 b/d. Mexico was
still producing mainly for local use and the North
Sea was just beginning to reveal its oil potential, so
Norway and the United Kingdom did not become net
exporters until 1975 and 1980, respectively. (Data are
from OECD Oil Statistics Supply and Disposal reports.)
Within Canada, virtually everyone was affected by
the revolution in oil prices. Consumers were hurt by
oil price increases, especially in the short run when a
very low elasticity of demand implied that expenditures on oil would rise sharply. Consumers were also
an unorganized group – all citizens were affected but
had no effective spokesman. Their interests would
presumably be voiced by their elected representatives,
federal MPs and provincial MLAs. Governments,
however, had broader concerns, since they also represented citizens in their shareholder, taxpaying, and
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consumer-of-public-services roles. Oil producers –
companies, employees, and shareholders – benefited
from oil price rises. There were well-established producer interest groups, like the Canadian Petroleum
Association (CPA), and producers would also expect
that their elected representatives would give weight to
their interests.
With oil in the public policy arena, the federal and
provincial governments became the key players, and,
amongst them all, Ottawa and Edmonton dominated.
B.C. and Saskatchewan shared a petroleum producer
stand with Alberta, to some extent, but Alberta was
by far the dominant producing province. Ottawa presumably represented the concerns of all Canadians.
As many observers have pointed out, the Liberal
party was in power federally throughout most of this
period – nine months in 1979 and the period after
September 1984 are the exceptions. There was minimal
Liberal representation for electoral districts (e.g., in
Alberta) with strong oil-producer interests.
As economists, we are loath to enter into any
lengthy analysis of underlying political processes.
We are, however, unable to resist offering several
comments (following on those of the Introduction
to Part Three of this book). Governments themselves
are prone to explain their behaviour from a ‘public
interest’ point of view, in which case Ottawa would, of
course, pay heed to the concerns of oil producers as
well as any other interests of Canadian citizens. From
this point of view, Ottawa reflects all Canadians while
the Alberta provincial government represents the
much smaller provincial constituency.
There are political economists who have suggested that there are more ‘realistic’ views of the
political decision-making powers than the public
interest model. Some have suggested an ‘interest
group’ approach in which governments are still seen
as reacting to perceptions of the interests of citizens,
but those perceptions are formed by the input from
special interest groups in society. In this case, public
policy tends to be dominated by the desires of relatively small groups, which are affected in a major way
by policy changes while large groups of individuals
who are affected only in a minor way tend to remain
unorganized and unheard. From this point of view,
the oil-producer group should have had a disproportionate impact on government policies.
An alternative ‘realistic’ theory views government
decision-makers as self-interested. Elected representatives therefore are motivated to increase the ‘perks,’
power and prestige of their position. Or they tend to
focus on maximization of the likelihood of re-election.

The latter motivation suggests that a government
would be reluctant to write off the interests of any
significant part of the electorate unless it means clear
gains in support elsewhere. This approach suggests
that governments are strongly motivated to put the
best face on their actions, and that what matters is less
the reality of policies than their appearance; unless
one supposes a well-informed electorate, appearance and reality may differ, especially on complex
policy issues.
The reader may wish to speculate on which, if
any – or all – of these views of government best fits
the period of direct control over the Canadian oil
industry. Books that emphasize the personalities and
politics of Canadian petroleum policies in the direct-control era include Doern (1992), Foster (1982),
and Simpson (1984).
As might be expected, a variety of points of view
were expressed at intergovernmental conferences
dealing with oil policy issues. Policy positions tended
to reflect the most immediate interests of the province,
but these were often somewhat complex and were
generally filtered through an ideological prism. Thus,
some insight can be gained by separating provinces
into net oil exporters (Alberta and Saskatchewan) and
net oil importers (the other eight). At the same time,
several of the importing provinces had reasons to
support petroleum-producer interests to some degree.
British Columbia, for instance, was a net-natural-gas
exporter, and possible offshore oil or gas potential
became increasingly important to Newfoundland
and Nova Scotia. Other provinces (e.g., Quebec) were
particularly sensitive to federal government initiatives
that might infringe on the powers of provincial governments. The economies of the three most western
provinces (and Manitoba to a more limited extent)
were very much affected by the activities of the crude
petroleum industry. However, B.C., Saskatchewan, and
Manitoba also had NDP governments over at least a
part of this period, which were more inclined to active
government intervention than was the Alberta Progressive Conservative government.
Some flavour of the input into the federalprovincial oil price negotiations can be gleaned from
the policy statements issued at the April 9–10, 1975,
Conference of First Ministers.
Newfoundland (F.D. Moores)
Concerned about rapid rises in oil prices. Saw
provincial ownership of resources as a key factor.
Eventually Canadian prices should go to the world
price level.

P.E.I. (A.D. Campbell)
Reluctantly agreed that Canadian petroleum prices
should rise over time to the continental (i.e., U.S.)
level.
Nova Scotia (G. Regan)
No further increase in oil prices warranted. Oil companies do not need the revenue the OPEC price implies
in order to undertake more activity. High foreign
ownership of petroleum companies is a concern. “I am
unable to see why the Government of Alberta needs
this extra revenue.”
New Brunswick (R.B. Hatfield)
Cannot support a further price rise. Price rises could
be justified only if closely tied to a policy of domestic
energy self-sufficiency.
Quebec (R. Bourassa)
Stable prices would help fight inflation, but increased
prices would induce reduced consumption and more
production. Advocates a gradual rise to the U.S. price
level.
Ontario (W.G. Davis)
Oil prices have not generated additional supply and
have negative macroeconomic consequences. Keep
prices constant, at least until inflation and unemployment rates are lower.
Manitoba (E. Schreyer)
(Did not refer to oil pricing.)
Saskatchewan (A. Blakeney)
‘Old’ oil price increases be held to the inflation rate.
‘New’ oil would get a higher price. Extra revenue
goes to the provincial and federal governments for an
Energy Security Fund.
Alberta (P. Lougheed)
World prices set the appropriate price level.
B.C. (D. Barrett)
No oil price increase if the rise goes to the multinational petroleum companies. Some increase with
extra revenue going to an energy fund would be
acceptable.
Ottawa
To encourage conservation and new suppliers the oil
price must rise toward the world level, but not necessarily all the way up.
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The First Ministers Conferences included all eleven
governments. Our discussion will emphasize only two
positions, those of the federal government (‘Ottawa’)
and the Alberta provincial government (‘Alberta’). In
addition to those concerns that we have already discussed, two other issues of particular financial import
for Ottawa should be noted. The first relates to the
one-price oil policy for Canada. This involved subsidizing users of imported oil (in practice, oil refiners) for
the difference between the higher world price and the
lower regulated Canadian price. So long as Canadian
oil imports and exports were approximately equal, this
policy had no significant net financial impact for the
federal government, since revenue from the oil export
tax would match required subsidies. This would not
be entirely true if Ottawa shared export tax revenues
with producing provinces, but sharing was not the
case in the 1970s. Of course, a decision to subsidize oil
imports meant that the revenue involved could not be
used in any other way. However, as oil exports to the
United States were cut, this balance between oil export
tax revenue and oil import subsidies would become
more and more unbalanced, and the net financial
outflow to Ottawa higher and higher. The lower the
Canadian price was held, the greater the net cost to
the federal treasury of the Oil Import Compensation
Program.
Ottawa was also concerned about the impact of
changing oil prices on the federal-provincial equalization grant program. These grants were designed to
equalize the ability of the provinces to provide services
to their citizens and involved grants by Ottawa to the
less-well-off provinces. The details were complex and
were subject to periodic change; they have generated a
large literature. (See, for example, Economic Council
of Canada, 1982, and the discussion by various authors
in the summer/autumn 1982 issue of Canadian Public
Policy. The Appendix to Courchene, 2005, provides
a summary of the equalization provisions related to
natural resources from 1867 to 1982; Courchene notes
that natural resource revenues have almost never
entered fully into the Canadian equalization formulae.) Higher petroleum prices generated higher bonus
bid and royalty revenue for the petroleum-producing
provinces and hence generated a higher equalization grant obligation on Ottawa. The effect was pronounced because the main beneficiary from higher
oil and natural gas prices was Alberta, which was a
high-income ‘have’ province. The effects would have
been different had Alberta been a ‘have-not’ province,
since higher petroleum revenues would have reduced
its claims for equalization grants. Newfoundland
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and Nova Scotia have been very much concerned
about the possible loss of such grants attendant on
development of their offshore petroleum resources, a
point of negotiation with Ottawa until an agreement
was finally reached in early 2005. British Columbia,
with a lot of natural gas production, was also a ‘have’
province, and Saskatchewan has been in some years.
One way to minimize the equalization grant effects
of petroleum price changes would be to amend the
grant formula, but the recipient provinces would not
welcome such a change. In January 1974, the agreement had been amended to exclude about one-third
of provincial natural resource revenues from equalization obligations on the ground that this amount
was being diverted into capital funds, like the Alberta
Heritage Trust Fund, rather than being used to fund
current provincial government activities. In 1982, the
equalization formula was further modified, in the
calculation of the relevant tax base, from a ‘national
average standard’ to a ‘five province standard,’ which
excluded Alberta and its petroleum revenues from
inclusion in the equalization formula. Revenues were
to be calculated on the basis of government receipts
in five provinces, Quebec, Ontario, Manitoba, Saskatchewan, and British Columbia, although average
tax rates across all ten provinces were still utilized
(Courchene, 1981, 1984). We shall not delve further
into the connections between petroleum revenues and
the equalization fund, but readers should be aware
that Ottawa was acutely aware of these ties. Courchene
(2005, 2006) provides a fascinating discussion of the
equalization program, with particular emphasis on the
treatment of petroleum resources revenues including
the differing positions of different petroleumproducing provinces and possible strains in the system
posed by the rise in oil and gas prices starting in 2003.
See also Usher (2007).
To recapitulate, Canadian oil policy had moved
into a stage of direct control. This involved intergovernmental negotiation, with Ottawa and Alberta
playing the leading roles. Alberta had a well-identified
interest in higher petroleum prices and looked on
OPEC’s world prices as the appropriate level. Ottawa’s
interests were more divided. Lower oil prices were
attractive to Canadian citizens as oil users, reduced
the call on the federal treasury for equalization grants,
and were presumed to give lower inflation rates and
to lower unemployment, at least east of Saskatchewan.
On the other hand, higher oil prices would encourage reduced oil use and higher production, therefore
encouraging more Canadian energy self-sufficiency.
Higher prices also reduced the drain on the federal

treasury for crude oil import subsidization. Moreover,
some of the shareholders in oil companies were also
citizens, and taxpayers would benefit from the higher
government revenue from increased economic rent
on oil. As the previous discussion indicated, Ottawa’s
general approach was to allow for gradual increases
in domestic oil prices towards the world level. The
second revolution in world oil prices, 1979–81, intervened before price equality was reached, so Canadian
prices remained under government control.
The January–March 1974 First Ministers negotiations had led to a crude oil price rise from $3.80/b up
to $6.50. The April 1975 First Ministers Conference
failed to reach agreement on a change in the crude
oil price. In the June 23, 1975 budget, Ottawa, with
Edmonton’s agreement, raised the crude price by
$1.50/b to $8.00, for one year.
In spring 1976, intergovernmental negotiations
failed to reach unanimity. Once again, Ottawa and
Alberta were able to agree. The federal Energy minister announced a $1.00/b price rise (to $9.00) on
July 1, 1976, followed by $0.75 on January 1, 1977 (to
$9.75/b). Again in the spring of 1977, consensus was
not attained, with Manitoba, Nova Scotia, and Ontario
dissenting from the other eight governments (Oilweek, May 16, 1977, p. 5). On June 27, federal Energy
minister Gillespie announced a two-year agreement
with $1.00/b price rises every six months. This would
raise the crude price to $13.75/b by January 1, 1979, so
long as the Canadian price did not exceed the price
of Middle East oil or the average price of crude delivered to Chicago. (The U.S. Congress was, at this time,
debating a proposal by President Carter to remove
U.S. crude oil price control regulations.)
The expectation in June 1977 had been that the
gap between the world oil price and the price of
Canadian-produced crude would become smaller
and perhaps disappear. This fit the federal government’s 1976 Energy Strategy for Canada: Policies for
Self-Reliance (Energy, Mines and Resources, 1976,
p. 127), which argued:
We must continue the process that began in
April of 1974, of phasing the price of domestic
oil toward international levels. Canada does
not necessarily have to go to international
prices. Because we have domestic resources
to develop, we have a degree of independence
from the oil-exporting cartel that many
countries do not enjoy and that is to our
advantage. But if we do not raise our prices to
levels at which those resources can be found,

developed and delivered, we will find ourselves
in the same position as those countries that do
not have domestic resources. …
It is the federal government’s objective to
see domestic oil prices increase to a level sufficient to bring on new Canadian supplies. To
the degree that this level is lower than international oil prices, it is a differential for the
benefit of Canadian consumers and Canadian
producers, industrial and agricultural. Should
it be the case that a price sufficient to bring on
Canadian supplies were to exceed international
prices, it would be necessary to make a further
decision, as we did in 1961, as to whether it
is in our best interest to continue to develop
our own resources or to import supplies
from other countries. Such a decision would
depend on the extent to which the appropriate
Canadian price exceeds international prices,
relative to the risks we would face as a nation if
we removed our dependence on imported oil.
However, as shown in Chapter Three, after the revolution in Iran, in late 1978, international oil prices
increased rapidly and dramatically, leaving Canadian
oil prices far behind.
Alberta agreed to a six-month postponement of
the January 1, 1979 price increase, with an extension
of the agreement with Ottawa to the end of June 1980,
including another $1.00/b rise on January 1, 1980.
Accordingly the crude price rose to $13.75/b (July
1979), then $14.75 (January 1980). A tentative longerterm pricing agreement reached in the fall of 1979
was aborted by the fall of the minority Conservative
government in December. Negotiations between
Edmonton and the new Liberal government in Ottawa
covered the whole range of petroleum pricing and
economic rent sharing issues. The two sides could not
reach agreement. On August 1, 1980, Alberta, for the
first and only time, unilaterally increased the crude oil
price, by $2.00/b to $16.75. Ottawa, which had offered
a $2.00 price rise, did not utilize the Petroleum Administration Act (see below) to override Alberta.
However, it was clear that the sudden jump in
international crude oil prices starting late in 1978, and
the prospect of further increases, had destroyed the
Ottawa–Edmonton consensual approach to petroleum policy.
Oil sands production proved to be an exception
to the oil pricing formulae. As part of the protracted
negotiations over the Syncrude project in late 1972 and
1975, it was agreed that Syncrude oil would receive

Government Regulation 249

world prices (see Helliwell and May, 1976; Pratt, 1976;
and Helliwell et al., 1989, pp. 170–72). Output began
from Syncrude in 1978, and, in August, Ottawa introduced a tax on oil refiners on all oil they processed
(the “Syncrude levy”) to provide the revenue in excess
of that earned by Canadian crude prices for the oil
sands output. In April 1979, as part of an agreement
with Suncor to expand its oil sands plant, the world
price was also granted to all of the output from
this plant.
Relations between Ottawa and Edmonton
exhibited what a psychologist might call ‘approach–
avoidance’ behaviour. The governments met and,
from 1974 to 1979, agreed upon a level of price for
Canadian-produced crude oil. At the same time, each
was concerned with setting out an institutional infrastructure that allowed it to meet its objectives in the
face of opposition from the other.
Ottawa, for example, introduced the Petroleum
Administration Act, which was passed on June 19,
1975. Sections 6 through 9 established an oil export
tax, with a level based on recommendations from the
NEB. Section 22 allowed the federal government and
producing provinces to agree on “mutually acceptable
prices” for crude oil in Canada, but, in the absence of
agreement, under Section 3 “the Governor in Council
may, by regulation, establish maximum prices for the
various qualities and kinds of crude oil.” (Sections
49 and 52 did the same for natural gas.) Section 38
allowed Ottawa to order the NEB to take control of
flows of oil once they crossed a provincial border.
To help assert provincial rights over petroleum,
Alberta passed the Petroleum Marketing Act, which
was given assent on December 14, 1973. Section 2
of the act set up the Alberta Petroleum Marketing
Commission (APMC) as an agent of the government
(Tyerman, 1976). Section 13 gave the APMC the power
to acquire petroleum as a broker (i.e., intermediary
between producers or buyers). At the provincial government’s request, the APMC would act as the sales
agent for the province’s share of output (i.e., royalty oil
and any of the province’s tar sands equity production;
Section 15) and the lessee’s share of conventional crude
(Section 21). That is, virtually all the provincial government’s crude oil would be marketed by the APMC.
The APMC was given power to set prices, including
quality differentials, and to determine which parties
would be eligible as buyers of Alberta crude (Helliwell
et al., 1989, pp. 42–43). In April 1981, the APMC took
direct control of the marketing of crude oil; the refiner
paid the APMC at the refinery gate and the APMC paid
the shipment costs to the refinery.
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b. Export Controls
By the end of 1973, the export price on Canadian
crude was made up of three components: (1) the government fixed wellhead price, (2) transmission costs,
and (3) the export tax. The level of the export tax was
set so as to make up the difference between the lower
Canadian price and the higher international (OPEC)
price, which established the value of Canadian oil in
U.S. markets. As was discussed in Chapter Six, with
the passage of time the NEB found it necessary to
distinguish more grades of crude oil, all at different
tax levels (Table 6.4). We noted in Chapter Six that a
government regulatory scheme which was simple in
concept – capture for Canada the difference between
international and domestic prices – proved to be
increasingly complex and costly to administer in
practice. Rising international oil prices, coupled with
smaller increases in the domestic oil price, led to an
export tax on light and medium crude of $26.00/b
by 1980.
The volume of crude oil exports had been subject
to NEB licensing since Ottawa’s March 1973 announcement. Chapter Six documented the level of crude
oil exports over this period (Table 6.4). The NEB set
out the general criteria in an October 1974 report on
oil exports, following public hearings on the topic.
The board found that “a deficiency of supply to meet
Canadian demand for feedstocks from indigenous
oil is possible in the early 1980s” (NEB, 1974, p. 1-3).
However, “if exports were immediately discontinued
the Board believes that reserve addition rates would
be no more than one-half of those that would be
forthcoming if new reserves were to have immediate
market access” (p. 4-4). Accordingly, the board proposed a formula for allowable exports which looked
forward for ten years and restricted exports the more
pressing were anticipated Canadian needs. The export
formula was (p. 4-8):

E = [P – (D + C)] (t/10)
where:
E is annual average volume available for
export in a particular year;
P is forecast annual average oil producibility
for that year;
D is forecast annual average “demand” for oil
in western Canada for that year;
C is forecast incremental annual average
demand which would have occurred had
new conservation measures not been
effective;

t

is the number of years from that year in
which western Canadian “demand” rises
to be equal to western Canadian supply
(maximum of 10 years).

Each year, allowable exports were to be estimated
by this formula. The NEB would then permit up to
this volume of exports under month-long licences.
The formula was designed to allow a phased adjustment to reduced exports and was set up so as not
to discourage Canadian oil conservation measures.
The ten-year horizon in the formula was substantially less restrictive than the longer-term one in the
board’s gas export surplus tests. (See Chapter Twelve,
Section 3.) Completion of the Montreal extension of
Interprovincial Pipe Line would add some 200,000
b/d to the western Canadian market. By 1976, oil
exports were less than half the 1973 volume. The
Sarnia to Montreal pipeline began operation in June
1976. For technical reasons, it was held at 50 per cent
of capacity at first, then 65 per cent, reaching 100 per
cent in May 1978.
In its September 1975 report on the Canadian oil
industry (NEB, 1975b), the NEB reviewed the surplus
formula, then turned attention to complaints from
heavy oil producers that Canadian refiners could not
accept their crude oil and that the export licensing
producers were unfairly restricting their market.
“From information currently available, the Board does
not see the need, at this time, to license heavy crude
separately as a protection procedure for Canadian
refineries.” However, in November 1976, the board
changed its opinion and began the separate licensing
of heavy crude oil. This procedure continued through
to the deregulation date of June 1985. As Table 6.4
shows, exports of light and medium crude oil were
cut to zero by 1980, rising gradually after that to
33,000 m3/d by the first half of 1985. Heavy oil exports
exceeded light in every year from 1979 through the
first half of 1985.

4. The NEP: 1980–85
The rapid rise in international prices after the
revolution in Iran in late 1978 left the Canadian policy
of a gradual transition to world oil prices farther than
ever from realization. By early fall 1980, delivered
prices of international crude oil were about $40/b
in Montreal. A Canadian price of $17/b necessitated
an export tax of $26/b. The minority Progressive
Conservative government in Ottawa had fallen in
December 1979 before a new oil price agreement could

be realized with Alberta. The newly elected Liberals
had included in their platform a “made-in-Canada
oil price.” This meant a single price (apart from
transportation costs) for all Canadians, whether they
used domestic or imported oil, and a price that would
not necessarily be based on the “artificial” OPEC ones.
It was consistent with the underlying premise of the
direct control period as set out by Prime Minister
Trudeau back in December 1973. Alberta and the
oil companies found it no more appealing in 1980
than they had seven years earlier. Meetings between
government officials from Ottawa and Edmonton
continued during 1980 but were not considered to be
productive. Nemeth (2006) offers a detailed review of
the introduction of the NEP; she argues that internal
federal government documents show that the federal
government had no serious intent of reaching an
agreement with Alberta, and that meetings were few
and far from productive.
a. The NEP. On October 28, 1980, Finance Minister
Allan MacEachan introduced a federal government
budget. The budget consisted primarily of a “National
Energy Program,” crafted at the Department of
Energy, Mines and Resources under Minister Marc
Lalonde. What we shall refer to as the NEP is actually a
series of eight sets of documents issued from October
1980 to April 1984. The NEP began with the 1980
budget speech but was modified in light of subsequent federal–provincial negotiations and changing
circumstances in the oil market. (Scarfe, 1980, and
Walker, 1981, amongst others, provide an overview of
the NEP.)
Our concern here is with the oil-pricing provisions of the NEP, but an overview of the program is
required to set the stage. Minister Lalonde’s introduction was headed “An Energy Program for the People of
Canada,” and announced “a set of national decisions
by the Government of Canada” (EMR, 1980, p. 1) based
on “three precepts of federal action” (p. 2):
• It must establish the basis for Canadians to seize
control of their own energy future through
security of supply and ultimate independence
from the world oil market.
• It must offer to Canadians, all Canadians, the
real opportunity to participate in the energy
industry in general and the petroleum industry in
particular, and to share in the benefits of industry
expansion.
• It must establish a petroleum pricing and revenuesharing regime that recognizes the requirement
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of fairness to all Canadians no matter where
they live.
Issues of revenue-sharing, which turned out to be the
most contentious part of the NEP, will be discussed
in Chapter Eleven (on taxation and the division
of economic rent). We shall touch only briefly on
matters of Canadianization insofar as they impact
upon Alberta. For the most part, these measures deal
with the stimulation of Canadian-owned companies
(especially Petro-Canada, the national oil company)
and applied with particular force to “Federal lands,”
the potential petroleum basins in Canadian frontiers outside Alberta. Crane (1982) provides a complete case for the view that there is excessive foreign
investment in the Canadian petroleum industry and
how the NEP was designed to address this. The brief
discussion in Chapter Six points out the contentious
nature of these arguments. Halpern et al. (1988) provide a very useful assessment of Petro-Canada’s first
decade. The Canadian government began to privatize
Petro-Canada in the early 1990s, selling off its last
equity holding, of just under 20 per cent, in 2004. The
Petro-Canada Public Participation Act specifies that
no single shareholder can own more than 20 per cent
of Petro-Canada’s common shares, and that its headquarters must remain in Calgary. The share limitation
condition would continue to be met under the merger
between Petro-Canada and Suncor announced in
March 2009 and effected at the start of August 2010.
Reasons for a continuation of crude oil price controls were scattered through the report and included:
the existence of OPEC, so that “the oil market is
not a free market” (p. 3);
ii. because of the OPEC price increases “the
economics of the industrialized world –
including Canada’s – have been stretched to
the point where the growth momentum of the
pre-1975 decade has been halted, and in some
cases reversed” (p. 5);
iii. because “the Government of Canada has the
responsibility to help the national economy
adjust to OPEC’s shocks, and to see that the
benefits and burdens are fairly distributed”
(p. 11);
iv. because it would be “a mistake” if Canadian
prices reflected “the uncertainty and erratic
movements in world oil prices, [so that]
Canadian economic performance would be
made even more vulnerable to the economic
repercussions of the world oil situation” (p. 23);
i.
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v.

because “there is no need to punish consumers
with large unexpected price changes” (p. 24);
vi. because “prices for oil and gas will be a major
determinant of the distribution of income
between consumers and governments. The
determination of such basic national policy
simply cannot be left to the actions of a foreign
cartel” (p. 24);
vii. because “a price mechanism reflecting
Canadian costs, not international oil prices,
and which offer high and predictable returns
for higher-cost oil industry sources, is a better
way to provide the necessary incentive” (p. 24);
and
viii. “oil pricing policy should translate Canada’s
relative strength in oil and other energy into a
competitive advantage for Canadian industries,
through prices that are below those prevailing
in other industrial countries” (p. 25).
The NEP “would establish a new schedule of prices
for domestic oil production, and a new price system
to blend the costs of different sources of oil into one
weighted average price to consumers” (p. 25). It is
necessary to consider separately prices on Canadian
oil production (which varied by category of oil), prices
paid by Canadian consumers (which were “blended”)
and prices paid by those importing Canadian oil
(which included the oil export tax). We have already
discussed the latter, where the NEB set the export tax
at the level necessary to raise the Canadian producer
price up to the world level.
The October 1980 NEP set up three categories of
Canadian-produced oil (pp. 27–29).
1. Oil Sands, including all the Syncrude output,
and the incremental output from the Suncor
expansion in the late 1970s. An “oil sands reference price” was established at $38.00/b effective
January 1, 1981. (This was the approximate world
price netted back to Alberta at the time of the
October 1980 budget.) Henceforth the oil sands
reference price would be the lesser of the world
price or a schedule of prices given by $38.00
escalated each January by the Consumer Price
Index. (A table [p. 26] showed the oil sands reference price rising to $79.65/b by January 1990,
implying an initial inflation rate of 10 per cent,
falling to 8 per cent by 1986.)
2. Tertiary Oil would receive a “tertiary oil reference price” on any approved tertiary recovery
projects (i.e., EOR projects other than secondary

[waterflood] recovery). This price would be
$30.00/b on January 1, 1981 (about 79% of the
oil sands price) and would change annually “in
a manner similar to the method of changing the
oil sands reference price.”
3. Conventional Oil was the remainder of
Canadian output. The price of 38° reference
crude oil would be the lesser of the (quality
adjusted) oil sands reference price or a scheduled price. The scheduled price involved a $1/b
increase every six months (starting with a $1 rise
to $17.75/b on January 1, 1981) up to July 1983,
and a $2.25/b increase each six months for two
years, and $3.50 each six months thereafter. “If
by 1990 the conventional oil price” ($66.75/b on
the schedule) “is still below that for reference
price oil, consideration should be given to a
more rapid rate of escalation.” (p. 27)
It was unremarked, but anomalous, that the scheduled
price for conventional oil exceeded that for tertiary
oil by July 1989. It was noted that different reference
prices for other oils – e.g., frontier – “may be established when more is known about the costs” (p. 29).
We shall comment briefly on the October 1980
NEP oil production prices. First, the CPI escalation
factors applied to oil sands and tertiary oil implied
constant real prices over time. Second, there was no
schedule of estimated world prices, but by showing
rising Canadian prices over time it was implied that
world real prices were expected to remain constant
or rise. Third, if inflation were lower than expected,
real conventional oil prices (with a fixed dollar increment) would rise more rapidly than the scheduled
prices implied, and hit the oil sands price ceiling more
quickly. Fourth, should real world prices fall, they
would begin to determine Canadian prices (via the oil
sands reference price and the tertiary price tied to it,
and eventually the conventional oil price); that is, the
“made in Canada” pricing policy held for rising world
prices, but not for falling prices.
The “blending” process complicated the link to
world prices. Canadian crude oil refiners would pay a
“blended” price for the crude they took in through a
combination of crude oil costs, levies, and subsidies.
The starting point for a refiner would be the price
for conventional Canadian crude oil or the price of
imported oil, depending on which the refiner bought.
Each refinery would be assessed a levy (“Petroleum
Compensation Charge” or PCC), which included:
(i) the old Syncrude Levy of $1.78/b (which would,
presumably, also cover the excess of tertiary oil prices

above conventional crude prices); and (ii) a new
charge designed to cover the excess cost of imported
crude. The latter was to commence at $0.80/b and
rise by $2.00/b each January 1 from 1981 through 1983.
The PCC would be $10.05/b by January 1, 1983. All
refiners would pay the PCC. Refiners using imported
oil would be paid a subsidy equal to the difference
in price between conventional Canadian oil and the
world price. Hence, all refiners would, in the end,
be paying a “blended” price for oil. The price would
be the same for all refiners (apart from transmission
costs). (Quality differentials posed problems for such
an oil import subsidy program. The NEP originally
ignored these price differentials, but by 1982 had to
begin to recognize them. See Helliwell et al., 1989,
p. 37.) The government also announced, in the NEP, its
intent to introduce an additional charge on all oil used
in Canada to help cover the costs to the Government
of Canada of its Canadianization program (NEP,
p. 51). While the oil-pricing provisions of the NEP
continued the general policy established back in 1973,
they involve several refinements. Canadian prices had
been held below world prices since 1973, but the NEP
clearly set the price for Canadian oil consumers at the
volume-weighted average of the prices paid to various oil producers, plus the Canadianization charge.
Refiners would buy domestic oil at the conventional
oil price and imported oil at the world price, with
importers of imported oil compensated for the difference, and all refiners would pay the same charge to
cover the PCC and Canadianization charges.
The NEP stipulated that the “blended price will
never exceed 85% of the international price or the
average price of oil in the United States, whichever is
lower” (p. 30). Obviously Canadian prices would be
maintained below international prices. There were
curiosities in this blended price ceiling, although they
were not commented on in the NEP. In particular,
consider the suggestion that “if by 1990 the conventional oil price is still below that for reference price
oil, consideration should be given to a more rapid rate
of escalation” (p. 27). How does this relate to the “85%
of world price” ceiling for a blended oil price? (We
shall abstract from tertiary oil with a price between oil
sands and conventional oil, and the possibility of U.S.
prices below world levels.) Clearly the price of conventional crude must be less than 85 per cent of the world
price, if the blended price is to be at 85 per cent or less.
(The lower conventional price must compensate for
oil imports at the world price.) The greater the proportion of imports, the lower is the ceiling price for
conventional oil.
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Simple algebra can be used to demonstrate these
connections. Assume there are only conventional oil
and oil imports, and that fc is the fraction of refiner
oil that is met by Canadian production. Clearly (1–fc)
is the import share. Let Pw be the world price. Then
the 85 per cent limit on blended price implies that the
maximum price for conventional oil (pcm) would be
determined in the following equation:
(.85)pw = fc (pcm) + (1–fc) pw

(Eq. 1)

Solving for pcm gives:
pcm = (fcpw–.15pw)/fc

(Eq. 2)

For example, if Canada were self-sufficient (fc = 1),
then the maximum conventional oil price (pcm) would
be 85 per cent of the world level. But if imports meet
50 per cent of Canadian demand, then the maximum
conventional price would be 70 per cent of the world
level. That is, the more dependent Canada is on
imported oil, the lower the ceiling price on domestic
conventional oil! This is a perverse result. We can
only assume that it reflected the strong belief of the
framers of the NEP that the real world oil price would
continue to rise, so that the schedule of conventional
prices was unlikely to hit the maximum price allowable. Consider, for example, the scheduled prices for
July 1990 (NEP, p. 26) of $79.65/b for the oil sands
reference price and $66.75/b for conventional oil.
The conventional oil price is almost 84 per cent of
the reference price. If the world real price had stayed
constant (using the CPI inflation factors), then conventional oil could receive the scheduled $66.75/b
only if imports provided 7 1/2 per cent or less of
Canadian consumption. (In equation 1 above, substitute Pw = $79.65 and pcm = $66.75, and solve for fc.) The
suggestion that the conventional price might accelerate to the oil sands reference price would depend on
even higher world oil prices. For example, if the conventional price were to rise all the way to the oil sands
reference price, and Canadian production met 80 per
cent of refinery demand, the world price would have
to be at least $98.03/b. If Canadian production were
60 per cent of consumption, the world price would
have to be $106.20/b before conventional oil could be
priced at the oil sands reference price.
If the nominal world oil price remained at the late
1980 level of about $38.00/b, and the import share
stayed at about one-third, the ceiling price for conventional oil would be $29.50/b, a level attained under
the NEP schedule in January 1985. If the CPI increases
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implied by the oil sands reference price series were
to prove accurate, they would imply a real price of
conventional oil in January 1985 of about $20.75/b (in
1980 dollars), a rise of 23 per cent above the August
1980 price. Thus, it is not at all clear that the NEP price
schedule, considered in real terms, would provide
“strong encouragement for industry’s efforts” (p. 27).
Only if inflation rates slowed appreciably would real
conventional oil prices rise significantly.
The terms of the NEP (especially the tax components discussed in Chapter Eleven) and its unilateral nature brought an immediate retaliatory
response from Alberta. Premier Lougheed made a
province-wide TV appearance on October 30, 1980,
just two days after the federal budget presentation,
dramatically opening it with the statement that “the
Ottawa government has, without negotiation, without
agreement, simply walked into our home and occupied the living room.” He announced that Alberta
oil output would be cut back by 15 per cent (180,000
b/d) in three equal steps commencing March 1,
1981, with three month lags between steps. In addition, any pending synthetic crude projects would be
put on hold. (In the event of a disruption in international supplies to Canada, Alberta would rescind
the cutbacks.) The federal government responded by
announcing that the Petroleum Compensation Charge
would be increased to cover the cost of any additional crude imports, as happened on March 1 and
June 1, 1981.
Serious negotiations between Edmonton and
Ottawa began in early spring 1981, with agreement
reached late in the summer. (James, 1990, considers
the interactions between Ottawa and Alberta in the
context of game theory.)
b. 1981 Memorandum of Agreement. The September
1, 1981, agreement was to last for five years. It maintained the blended oil price concept but modified
the October 1980 NEP oil price schedules and introduced an additional category of Canadian oil production. This was “new oil,” and it was given a “New
Oil Reference Price” (NORP). NORP applied to most
synthetic oil (including Suncor oil), oil from Canada
Lands (the frontiers with Crown land owned by the
federal government) and “new” Alberta conventional
oil (p. 3). New oil included oil in pools discovered in
1981 and later, bitumen from experimental and new
projects begun in 1981 or later and additional petroleum due to EOR schemes (other than waterflood)
beginning in 1981 or later (p. 3). Syncrude oil would,
essentially, receive the international price. A five-year

schedule of NORP prices in Montreal implied a wellhead price rising from $45.92/b January 1, 1982 in six
month increments to $77.48/b in July 1986 (p. 4). (The
January 1982 price was almost 10% above the oil sands
reference price given in October 1980, and the July
1986 price was 32% higher.) However, the world oil
price set a ceiling for NORP (p. 5).
The remainder of Alberta crude was labelled “conventional old oil.” Its price rose by $2.00/b October 1,
1981, by $2.20/b on January 1 and July 1, 1982, and by
$1.00/b every six months thereafter (p. 2). This meant
a price of $23.50/b on January 1, 1982, compared to
$19.75 under the October 1980 schedule; by July 1986
the price of $57.75/b was $19.00 higher than that in
the October 1980 schedule. Thus the late 1980 conventional price was, ostensibly, almost 50 per cent higher
under the September 1981 Memorandum than the
October 1980 budget. However, the difference presumed rising world oil prices. Under the September
Memorandum of Agreement, the old oil price was not
to exceed 75 per cent of the world price (p. 2). So long
as Canadian production served at least 60 per cent
of the Canadian market, the price ceiling under the
Memorandum of Agreement exceeded the October
1980 maximum. The Memorandum noted (p. 1, in the
Summary) that the July 1986 price was 75 per cent
of a “moderate world oil price forecast.” It was also
provided that if “the conventional old oil price has
already exceeded the 75% limit, there will be no rollback or retroactive adjustment” (p. 64). Shortly after
September 1981, the NORP was extended to almost all
experimental oil projects and to pentanes plus.
As under the original NEP, the refiner purchase
price would reflect the conventional old oil price
plus the Petroleum Compensation Charge (PCC).
“Subject to the fiscal undertakings contained in this
Agreement, it is the intention of the government of
Canada to set the level of the PCC so as to leave no
revenue in excess of the amount required to finance
oil import compensation and oil qualifying for the
New Oil Reference Price, for the period 1981–1986”
(pp. 8–9).
c. June 1982 Update. International oil prices failed to
rise as the 1980 and 1981 NEP documents had anticipated, so the 100 per cent of world price provision
immediately supplanted the NORP schedule. In June
1982, Ottawa issued a NEP Update 1982 (EMR, 1982),
which reaffirmed the goals of the NEP (“security,”
“opportunity,” and “fairness”) and expressed “pleasure
with progress made to date” (p. iv). The Update noted
“a current price softness, and a perception that this

may signal a more moderate price outlook” (p. 10) but
went on to argue that “there seems to be a preponderance of factors leading to higher, rather than lower,
prices” (p. 10). On balance, “the outlook, however,
is not necessarily for either low or high prices, but
for uncertain prices” (p. 11). Despite this, for “planning purposes,” the Update assumed rising nominal
prices, with the real price rising at 2 per cent per year
after 1983.
In an effort to offer further support to Canadian
production, the Update extended the NORP, as of
January 1, 1983, to all tertiary recovery projects, all
experimental projects and output from wells that
had been suspended for at least three years (subject
to qualifications related to provincial royalties) (pp.
74–75). More significantly, a new category of oil was
created, and allowed, as of July 1, 1983, 75 per cent of
the world price. This was a SOOP (Special Old Oil
Price) applicable to oil from pools discovered after
1973 but before the NORP date of January 1, 1981.
d. 1983–85. The weakness in world oil prices continued, with OPEC reducing its price in March 1983
from $34.00/b to $29.00/b (U.S. dollars for 34° Saudi
Arabia oil in the Persian Gulf). Conventional old oil
(at $29.75/b) now exceeded the 75 per cent of world
price ceiling, so was frozen at that level. In June 1983
a revision of the NEP extended the NORP to oil from
infill wells and moved the SOOP to NORP. NORP, of
course, was at the international price, well below the
prices set out in the September 1981 schedules.
Thus the original NEP price increases, set under
schedules that basically assumed Canadian oil prices
would always be independent of and below world oil
prices (the “made-in-Canada” pricing regime), were
superseded by schedules expressing oil prices as a
direct function of world oil prices. By the summer
of 1984, essentially two types of oil were identified.
“New” oil was syncrude, conventional oil discovered
after 1973 and tertiary recovery; it received world
prices. The remainder of production was “old” oil,
accounting for about 60 per cent of total Canadian
production; it received 75 per cent of the world
price (or more, if the prevailing price of $29.75/
bbl was greater than 75 per cent of the world price).
Within this basic distinction was a proliferation of
categories of oil (ten in Alberta) on which new or
old status was conferred. And it is remarkable how
much old oil became new at the stroke of a pen! By
mid-1984 the NORP, anticipated in the September
1981 Memorandum to be $63/b by June 1984, was in
fact $39/b.
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The convolutions in the various categories of oil
produced and the complexities of oil import compensation created myriad administrative headaches,
especially with regard to appropriate quality differentials and the lags involved in tying domestic prices
to world prices. The complications led eventually to
instances where some Canadian crude oils were priced
above world levels. (For example, this would happen
if world prices were weak while NORP prices were
tied either to lagged world prices or to official OPEC
prices which did not reflect current market discounts.)
Under these circumstances, Canadian buyers would
be under an incentive to purchase foreign crude even
though Canadian oil was available, as some Montreal refiners were doing by 1984. Differential import
compensation for crude oil and products also led to
anomalies whereby it was cheaper to import foreign
products into Canada, receive compensation, and shut
in Canadian crude oil. Occasionally, the combination
of import compensation and export taxes resulted in
a situation where a product could be imported into
one area of the country, with compensation paid by
the federal government, then exported from another
province and the export tax paid, with the original
importer making a profit on the transaction. (Helliwell
et al., 1989, pp. 46–47, provide somewhat more detail
on import valuation and product differentials.)
By the time the new Progressive Conservative
federal government was elected in September 1984,
it had become clear that most elements of the NEP
were insufficiently sensitive to the vagaries of the oil
market. The steadily increasing world price, which
had formed the backdrop to the NEP, had not materialized. The market for oil, with a heterogeneous product, complex refineries, and a world market becoming
increasingly ‘commoditized,’ proved difficult to regulate by direct control. Regulations became increasingly
elaborate and costly to administer.
Change was at hand. (See Section 5, below.)

B. Evaluation of the Direct Control Period

1. Effects of Direct Controls
As discussed in our analysis of the National Oil Policy,
the effects of a government program must be set out
in contrast to a hypothetical situation, namely the
world as it would have been without the program.
Definition of this hypothetical world calls on the
judgment of the economic analyst, and economists
may well disagree. Our presumption is that rising
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world oil prices would have brought the NOP to an
end in any event and that the alternative to direct
controls would have been a largely unregulated crude
oil market. (Presumably Alberta conservation regulations, designed to ensure good production practices
in oil reservoirs, would have continued.) The United
States would have dismantled the Oil Import Quota
Program, as it did in actuality. With the disappearance
of spare production capacity in the United States,
crude oil imports become the marginal source of
crude oil supply. World oil prices would determine
the price for Canadian-produced crude oil, as Canadian oil commanded the world price in U.S. markets,
and met barrel-to-barrel with imported crude in the
Niagara Peninsula. The U.S., eager to reduce reliance
on crude from OPEC, and the unstable Middle East in
particular, would welcome flows of oil from Canada.
Potentially this could involve the diversion of western
Canadian crude from the populated regions of southern Ontario into markets in the United States closer to
Alberta (the Midwest, including Chicago). We assume
that the existence of an established pipeline link
(Interprovincial Pipe Line) to Port Credit, plus likely
opposition from Ottawa and the Ontario provincial
government would mean that Canadian crude oil continued to serve the Toronto area. However, the Montreal extension would not have been built. If anything,
pressure might have existed to build a west-flowing
line from Montreal to allow imports into the Toronto/
Sarnia market.
The impact of the direct control period was to
limit the volume of exports to the United States and
to hold Canadian prices below the international level.
The general effects on the crude oil market are illustrated in Figure 9.2. (Comparative static analyses like
this have been used by many economists analyzing
post-1973 Canadian oil policies. See Watkins, 1977a,
1981; Waverman, 1975; Thirsk and Wright, 1977; and
Powrie and Gainer, 1977. Waverman and Watkins,
1985, focus on the impacts on the downstream oil
industry.) This is a simplified ‘generic’ policy that
holds the price to both Canadian producers and consumers (pc) below the world price (pw). As we shall
discuss below, the actual Canadian regulations varied
over time and did not always exactly fit this simple
analytical model. In Figure 9.2, Panel (a) shows the
“western Canadian” market (WORV), while Panel
(b) shows “eastern Canada” (EORV), following the
established consumption regions as established under
the NOP. In Panel (a), DWC is the western Canadian
demand curve, and Sc the supply curve. In Panel (b),
DEC is the eastern Canadian demand curve.

In western Canada, the effect of direct controls
on price was to hold the Canadian price below world
levels (Pc < Pw) to encourage additional consumption
(Q4 > Q1) and to discourage production (Q2 < Q5).
Exports fell from (Q5 – Q1) to (Q2 – Q4). Oil consumers benefit from reduced prices on the oil they would
consume at the higher price; they pay an amount
less indicated by area Pc AJPw. In addition, there is
a consumers’ surplus gain of ABJ on the incremental output. The Canadian government gains export
tax revenue equal to BDHI. Oil-producing interests
(shareholders in oil companies and governments that
receive payments from the industry’s economic rent)
lose because of the lower prices and reduced consumption. Total dollar losses of Pc EFPw plus Q2Q5ED
are partly matched by reduced production costs of
Q2DFQ5.
If there are additional limitations on the volume of
exports, as was true, particularly for light and medium
crude over the 1973 to 1985 period, then export volumes could be further reduced to (Q3 – Q4) with a
loss of revenue to producers of Q3Q2DC, a saving to
producers of costs (Q3KDQ2) and a loss of export tax
revenue to the government (CDHG).
In eastern Canada (Panel [b] of Figure 9.2), the
decision to impose a made-in-Canada price (Pc) lower
than the world price (Pw ) generates increased consumption (Q1Q2). Consumers benefit from reduced
payments on what would be bought at the higher price
plus a consumer’s surplus gain (Pc BDPw). Taxpayers
finance oil imports in the amount of Pc BCPw . It can be
seen that the export tax revenue will partly or entirely
balance import subsidies, depending on whether
or not exports are less than, equal to, or greater
than imports.
Figure 9.2 illustrates, in general, the effects on
Canadian oil markets of the direct government controls from 1973 to 1985. The precise impacts are more
complex. For example, beginning with Syncrude in
1977, and with increasing complexity thereafter, some
Canadian production was allowed prices higher than
the rest of output, with the price to consumers lying
between the world price and the lowest producer
prices. Another example relates to the oil export
volume limitations and taxes, which varied depending
upon the grade of the crude oil, with tighter volume
limits and higher taxes on lighter crudes. Estimation
of the impact of the oil price and export controls over
the 1973 to 1985 period is, therefore, difficult.
Moreover, as was noted above, the impacts of policies can be assessed only in relation to that never-seen
universe that would have occurred had the policies
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Figure 9.2 Canadian Oil under the NEP

not been imposed. We shall assume that Canadian
prices would have been at the world level and that the
U.S. market, in its desire to reduce dependence on
OPEC oil, would have been willing to absorb whatever
exports Canadian producers would have been willing to make. Since Canada is a small producer at the
global level, we assume that an absence of Canadian
price controls would have had no effect on the price
of international crude. Hence the crude oil price controls meant lower prices to Canadian consumers and
producers than would otherwise have occurred. The
impact on the federal government is more complicated, since it would not have received oil export tax
revenue (or such receipts as the Syncrude Levy) but
would also not have had to subsidize oil imports. Further, as Chapter Eleven discusses, the revenue received
by the federal government from the oil industry is
determined in part by the crude oil price; after 1980,
it was affected as well by special levies introduced
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under the NEP, and no one can know what the tax (or
rent collection) provisions might have been had the
government not proceeded with the price control provisions of the NEP.
Export levels are also subject to great uncertainty.
We assume ready willingness of the United States to
accept Canadian oil and presume there were amounts
available that would be excess to consumption levels
(at the world price) in established Canadian markets
for Canadian crude (i.e., WORV). Restrictions under
the USOIQP had disappeared. However, amounts
available would depend in part on the Alberta
market-demand prorationing regulations and in part
on the balance over time between reservoir depletion
and reserves additions at international price levels.
One might assume that high exports in the mid1970s would have absorbed excess capacity and run
down domestic oil producibility more rapidly – this,
after all, was the concern that led to export limits on
crude in the first place. But, as we have noted, crude
availability is less a physical phenomenon than an
economic one, and the greater demand for oil and
higher prices would offer a stronger inducement to
add reserves thereby supporting or even increasing
export capabilities.
Helliwell et al. (1989) undertook detailed econometric analysis of the Canadian petroleum industry,
including estimation of equations to describe aggregate production and consumption decisions. Those
equations can then be utilized to provide estimates of
how the industry might have behaved had conditions
been different. Thus, their Chapter 10 looks at the
actual course of events in the overt control period,
1973–85, and compares them with four other sets of
circumstances that might possibly have occurred. One
of the scenarios assumes that Canadian oil and natural
gas prices had been free to move to market-clearing
levels throughout the 1973 to 1985 period, and that
export volumes were also largely uncontrolled. (Since
industry expenditures depend on oil and gas prices,
it is necessary that some assumption be made about
gas market regulations as well as those for crude oil.
We would note that the assumptions about crude are
relatively uncontroversial – Canadian domestic and
export prices follow world levels, and any feasible
production in excess of domestic requirements is
exported. The appropriate assumptions for natural
gas are harder, for reasons set out in Chapter Twelve.
Helliwell et al. basically assume a fixed ratio of gas to
oil prices, and that gas export volumes equal historical levels after 1979 when the United States exhibited
signs of gas surplus.) Helliwell et al. find that in the
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deregulated case oil export volumes are much higher
than were observed historically, being “relatively constant over most of the simulation period, averaging
about 260 million barrels per year (113,000 m3/d)
during the 1974–85 period and then falling gradually”
(p. 200). Table 6.1 shows that actual oil exports from
Alberta did increase substantially with deregulation
rising to about 104,000 m3/d by 1993 from some
43,000 m3/d in 1984. This was still below 1973 exports
of almost 160,000 m3/d. However, it suggests that the
Helliwell et al. estimate of Canadian exports of 113,000
m3/d without regulations from 1974 to 1985 is quite
reasonable. In the absence of the overt controls, the
Sarnia–Montreal pipeline extension would not have
been built. So at least a part of the increased exports
would be met, not by increased production, but by
increased imports into Quebec. (Deliveries of Alberta
oil to the Montreal market hit a peak of 42,000 m3/d
in 1980.)
The price effects of the overt control period are
somewhat difficult to establish exactly. Table 6.3
provides a record of year-end prices for the main categories of oil, but prices changed at various points of
time during the year, and it must be remembered that
different prices applied to different categories of crude.
Table 9.3 provides a summary of pricing in the 1973–85
period on the assumption that there are three categories of oil: imported crude, domestic “old” crude, and
(for 1982–85) domestic “new” crude. It is assumed that
synthetic crude from the tar sands received the world
price, which was true for most of the period, and held
for all new projects. We have not shown the “Special
Old Oil Price” (SOOP), which applied to oil discovered
from 1974 to 1980 and received a price between the old
and new oil prices; this category existed for only one
year, from mid-1982 to mid-1983, whereupon it was
“NORPed” into the new oil category. Table 9.3 does not
make complete allowance for quality differentiation
problems, but the price differences shown are representative of those that existed in the overt price control years. Prices for “old” oil were less than $1.00/bbl
below world prices when crude prices were frozen in
late 1973 and were generally held $2.50 to $4.00 lower
through to the sharp increase in OPEC prices, which
began in late 1978. The differential then grew rapidly,
to over $22.00/bbl by 1981, subsequently falling as
Canadian prices rose and international prices began
to weaken.
By early 1985, immediately prior to deregulation of
Canadian crude prices, the price of old oil was about
$8.00/b below the international level. (Recall that
“old” oil, in essence, was production from any reserves

Table 9.3: Average Annual Prices of Oil in the Overt Control Period ($/b)
World Price (PW)

1973*
1974
1975
1976
1977
1978
1979
1980
1981
1982
1983
1984
1985*

4.57
9.74
11.20
11.46
13.58
14.76
21.09
35.75
41.38
39.99
35.23
36.99
37.79

Canadian Producer Prices
‘Old’ Oil (PO)

‘New’ Oil (PN)

3.80
5.825
7.25
8.525
10.25
12.25
13.25
15.583
18.875
24.625
29.75
29.75
29.75

3.80
5.825
7.25
8.525
10.25
12.25
13.25
15.583
18.875
39.99
35.23
36.99
37.79

Consumer Levies

0
0
0
0
0
0.05
0.45
1.47
8.14
7.45
4.91
5.30
7.69

Consumer Price (PC)

3.80
5.825
7.25
8.525
10.25
12.30
13.65
17.023
27.015
31.075
34.66
35.05
37.44

Price Differentials
PW-PO

PW-PN

PW-PC

0.77
3.915
3.95
2.935
3.330
2.51
7.84
20.167
22.505
15.365
5.48
7.24
8.04

0.77
3.915
3.95
2.935
3.330
2.51
7.84
20.167
22.505
0
0
0
0

0.77
3.915
3.95
2.935
3.330
2.46
7.39
18.697
14.365
8.915
0.57
1.94
0.35

Notes:
* = last four months of 1973 and first five months of 1985.
World price is the average cost of oil imports at Montreal as reported in the CAPP Statistical Handbook less $1.31/b for Edmonton–Montreal pipeline transmission. (This
was the June 1985 pipeline tariff as reported in the 1986 Canadian Petroleum Monitoring Survey of the Petroleum Monitoring Agency.)
Canadian prices are those set by regulation as Edmonton prices of ‘par crude.’ Prices are time-weighted averages. Until the 1981 Memorandum of Agreement only
synthetic crude oil, and starting with the October 1980 NEP, a small amount of tertiary crude, received a higher price than old oil. Accordingly, a different new oil price is
not recorded until 1982. It is assumed that new oil received the world price beginning in January 1982.
Consumer levies are the petroleum compensation charge (PCC), special compensation charge (SCC), and Canadianization of oil special charge (COSP), as reported in the
1986 Canadian Petroleum Industry Monitoring Survey of the Petroleum Monitoring Agency. The levies are time-weighted averages for the year.
Consumer price is the old oil price plus the consumer levies. This is defined at the Alberta border. For consumers in other markets, the differential with world prices
would be smaller than this suggests because of the added transmission component.

proved up prior to the start of 1980, except that reserve
additions associated with new discoveries from the
start of 1974 through 1980 were allowed higher prices
beginning in 1982, first as SOOP, then NORP. Oil from
enhanced recovery projects beyond waterflooding
was also largely shifted to these categories.) “New” oil
prices were identical to old until the September 1981
Memorandum of Agreement, then, starting January 1,
1982, were given the NORP values (which turned out
to be the international level) from 1982 on. More difficult to assess accurately is the netback on lifted oil or
reserves additions, which depend not just on oil prices
but also on taxes and costs; such netbacks play an
important role in the oil supply models discussed in
Chapter Eight. Scarfe (1984), amongst others, provides
some netback estimates for the NEP years.
Prices to energy users throughout Canada were
the old oil price plus a variety of “consumer levies,”

designed to generate the overt control policy’s “madein-Canada” blended price. (Consumers also paid
actual or hypothetical transmission costs from Alberta
to their market.) The levies include: the “Syncrude”
charge introduced in 1978, the Canadianization
charges introduced in 1981, and the charges designed
to cover the costs in excess of old oil prices for imports
and new oil introduced with the NEP. Until 1978, the
differential between the world price and the lower
price paid by consumers was the same as the price
differential for producers. After that, the differential
was smaller for consumers than producers of old oil;
the peak consumer price subsidy of over $18/b was hit
in 1980, but it fell sharply after that to under $2.00 by
1983–85. The consumer subsidy was, in fact, much less
than anticipated in the NEP or the 1981 Memorandum,
but this was because international prices did not rise
as rapidly as those agreements expected.
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2. Normative Analysis of Strict (Overt) Controls
As with our discussion of the NOP, we shall begin with
an analysis of the efficiency of the policies focussing
on the oil market in isolation, after which we shall
briefly consider other possible reasons for the government regulations.
a. Efficiency of Strict Controls

In comparison to an unregulated market with Canadian oil prices set by world crude oil prices, the
period of overt controls, culminating in the NEP,
served to keep prices to Canadian oil producers and
consumers lower than they would otherwise have
been. In addition, a crude oil pipeline extension to
Montreal took place, which would otherwise not likely
have occurred, and crude oil exports – mainly of light
oil – were restricted. The restriction was likely of a
greater volume than implied by the diversion of Canadian oil from the export market to Montreal. Viewed
through a political lens, the main effect was to benefit
crude-oil-consuming interests across the country at
the expense of crude-oil-producing interests (centred
largely in Alberta). Such effects are, however, largely
transfers from one group of Canadians to another
and therefore cancel without net efficiency effects.
Economic efficiency looks quite different from a narrower Alberta perspective, where there is a significant
outflow from the Alberta government, Alberta oil
producers, and others in the province to other parts
of Canada. (See Mansell and Percy, 1990, Appendix A,
for an assessment of this at the government level). As
Figure 9.2 illustrated, from a Canadian perspective,
the low price policy does have two types of efficiency
cost (or deadweight loss). First, it engendered incremental oil consumption with values to consumers less
than the world oil price (which represents the opportunity cost to the country of the oil consumed); that
is, the gain in consumers’ surplus from using the oil
was less than the cost of the oil. Second, the low price
discouraged the addition of supplies even though the
cost of the incremental oil was below its value in international markets; that is, there was a loss of economic
rent to the country. In addition, there were the costs of
building and operating the Sarnia–Montreal leg of the
Interprovincial Pipe Line.
Table 9.4 provides approximate estimates of the
size of these efficiency losses. (Analysis begins with
1974, since the price freeze began only in September
1973, and prices were held only slightly below international levels for the rest of that year.) The method
utilized is identical to that applied in analyzing the
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efficiency of the NOP. In particular, straight line supply
and demand curves were assumed with elasticities of
0.3 and –0.6, respectively, at the observed production
and consumption points. (Thirsk and Wright, 1977,
amongst others, apply this approach using a variety
of elasticity assumptions.) Our elasticities are taken
to be representative of the long run. The approach is,
therefore, static, even though the underlying processes
are dynamic. For example, short-run rigidities in
adjustment are not taken into account, and there is no
formal allowance for the ongoing effects of reserves
additions. Moreover, unlike the NOP years, when Canadian oil prices were relatively fixed, the overt control
period saw significant changes in prices. This implies
some inconsistency between two key assumptions.
For example, a straight line demand curve will have
different elasticities at every price (with a higher elasticity at higher prices). (Unless the supply curve passes
through the origin, it, too, will have different elasticities at every price.) Yet we have assumed a constant
elasticity in each year at whatever price was observed,
and prices tended to rise significantly over the period,
implying hyperbolic demand and supply functions.
Clearly our calculations must be taken as indicative of
efficiency effects, not precise estimates.
We have ignored the operating costs of the
Montreal pipeline but include the capital cost and
an assumed 10 per cent required rate of return on
un-depreciated capital; the line was assumed to be
depreciated on a straight line bases over twenty-five
years (i.e., 4%/year). The economic rent inefficiency
was assumed to apply to conventional oil only, since
incremental tar sands projects were allowed the world
price throughout the period.
The inefficiencies of the price and trade control
regulations were large, as Table 9.4 shows, with an
average annual value of over $1.2 billion. In the peak
year (1980), they amounted to $6.3 billion, which
was 2 per cent of Canadian GDP. The costs tended
to become lower from 1974 to 1978 as Canadian oil
prices approached world prices but ballooned in the
next two years as world oil prices exploded. They fell
sharply thereafter for several reasons. When world
oil prices levelled off, and then began to soften, the
gap between Canadian and world prices narrowed
once again. Recall that this was fortuitous, rather
than a matter of policy, as the October 1980 NEP and
September 1981 Memorandum were wrong in their
forecasts of rising OPEC prices. A second factor was
the major change initiated in the 1981 Memorandum
to allow higher (as it happened, world) prices for a
potentially large volume of new oil. Table 9.4 assumes

Table 9.4: Efficiency Costs of Overt Controls (106 Canadian dollars)

1974
1975
1976
1977
1978
1979
1980
1981
1982
1983
1984
1985
Total
Yearly Average

Consumption Losses

Economic Rent Foregone

Montreal Pipeline Costs

498.83
398.20
191.86
214.85
95.00
847.93
4,230.48
1,451.16
417.16
1.43
16.86
0.48
8,364.24
760.39

259.08
181.08
77.28
83.25
38.76
386.63
2,013.01
1,871.57
0
0
0
0
4,910.66
446.42

0
185.00
18.50
17.76
17.02
16.28
15.54
14.80
14.06
13.32
12.58
11.84
336.70
30.60

Total
757.91
764.28
287.64
315.86
150.78
1,250.84
6,259.03
3,337.53
431.22
14.75
29.44
12.32
13,611.60
1,237.42

Notes:
The yearly average is for 1974 through 1984.
The analysis assumes straight-line demand and supply curves over the relevant price ranges. An elasticity of demand of –0.6 and an elasticity of supply of 0.3 are
assumed. For the mechanics of the calculation of efficiency losses, see the discussion in Table 9.2.
Consumption losses: Assumes that the demand curve passes through the point given by the consumer price of Table 9.3 and an estimate of Canadian crude oil utilization as derived from Annual Reports of the NEB. This estimate is derived by adding crude oil imports to production and subtracting exports. (It therefore abstracts from
stock changes and net product imports.) The consumer price subsidy is given by the difference between world price and consumer price reported in Table 9.3.
Economic rent foregone: Assume the supply curve passes through a point given by the new oil price of Table 9.3 and a production level equal to Canadian production as
reported in the NEB Annual Reports less Syncrude production as reported in the ERCB Annual Statistic Summary. The price differential due to the policy is given by the
world price–new oil price differential of Table 9.3.
Montreal pipeline: The 1975 Annual Report of the NEB noted the issuance of a public certificate on May 21, 1975 (#OC-30) for construction of the 520-mile 30” diameter
line. Estimated capital cost was $185 million. It was assumed that this sum was spent in 1975. Operating costs other than return on capital were assumed to be insignificant. Capital is assumed to be depreciated over 25 years on a straight-line basis, and a 10% return on undepreciated capital included as a cost of the line.

that all potential incremental oil supplies received the
world price after 1981, so that no further economic
rent losses occurred. In fact, this underestimates rent
losses, since the incorporation of different supply
sources in the new oil category took place more gradually than that implies. For example, the full world
price for extension drilling new additions in pools
discovered between 1974 and 1980 was not granted
until mid-1983. Further, some potential incremental
oil production never received the world price. Consider the abandonment decision. Prices lower than
the world level for oil from wells in pools discovered
prior to 1974 would generate an earlier shutdown
time. However, since these pools have relatively low
output rates and high operating costs, the rent foregone would be relatively small. (This is, however, a
rather perverse result in a policy that took energy
self-sufficiency as an important objective). The Annual

Reports of the APMC record payments to Alberta oil
producers for the crude handled by the APMC, including the payments above the old oil price for SOOP and
NORP. They suggest that the proportion of Alberta oil
production classified as “new” rose from 4 per cent in
1982 to 38 per cent by 1985.
Overall, the overt control period generated large
inefficiencies in the Canadian crude oil market. By the
end of the period, the inefficiencies had been reduced
significantly. However, this was in part accidental as
world oil prices weakened and came only with a complex administrative structure with more and more
different categories of crude, some ten by 1984.
b. Other Aspects of Strict Controls

Other reasons for the pricing and trade policies adopted in the overt control period include
macroeconomic stabilization, national security,
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conservation, and rent-sharing. Similar arguments
were discussed when we reviewed the NOP, though
the direction of connection ran the opposite way in
the overt control period, since prices were held below
world levels, rather than above as during the NOP. We
shall comment only briefly on three of the arguments
and will save most of our discussion of rent-sharing
issues for Chapter Eleven.
Macroeconomic Stabilization. Rising international oil
prices have been implicated in the ‘stagflation’ (concurrent recession, or slow growth, and inflation) that
began to characterize many economies in the 1970s. In
brief, it was argued that rising oil prices (which tended
to pull up the prices of other energy products) provided a ‘cost-push’ effect on price levels. Since prices
of many goods tend to be rigid in a downward direction, a rise in the price of a key input such as energy
can generate a rise in the average price level, and if
other inputs – e.g., labour – operate to increase their
prices as general price levels rise, additional upward
price pressure is created. At the same time, the higher
payments for energy – especially payments to OPEC –
meant that consumers had less to spend on other
goods and services so the demand for them fell, generating recessionary pressures and higher unemployment rates. OPEC members were, in the aggregate, net
savers in the years immediately following an oil-price
increase, so their spending did not rise by enough
to offset spending declines by oil consumers. Nor, of
course, did OPEC members necessarily distribute extra
spending geographically in the same proportions as
their extra earnings. OPEC’s utilization of funds was
commonly referred to as a ‘recycling’ problem. (These
macroeconomic arguments about the effect of changes
in oil prices have been controversial. A review and
sceptical view is Barsky and Kilian, 2004.)
Evidence on this issue is discussed by Helliwell
et al. (1989, chap. 11) for Canada. They note that the
direct recessionary effects of an energy price rise on
a net energy importing nation is generally supplemented by indirect recessionary impulses as other
countries suffering from recessions reduce their
imports of goods and services from this country.
Qualifications to the analysis may be required for a
country like Canada, which was a net energy exporter
in 1973, since higher energy prices mean increased
international earnings and a stimulus to investment in energy industries. Helliwell et al. use a large
macroeconomic model, with a well-structured energy
sector – the MACE (Macro and Energy) model – to
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simulate the operation of the Canadian economy
under a variety of scenarios.
What would have happened had Canadian polices
been the same in the overt control period except that
petroleum prices were allowed to go to world levels?
They find that Canadian real GNP would have been
lower in every year by amounts ranging from one half
of one per cent to 2.5 per cent; price levels would have
been higher (pp. 212–14). However, the implication
that higher oil prices tend to be stagflationary for
Canada requires further consideration. In particular,
a second simulation looks at both world pricing for
petroleum and a policy of unregulated exports (especially for oil). In this case, price levels are still higher
than was actually observed in the overt control period
(except in 1984 and 1985), but real GNP is slightly
lower only in 1974 and higher in other years, by as
much as 3.5 per cent in 1983 (pp. 213–14). The domestic
price controls and export limitations together, then,
seem to have reduced inflation slightly but generated
reduced real output.
Of course, both simulations involve comparison to
a world history in which OPEC raised crude oil prices
dramatically. What were the combined effects of the
OPEC price shocks and the Canadian policies? Helliwell et al. address this by a hypothetical simulation
in which world oil prices rise smoothly over time as
the general price level of expenditures in the United
States did over this period. They find (pp. 223–25)
stagflationary effects in what actually occurred relative
to this hypothetical scenario without the sharp OPEC
oil price changes; that is, the oil price increases tended
to reduce real GDP and increase inflation. However,
the extra inflation and reduced GDP are both smaller
as actually observed than they would have been had
Canada pursued a deregulated petroleum pricing
policy. “Overall, the results suggest that domestic
policies – especially domestic pricing policies – were
successful in moderating to some extent the impact
of the OPEC price shocks in the 1970s. … The results
also indicate, however, that domestic policies had far
less impact on the economy than the price shocks
themselves” (p. 225). Helliwell et al. do not report a
gradual price rise scenario where both price deregulation and no oil export restrictions are considered;
the earlier results suggest that this might exhibit a
less pronounced recessionary effect than was actually
observed.
Overall, the evidence in Helliwell et al. suggests
that the policy of holding Canadian petroleum prices
below world levels taken by itself did have the effect of

moderating the recessionary and inflationary effects
of higher world oil prices in the 1974–85 period. Such
gains must of course be set against the other effects
of the policies, including the administrative costs of
the programs and the efficiency losses. It is also fair to
ask whether alternative macroeconomic stabilization
policies might not have better attained the macro
objectives. Moreover, it must be noted that macroeconomic stabilization seems unlikely to have been a
prime rationale for the program since other policies
of overt control period appear to have worked against
relatively higher real growth. As was discussed above,
the oil export limitations tended to reduce Canadian
GNP, and so, according to Helliwell et al.’s simulations,
did the various petroleum tax changes introduced
by provincial and federal governments as petroleum
prices rose.
Security of Supply. Amongst the measures of the
direct control period were those limiting oil exports
and extending the Interprovincial Pipe Line (IPL) to
Montreal. After 1976, Montreal refineries began using
western Canadian oil. Construction of the pipeline
had the direct backing of the federal government;
tariffs for the extension were subsidized until 1980,
and after that the costs were spread over all the costs
of the IPL system (i.e., ‘rolled in,’ so that Montreal
refiners did not have to pay the full incremental cost
of the extension). The eastward flow of Alberta oil as
far as Montreal clearly required a regulatory directive.
Even under the NEP, oil imports to Montreal started
to rise in 1983 as regulated prices lagged behind weakening international prices. With deregulation in 1985,
exports of western Canadian crude oil to the United
States increased, and exports to Montreal fell. By 1990,
the Sarnia–Montreal extension was mothballed, and
Canada once again relied on imports for Montreal
refineries. In fact, by the mid-1990s, many were speculating on whether the line should be reversed to allow
imported crude into the Ontario market, as finally
occurred in 1999.
The key question is whether this policy generated
a national security benefit, and, if it did, whether it
was commensurate with the costs of the policy. We
shall not analyze this issue with any rigour but must
express our scepticism about the national security
argument. It is true that international crude oil movements have been prone to disruption, especially those
originating in the Middle East. However, analyses of
the 1967, 1973/74, 1979/80, and 1990/91 crises show
that the actual net losses of crude oil were very small

relative to world consumption and that perceived
shortages have been shared relatively equitably across
the world. Further, Canada joined other members
of the International Energy Agency (IEA) in 1975 to
formalize a shared shortage plan. More fundamentally, perhaps, several analyses suggest that the main
‘shortages’ in previous crises were as much due to government regulations (e.g., “gasless Sundays”) as to the
supply disruptions.
The increased willingness of countries to rely upon
market mechanisms during supply crises – as evidenced by actions in the 1990 Gulf War – also affects
the national security argument. Here, higher prices
provide the conservation incentives needed to cope
with the supply disruption and no ‘shortages’ appear
because the market clears at the higher prices. Market
reliance also casts doubt on the IEA emergency sharing agreement since rising prices will spread the
adjustments throughout the world without the necessity for formal government allocation measures. A
number of analysts have suggested that there is still a
role for the utilization of strategic stockpiles to help
blunt any crisis-induced price panics that might result
from less than fully rational, destabilizing, changes
in expectations.
Much is often unformulated in the national security argument. Which uses of oil are critical to national
security? And why wouldn’t these needs be among
those that continue to be met during a crisis? To our
mind, the more critical security of supply issues relate
to the stability of market mechanisms during a crisis
and the equity effects of a crisis (e.g., the impact upon
the very poor of a large, sudden rise in the price of
fuel oil used for heating). The first problem requires
joint international monitoring in the market, whereas
the brunt of the second most logically falls on social
support programs. Neither is well addressed by the
decision to hold domestic oil prices below world levels
and to limit exports.
Conservation. Energy policies have often been justified on ‘conservation’ grounds, generally in terms of
decreasing current use in order to increase supplies
available in later periods. While such a claim might
be made for the oil export regulations discussed in
Section 3, it is harder to do so for the overt price controls. As a package, oil and gas price levels were held
lower than would have been expected on the basis
of world prices, therefore encouraging more current
consumption. While the high price of gas exports in
the early 1980s did discourage foreign use of Canadian
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gas, this seems to have been an unintended consequence of the uniform border pricing policy and the
emphasis on the substitution (replacement) value of
the gas. By 1983, the government had introduced a
volume discount plan to encourage higher exports.
(Natural gas policies are discussed in more detail in
Chapter Twelve.)
Rent Sharing. As was noted in our discussion of
Figure 9.2, a main effect of holding Canadian oil
prices below the world level is to transfer revenue
from oil producers to oil consumers. There is an added
regional dimension to this since crude oil production
is so concentrated in one part of the country. In
such circumstances, concern with the distribution of
rent between producing and consuming interests is
likely to be felt by the central government. A regional
government in the producing area, such as Alberta, is
most likely to be concerned jointly with maximizing
the size of the economic rent going to producing
interests and with increasing the share of this rent,
which goes to the government instead of companies.
As we saw in our discussion of the NOP, the direct
impact of lower oil prices tends to be moderately
progressive across consuming groups, and the
wealthier tend to benefit most from higher dividend
payments from, or share prices for, oil companies.
These equity concerns seem to have been a major
impetus behind the federal government’s policies in
the overt control period. This conclusion is reinforced
by the observation that the package of measures
introduced with the October 1980 NEP also included
new taxes designed to capture more rent for the
federal government.
Since the equity objectives of the overt control
policies are so tied up with the issue of rent-sharing,
we defer further discussion to Chapter Eleven, apart
from one observation. One might justify the efficiency
costs of the oil pricing policy on the grounds of equity
gains, but this argument is valid only if there were
no way to attain the equity objectives while allowing
Canadian oil prices to rise to world levels. Are governments unable to capture and redistribute a large
share of rent as oil prices rise? And can the two levels
of government not agree to share this rent? Our general view is that the inefficiencies of the overt control
period were a largely undesirable and unnecessary
cost of governments’ search for an effective economic
rent-sharing policy. However, Nemeth (2006) argues
that the problem was not simply the difficulty in
agreeing on how to share the economic rent from
petroleum, but that the Lougheed government in
Edmonton and the Trudeau government in Ottawa
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had completely different views on the contribution
of petroleum to the economy; in her view, Lougheed
saw the resource as Alberta’s and essential to an active
provincial economic diversification policy, while Trudeau believed in a strong central government utilizing
the oil profits to fund federal programs of benefit to all
Canadians.

5. Deregulation and the Free
Trade Era: 1985–
The deregulation of Canadian crude oil, based on the
Western Accord, began on June 1, 1985. We argued in
Chapter Six that the adjustment to the new environment took place quickly and easily. (This contrasts
with natural gas, as will be discussed in Chapter
Twelve.) However, there was one new type of government action that could affect the Alberta petroleum
industry – free trade agreements. The Canada–U.S.
Free Trade Agreement (FTA) became effective January
1, 1989; most of the provisions of this agreement were
rolled into the North American Free Trade Agreement
(NAFTA), which admitted Mexico and became effective on January 1, 1994. Our discussion draws primarily
upon Schwartz et al. (1985), Watkins (1991b, 1993,
1994), McDougall (1991), Plourde (1988, 1991, 1993,
2005), Plourde and Waverman (1989), Watkins and
Waverman (1993), Bradley and Watkins (2003), Doern
and Gattinger (2003),Brownlie (2005) and Angevine
(2010a).

A. Provisions of the Agreements
Since energy trade between Canada and Mexico is
minimal, and the key provisions of NAFTA regarding
energy trade between Canada and the United States
replicate the provisions of the FTA, we shall outline the
key clauses of the FTA.
Chapter 9 of the FTA (Chapter 6 of the NAFTA)
deals with energy and is in part based on the General
Agreement on Tariffs and Trade (GATT): “subject to
the further rights and obligations of this Agreement
(FTA) the parties affirm their respective rights and
obligations under the General Agreement on Tariffs
and Trade (GATT) with respect to prohibitions or
restrictions on bilateral trade in energy goods” (#902
of the FTA, p. 145). Concomitantly, the United States
agreed to partially lift its ban on exports of Alaskan
crude oil and allow Canada to import up to 50,000
barrels per day.

Basically, the existing GATT provisions (Article
XX(l) and (j), “the ensuring of domestic supplies”;
XX(g) “conservation”; and XI(2a) “emergencies”) are

codified and strengthened. Governments cannot set
minimum price requirements for exports or imports
(#901, Section 603 in the NAFTA) nor are export taxes
allowed (#903, Section 604 in the NAFTA). “Neither
Party shall maintain or introduce any tax, duty, or
charge on the export of any energy good to the other
Party, unless such tax, duty, or charge is also maintained or introduced on such energy good when destined for domestic consumption” (FTA, p. 146). Article
905 of the FTA (Article 608 of the NAFTA) allows
direct “high level” consultation if regulatory processes
other than price factors are considered odious (FTA,
p. 147):
If either Party considers that energy regulatory
actions by the other Party would directly
result in discrimination against its energy
goods or its persons inconsistent with the
principles of this Agreement, that Party may
initiate direct consultations with the other
Party. For purposes of this Article, “an energy
regulatory action” shall include any action, in
the case of Canada, by the National Energy
Board, or its successor, and in the case of
the United States of America, by either the
Federal Energy Regulatory Commission or the
Economic Regulatory Administration or their
successors. Consultations with respect to the
actions of these agencies shall include, in the
case of Canada, the Department of Energy,
Mines and Resources and, in the case of the
United States of America, the Department of
Energy. With respect to a regulatory action of
another agency, at any level of government, the
Parties shall determine which agencies shall
participate in the consultations.
The Annex to Article 905 (Article 608 in the NAFTA)
concerning oil and gas reads (FTA, p. 150):
1. Of the tests set under subparagraph 6(2)(z) of
the National Energy Board Part VI Regulations
on the export of energy goods to the United
States of America, Canada shall eliminate the
“least cost alternative test,” described in subparagraph 6(2)(z)(iii).
4. It is understood that the implementation of this
Chapter includes the administration of any “surplus tests” on the export of any energy good to

the other Party in a manner consistent with the
provisions of Articles 902, 903 and 904 (Articles
608 of the NAFTA).
Article 906 (Government Incentives for Energy
Resource Development) (Article 608 in the NAFTA)
allows for “existing or future incentives for oil and
gas exploration, development and related activities in
order to maintain the reserve base for these energy
resources” (FTA, p. 147).
Article 907 (Article 607 of the NAFTA) allows for
restriction of imports and exports of an energy good
only in the event of National Security.
Article 907 (Annex 608 in the NAFTA) states that
if there is inconsistency between the “Agreement on
an International Energy Program” (IEP) and Chapter
9 of the FTA, the provisions of the IEP shall prevail.
Thus, for example, as a member of the International
Energy Agency, Canada’s obligations to share oil in
the event of a severe disruption in oil supplies would
override the “proportionality” provisions of the FTA.
The FTA does allow for the export surplus test that
governed Canadian gas exports from 1959 to 1986, but
it would be subject to the proportionality requirement
(Section 904 of the FTA; Section 605 of the NAFTA).
That section is the most contentious of the energy
sections of the Agreement. It reads as follows (FTA,
p. 146):
Either Party may maintain or introduce a
restriction otherwise justified under the
provisions of Articles XI:2(a) and XX(g), (i)
and (j) of the GATT with respect to the export
of an energy good of the Party to the territory
of the other Party, only if:
(a) the restriction does not reduce the proportion of the total export shipments of a specific energy good made available to the other
Party relative to the total supply of that good
of the Party maintaining the restriction as
compared to the proportion prevailing in
the most recent 36-month period for which
data are available prior to the imposition of
the measure, or in such other representative
period on which the Parties may agree;
(b) the Party does not impose a higher price
for exports of an energy good to the other
Party than the price charged for such energy
good when consumed domestically, by
means of any measure such as licences, fees,
taxation and minimum price requirements.
The foregoing provision does not apply to a
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higher price which may result from a measure taken pursuant to subparagraph (a) that
only restricts the volume of exports; and
(c) the restriction does not require the disruption of normal channels of supply to the
other Party or normal proportions among
specific energy goods supplied to the other
Party such as, for example, between crude
oil and refined products and among different categories of crude oil and of refined
products.
Total supply is defined in the FTA as “shipments to
domestic users and foreign users from: (a) domestic
production, (b) domestic inventory, and (c) other
imports (as appropriate)” (FTA, p. 148).
The “as appropriate” determination of imports
rests on location. For example, the Canadian maritime
provinces rely solely on imported oil. An increase in
demand in these provinces would increase imports
and thus the potential exports of Canadian oil to the
United States – this increase would not be “appropriate.” The ambiguous phrase “as appropriate” will
spawn different interpretations.
The NAFTA is notable for its special treatment of
Mexican energy industries, but it essentially carries
forward the FTA provisions regarding trade in petroleum between Canada and the United States, but with
a few modifications. For example, the “proportionality” requirements do not apply to Mexico and clause
603 prohibits maximum as well as minimum export
and import prices. Article 609 of the NAFTA extends
the definition of “energy regulatory measures” covered by the agreement to include those of “sub-federal
entities,” including, for example, Alberta’s Energy
Resources Conservation Board (ERCB). Plourde (1993,
pp. 62–64) notes that the agreement, negotiated by the
federal government, is not legally binding on provincial agencies; however, if the federal government
cannot persuade a provincial body to eliminate any
violation of a NAFTA provision, the federal government may have to provide compensation for the violation. Article 603 of the NAFTA also goes beyond the
FTA in allowing export and import licensing schemes
for energy products, so long as other provisions of the
agreement are not violated. Such licences were not
explicitly recognized by the FTA, although the NEB
has utilized them for over three decades.
The FTA and NAFTA include, as well, (in section
11 of NAFTA) provisions respecting investment that
require each party to the agreement to accord equal
status in investment possibilities to other parties as
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are given to domestic investors. This is most clearly
set out in Article 1102 on ‘National Treatment’ (article
1602 in the FTA), which states:
1. Each Party shall accord to investors of another
Party treatment no less favorable than that
it accords, in like circumstances, to its own
investors with respect to the establishment,
acquisition, expansion, management, conduct, operation, and sale or other disposition
of investments.
2. Each Party shall accord to investments of
investors of another Party treatment no
less favorable than that it accords, in like
circumstances, to investments of its own
investors with respect to the establishment,
acquisition, expansion, management, conduct,
operation, and sale or other disposition
of investments.
3. The treatment accorded by a Party under
paragraphs 1 and 2 means, with respect to a
state or province, treatment no less favorable
than the most favorable treatment accorded, in
like circumstances, by that state or province to
investors, and to investments of investors, of the
Party of which it forms a part.
4. For greater certainty, no Party may:
(a) impose on an investor of another Party
a requirement that a minimum level of
equity in an enterprise in the territory of
the Party be held by its nationals, other than
nominal qualifying shares for directors or
incorporators of corporations; or
(b) require an investor of another Party, by
reason of its nationality, to sell or otherwise
dispose of an investment in the territory of
the Party.
There are some constraints on the applicability of
the clause with respect to investment, including the
exemption of Mexican energy industries (Annex 3
in NAFTA) and Article 1114 setting out the government’s right to maintain environmental, health, and
social policies.
The FTA also included dispute resolution mechanisms, extended in a slightly stronger form in NAFTA,
which provide more formal avenues of recourse to
Canada and Mexico in dealing with their larger trading partner.
Up to 2012, no action has triggered NAFTA’s
energy-dispute mechanisms or official interpretations

of any of the more controversial clauses with respect
to oil and gas trade.

B. Implications of the Provisions
In the deregulated oil environment, the free trade
agreements have had minimal impact. Their main
effect is in the constraints they impose upon government actions that would involve a move back to
regulations typical of the pre-1985 period. It makes
the manipulation of markets by price controls more
difficult, and it discourages any sort of policy discrimination. For example, oil export taxes are precluded. Plourde (1991) argues that government-enforced price discrimination to favour domestic over
foreign consumers, as in the overt control period,
would be prohibited. However, prices or subsidies
could still be set by government fiat, for example,
differentiating between sources of production, so
long as the discrimination is not between foreign
and domestic users. The provisions with respect to
foreign investment close the door on policies that
would favour Canadian companies over those from
the United States. Roth (2009) argues, with respect to
the oil sands royalty changes under discussion, and
finally introduced, in 2007–2009, that the NAFTA
foreign investment provisions may offer protection
against government royalty changes to U.S. companies
in Canada that are not available to domestic Canadian producers and would require compensation be
paid to the foreign companies; however, as of 2012,
no U.S. investors had sought compensation under
NAFTA rules.
The “proportionality” clause has proved to be the
most controversial feature of the free trade agreements, particularly for crude oil where both countries
rely to a significant extent on unstable imports from
off the continent. As noted above, this clause provided
that if energy supplies were restricted to one of the
countries for reasons of conservation, supply shortage,
or price stabilization, then the share of available supplies for export purchase could not fall below the average export share over the previous three-year period.
Critics have argued that this provision unduly constrains Canadian policy by limiting the country’s ability to protect its own citizens in the event of another
international oil crisis or by inhibiting a policy change
that attempted to retain Canadian petroleum for
Canadian users in light of fears about the depletion of
low-cost domestic deposits. (Laxer and Dillon, 2008,
provide a strong statement of this position.)

Watkins and Waverman (1993) find that Canadian
exports of oil and gas to the United States would likely
have been substantially higher after the 1973 oil price
shocks had the FTA been in effect. They also argue
that such higher export volumes would have been
beneficial, providing Canada with higher export revenues and increased petroleum industry activity and,
perhaps, inhibiting to some extent OPEC price rises.
It should be noted that the free trade agreements do
not necessarily prohibit all schemes that might direct
supplies from the export market to domestic users,
but the regulations would have to be much more labyrinthine than the more obvious ones used in the overt
control period, and the policies could not be obviously
discriminatory. This is another way of saying, again,
that the agreements have the effect of pushing the governments towards energy policies with relatively low
levels of regulation.
It should be noted that the proportionality clause
does not guarantee a country the same average
volume of imports, or even the same share of the other
country’s supply, as held in the previous thirty-six
months; as noted before, the clause is invokable only
under a specified set of circumstances. Moreover,
it refers to “availability” or “access,” but the entire
amount would not necessarily be purchased. If, for
example, Canada relies upon higher prices to clear
the oil market during a supply crisis, U.S. customers
might well reduce their share of imports below
the average of the previous three years. Where the
proportionality clause would apply seems to relate
to cases in which Canada undertakes measures that
interfere with normal market decisions and which
thereby restricted U.S. consumers’ ability to take
delivery of Canadian energy for which they are willing
to pay the going price. Laxer and Dillon (2008) give
three examples in which Canadian government
policies might trigger the proportionality clause:
restricting production in Canada for conservation
reasons; shipping oil further east for security reasons,
and diverting natural gas to petrochemical feedstock
use. From this perspective, the clause is less about
guaranteeing fixed access by U.S. consumers to
Canadian oil than it is a commitment on the part of
the Canadian government not to introduce policies
(such the Direct Control period price controls) that
effectively set lower prices for Canadian consumers
than those in the United States. Up to the spring of
2013, there has been no occasion for testing how the
proportionality clause would operate. The agreements
provide for consultation in the event of disputes
between the countries.
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The FTA and the NAFTA provide an important
landmark in North American economic relationships.
With respect to Canadian crude oil, there is still substantial room for specific federal or Canadian policies
on a variety of issues, including regulations aimed at
exploration and development, taxation, environmental
policies, and the like. What is constrained is the ability
to use export taxes, tariffs, or blatantly discriminatory
ways of differentiating between Canadian and U.S.
consumers. This is entirely consistent with the moves
to deregulation taken in 1985.

6. Conclusion
We join most economists in being sceptical about the
desirability of policies that interfere in the operation
of competitive markets in determining the price of a
commodity. Oil is an international good, and Canada
is a small enough producer that we operate essentially
as a price-taker for crude. That is, the world price sets
the ‘opportunity cost’ of Canada’s oil: it is the amount
that we must pay for imported oil, and the amount we
give up if we divert oil from export to domestic users.
If we hold the domestic price above the world
price, as we did west of the Ottawa River Valley under
the National Oil Policy from 1960 through 1972, we
encourage under-consumption and overproduction. Should domestic prices be held below world
prices, as from 1973 to 1985 including the National
Energy Program, we generate over-consumption and
under-production. Some have seen a reciprocal symmetry in these two periods, of equal length and with
opposite effects: a period where oil consumers (the
‘East’) subsidized oil producers (the ‘West’) followed
by a balancing period the other way around. However,
our analysis suggests that the level of transfers were
much higher in the second period, thereby offsetting
the apparent symmetry. More fundamentally, there are
ways to transfer funds between regions or individuals,
if this is what is desired, that do not involve the inefficient allocation of a particular commodity.
Our view is that the NEP can best be understood
in terms of what economists call ‘rent-seeking.’ Governments respond to the interests of certain subgroups
of society by introducing programs that benefit them,
albeit to the cost of other groups in society and with
overall efficiency losses. Pressure for such policies
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is often strongest when conditions are undergoing
change – and significant adjustments in the world oil
price are a major point of change for the petroleum
industry. Moreover, it seems common in human
nature that cries for action are loudest when the
change generates losses. (People are happy to garner
gains quietly. Moreover, losses seem to have more
psychological impact than gains of equal size, a phenomenon often called ‘loss aversion.’ See Kahnemen
and Tversky, 1982, and Thaler, 1995.) Hence many
North American oil-producing interests called out
in the late 1950s when world oil prices fell, and consuming interests were more vocal in the early 1970s as
OPEC prices rose.
There is one other undercurrent of thought that
we find largely unconvincing. This is that conventional
market mechanisms, including free trade, are inappropriate for a commodity such as oil. The arguments
are rarely well formulated, and, in fact, often mix two
somewhat different concerns. One is that of national
security, tied to oil’s crucial role in a modern industrial economy. However, we interpret energy security
as an international issue and would argue that the
market mechanism itself generated useful reallocation
during the past four major international oil supply
crises. The second argument is that market mechanisms fail to allocate depletable natural resources
optimally. For example, this argument might say that
it was inappropriate for Canada to export low-cost
oil in the 1950s and 1960s at low prices, when it might
have met Canadian needs (or earned higher export
revenues) in the environment of high prices in the
1970s and 1980s. Our view is that oil companies do in
fact operate in a forward-looking manner in order to
maximize their profits (especially if certain common
property problems are overcome; see Chapter Ten).
Moreover, we see little evidence that governments are
more prescient or effective than the private sector. For
example, Ottawa and Alberta encouraged oil exports
in the low price 1960s; during the high price years of
the NEP, Ottawa discouraged exports; by the mid1990s, when oil prices were much lower, policy was
again in support of greater exports. The NEP avowed a
goal of self-sufficiency but invoked price controls that
encouraged more oil use and discouraged production.
From this point of view, the move to deregulation
in 1985 and the commitment to free markets implied
by the FTA and NAFTA were eminently sensible
policies.

CHAPTER TEN

Government Controls on the Petroleum Industry:
Oil Prorationing

Readers’ Guide: This chapter deals with a set of
regulations used in Alberta and many other North
American jurisdictions to offset harmful effects of the
‘rule of capture,’ a legal provision that says that the
petroleum from a reservoir where access is shared
by several producers is not owned until it is brought
to the surface. Producers therefore have an incentive to lift the oil rapidly to capture it before their
competitors do. As a result, the pool is not drained
efficiently, and total recovery may be greatly reduced.
The Government of Alberta adopted a variety of
measures to control this problem, including minimum
well-spacing regulations (to limit the number of wells
drilled), ‘unitization’ incentives to encourage companies to join together and produce from the pool as
a single unit, and market-demand prorationing. The
latter was a controversial approach through which the
government estimated the consumption of oil from
the province, and restricted total production to this
volume, allocating (‘prorating’) it to individual producers. However, such regulations interfered with the
normal operation of the oil market, and the specific
manner in which output was prorated across oil companies could generate significant inefficiencies. This
chapter focuses on market-demand prorationing, with
particular emphasis on the extent to which the regulations encouraged higher cost production methods
within a reservoir than were necessary. Readers not
interested in the fine details of the regulations may
wish to read only sections 1 and 6.

1. Introduction
In the petroleum industry the word ‘conservation’
is used in two distinct ways. It may refer to the consumption side of the oil market, where it is normally
refers to accomplishing the same tasks with reduced
use of petroleum. From an economic perspective,
higher oil prices are an effective way to encourage
such conservation. In this chapter, we discuss a major
feature of ‘conservation’ on the production side of
the petroleum market. Here the term has referred
to a variety of regulations designed to improve the
physical recovery of petroleum from underground
reservoirs. Most of these relate to perceived ‘externalities’ in the market, where petroleum producers, in the
absence of regulation, are not motivated to consider
the entire impact that their activities have on others.
Governments have imposed a variety of regulations
designed to address such concerns. Many of these are
not discussed in detail in this book, including such
examples as requirements to re-inject natural gas into
the reservoir (rather than flaring it); regulations on
the use of water, and the disposal of water produced in
conjunction with petroleum; rules to reduce the risks
and safety hazards of well blowouts and spills including well abandonment procedures, etc. In the North
American petroleum industry, common property
rights within oil reservoirs (the rule of capture) have
induced government authorities to regulate production by setting quotas for individual producers. This
is called ‘prorationing,’ and is a typical part of regulatory systems intended to promote conservation in the

sense of maximizing oil recovery and especially in the
sense of protecting leaseholder’s property rights.
Chapter Four of this book included a brief theoretical analysis of the rule of capture and crude oil
prorationing regulations. It will be recalled that the
rule of capture is a provision of the legal system, often
inherited through British common law tradition.
(Daintith, 2010, provides a detailed review, from a
legal perspective of the acceptance of the rule of capture in the United States, and the various regulatory
responses to it. Low, 2009, reviews the legal basis of
the rule of capture in Canada.) The rule of capture
credits ownership of a fugacious resource to the party
that captures it, therefore implying that crude oil
within a shared reservoir is unowned, that is common
property to those producers with access to the reservoir. The implications of the rule of capture are particularly large for light and medium crude oil pools
with good permeability since such crude may migrate
quite readily from one part of the reservoir to another.
The nature of the land tenure system is important. In North America, the size of surface area plots
leased or owned by oil producers tends to be small
in relation to the areal extent of individual oil pools.
Some analysts have associated this with what Daintith
(2010) calls an ‘accession’ system, where mineral rights
are held by surface rights owners and sold or leased
by them, as was true for much of the prospective petroleum area of the continental United States; because
of small surface holdings, or larger surface acreages
being separated into smaller parcels of mineral rights,
petroleum leases were typically much smaller than
the oil pool. Daintith, however, notes that the same
problem may arise with a ‘domanial and regalian’ legal
system in which mineral rights are held in ownership
by the monarch or state, if the state issues small acreage petroleum rights to private producers. Of course,
the issue of protecting the property rights of the individual surface rights land owner, which played a major
role in the United States, is not of concern under the
domanial system since all the oil drained from the
pool comes from the state-owned oil rights. (Alberta
exhibits both legal systems, as the province holds
ownership of mineral rights over most of the land area
of the province, but some early private surface right
land grants included mineral rights as well.) Within
Alberta, as in the United States, most reservoirs have
been shared. Companies therefore have been under
strong pressure from the rule of capture to lift oil
quickly, before the neighbours do likewise. The results,
at pool and industry levels, are vastly different than
might be expected if reservoirs were developed under
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unitized conditions. Unitization occurs when producers sharing an oil pool cooperate to introduce a single
petroleum authority for the pool, sharing jointly in
costs and revenues. Individual producers are therefore
unable to capture oil for themselves at the expense of
other companies.
At the individual pool level, the rule of capture
induces high levels of development investment, high
initial output rates, and rapid production decline,
often with reduced ultimate recovery from the pool.
Such loss of reserves was the ‘physical waste’ that
attracted early proposals for ‘conservation’ regulations in the crude oil industry. In addition, there
was a desire to protect correlative property rights, in
the sense of the mineral rights owners’ reasonable
claims to lift the petroleum to which they have access.
(Daintith, 2010, chap. 7, provides discussion of the
experience in the United States.)
At the industry level, the rule of capture tends to
generate price instability. Rapid output increases from
a new oil play, resulting from intensive development,
drive the price down, especially with a very inelastic
short-run demand for oil. A little later output will
tend to fall as a result of high production decline in
the pools in this play, and the decreased supply will
push prices higher. Market prices will tend to fluctuate
markedly as new oil plays succeed one another. This
market price instability also led to calls for government regulation. (Daintith, 2010, chap. 9, provides
an extended and valuable discussion of the regulatory response in the United States, from a legal point
of view.)
Many observers of the crude oil industry called
for compulsory unitization as a way to eliminate both
the pool-specific and industry-wide effects of the rule
of capture. While economists have generally been
strongly inclined to favour unitization, it has been
demonstrated that unitization may fail to be optimal
from an economic point of view if reservoirs contain
both oil and natural gas, with separate rights for the
two products, and depending on how the agreements
handle the inevitable uncertainties about reservoir
characteristics and market developments (Libecap
and Smith, 2002). Still, unitization has usually been
favoured as a way to allow more efficient development of petroleum reservoirs. It may be asked why
voluntary unitization was not common, since it would
reduce, if not entirely eliminate, the inefficiencies
suffered at the pool level by operators. This would be
an illustration of the application of the famous Coase
theorem (Coase, 1960). Coase argued that, in the
absence of ‘transactions costs,’ private decision-makers

would be driven to negotiate agreements that maximize the net value of assets. The rationale for Coase’s
proposition is simple. Suppose that agreements have
no costs of implementation, monitoring, or enforcement. Then a rearrangement of the use of an asset
which generates aggregate additional benefits to participants greater than aggregate additional costs would
allow all participants to move to a preferred position
(i.e., experience a net gain); rational decision-makers
would exploit all such opportunities.
How does the Coase theorem apply to the oil
industry and to the rule of capture? Under the rule of
capture, the present value lifetime profits from an oil
reservoir are not maximized. Producers tend to ignore
the user costs of depletion in their current output
decisions. That is, they focus on immediate costs and
revenues and do not give much weight to the future
profit implications of today’s production decision.
Why leave crude oil in the ground for future profits
if your neighbour is likely to capture the oil before
you plan to produce it? However the economic waste
of the rule of capture – the reduced net present value
of the oil pool – could be avoided by an agreement
amongst all producers to operate the pool as unit in
the maximum profit manner, and all producers could
be made better off.
This brings us back to the question: why were voluntary unitization agreements uncommon? Several
explanations spring to mind. Some economists have
suggested that decision-makers are not as rational
as conventional thinking suggests and may tend to
value changes in position quite differently depending
whether they are ‘framed’ as ‘gains’ or ‘losses’ (e.g.,
Thaler, 1995). In particular, ‘loss aversion’ (also called
the ‘status quo’ effect) is common, in which, even
apart from risk aversion, decision-makers tend to
put more weight on what is viewed as a loss than
they do on an equal-sized gain. This could serve as
a disincentive to sign a unitization agreement if the
agreement is seen as a loss of current profits in return
for a gain of future profits. Second, there are very
significant transaction costs in negotiating a unit
operation in an oil pool, especially if all producers
and all landowners must voluntarily agree to sign.
This was particularly significant in the United States,
where there were typically many freehold land holders with a stake in the pool. Third, the presence of
uncertainty – about the size of a pool and the dynamics of reservoir depletion – greatly complicates the
agreement process (Libecap and Wiggins, 1984, 1985;
Wiggins and Libecap, 1985). The essence of a unitization agreement is the shares in operation granted to

the various companies, and in the presence of uncertainty there may be genuine disagreement about what
these shares should be. Further, reasonable estimates
of reservoir size, pressure mechanisms and flow rates
are not known until a number of years after the initial
discovery. Will negotiation of a unitization agreement
be delayed until this information is gathered? If so,
are the companies who first drill into the pool to be
denied production until this date, and, if not, what
production rates will they be allowed? Fourth, since
different companies enter the pool at different times,
especially if it is a large deposit, the early entrants (and
the landowners from whom they have purchased oil
rights) have a strong interest to drill rapidly before
other companies enter and before an agreement can
be negotiated, and hence may believe that they will
profit more under the rule of capture than through
unitization. Also, some leaseholders tend to hold out
for additional rewards to sign an agreement, which
can bedevil negotiations. Finally, some parties have
expressed fear that agreements might fall foul of combines (anti-monopoly) regulations.
As a result, in the United States voluntary unitization agreements tended to be restricted to pools
that had few operators; the rule of capture held sway
in most cases. Many observers called for compulsory unitization agreements, which were adopted
in Saskatchewan. As Daintith (2010) discusses, the
U.S. federal government can require unitization if
operations are likely to damage reservoir recovery
mechanisms in reservoirs on federal lands such as in
offshore areas of the United States. A number of other
North American jurisdictions, including Alberta, have
similar regulations. However, the main government
response to the rule of capture was to introduce market-demand prorationing.
Within North America, the first instance of pro
ration of oil production by a public regulatory agency
was in Oklahoma in 1915, but the most significant
factor was probably its adoption by Texas in 1932
(Lovejoy and Homan, 1967; McDonald, 1971; Breen,
1993; Daintith, 2010). Proration of oil production by
government regulation was introduced in Alberta
in 1938, for the Turner Valley Pool, and remained in
effect until the late 1980s.
Economists have frequently alleged that proration
is inefficient, especially as practised in the United
States (Adelman, 1964). The impact of proration on
the economic efficiency of oil production in Alberta
is analyzed in what follows (derived from Watkins
1971, 1977c). The empirical analysis is restricted to
measurement at the ‘intensive’ margin, that is, within
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oil reservoirs. Insufficient data exist to allow reliable
estimation of the efficiency of prorationing at the
‘extensive’ margin, that is, in the allocation of provincial output among different oil pools.
An oil reservoir investment model is used to
define theoretical optimum reservoir well spacing,
subject to the regulation of production by proration
in Alberta. Well spacing determines the number of
wells in a reservoir, which constitutes the main cost of
reservoir development.
Inter alia, the following issues are addressed. Have
the proration schemes imposed in Alberta induced
inefficient development and production? If so, is
such inefficiency widespread or concentrated in relatively few reservoirs? If the latter, is there a dominant
reservoir variable? Have operators been activated by
profit maximization, within the constraints imposed
by proration? Has the efficiency of proration been
significantly affected by the types of proration plans
adopted? Would full unitization have produced significant economies? And are the other regulatory
paraphernalia, especially well spacing regulations, an
important adjunct to proration? While not discussed
in this study, the location of wells, in addition to the
number of wells allowed in a pool (i.e., well spacing) is
also important; in particular, provisions that specify a
minimum distance for wells from the lease boundary
reduce the impact of the rule of capture. In addition,
Alberta has compulsory ‘pooling’ regulations that
require producers with acreage holdings smaller than
the minimum well spacing to be added to larger parcels, rather than drilling wells themselves (Low, 2008,
p. 821). This reduces capture while assuring that the
small producer obtains its share of oil production.
In what follows, the background to proration in
Alberta is traced in Section 2. In particular, the three
main schemes of proration employed are outlined: the
1950, 1957, and 1964 plans. The latter plan essentially
governed production until the demise of marketdemand proration in the late 1980s. For reasons that
concern their nature, subsequent analytical attention
is primarily directed towards the 1950 and 1957 plans,
rather than the 1964 version.
Sections 3 and 4 parallel each other. The first parts
of each section concern the theoretical framework.
Then optimum patterns of reservoir development
under the 1950 and 1957 proration plans are estimated.
The optima measure incentives under proration itself
by excluding the effect of external factors such as the
land tenure system and well spacing regulation.
Estimates of diseconomies resulting from pro
ration for the reservoirs analyzed in Sections 3 and 4
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are made in Section 5. Analysis is undertaken both
in relation to the actual well spacing patterns, which
reflect many factors, including proration, and in relation to the theoretical optimum spacing values which
exclude external influences. The significance of the
results in relation to the 1964 plan is also discussed.
The main conclusions of the analysis are summarized in Section 6. Appendix 10.1 gives details on the oil
reservoir development model employed.

2. Prorationing in Alberta
As outlined earlier, sustained growth of the Alberta
oil industry commenced with the discovery of the
Leduc field in 1947. Continuing substantial discoveries
resulted in growing surplus capacity. By 1950, excess
capacity in one large field alone, Redwater, amounted
to some 84 per cent of total Alberta oil production. Of
importance in the development of excess productive
capacity were changes in provincial land regulations in
July 1947, which discouraged concentration of reservoir ownership and stimulated intensive development
well drilling, given the rule of capture.
In September 1950, the industry requested
Alberta’s Oil and Gas Conservation Board (OGCB) to
administer a scheme of market-demand proration.
Breen (1993) provides a detailed history of the OGCB
from its beginnings in Turner Valley in 1932 through
to 1962. The 1932 Oil and Gas Conservation Act,
creating a Turner Valley Gas Conservation Board, was
challenged in court by a small natural-gas-producing
company and found unconstitutional. The 1938
Oil and Gas Conservation Act created a Petroleum
and Natural Gas Conservation Board (PNGCB),
an independent regulatory board with legislatively
defined powers to regulate oil and gas production
and to administer other provincial regulations on the
industry. (See Breen, 1993, chaps. 2 and 3.) Section
8 of the act (S.A., 1938, chap. 15) gave the Board
responsibility for:
(a) preventing the exhaustion from a petroleum
providing area of the energy necessary to
produce petroleum by methods shown to be
uneconomic … to the end that the maximum
alternate recovery of petroleum can be attained;
(b) prorationing the production of petroleum or
natural gas from the wells in any area to the economic markets available in such manner that an
uneconomic reduction of price is not brought

about and in such a manner that an equitable
share of the available market for petroleum or
natural gas is available to each producing well.
Note that these guiding directions explicitly require
conservation of “maximum ultimate recovery,” “economic markets” and the “uneconomic reduction of
price” and an “equitable share” of markets. These
principles remained in the board’s mandate, even as
it evolved into the Oil and Gas Conservation Board
(OGCB, 1957), the Energy Resources Conservation
Board (ERCB, 1971), and the Energy and Utilities
Board (EUB, 1995), before being transformed back to
the ERCB in 2007. Amongst the board’s first orders in
1938 were prorationing regulations for both oil and gas
in the Turner Valley field.
The board introduced a province-wide proration
plan on December 1, 1950. Major changes to the plan
were made in 1957 and 1964. The nature of the original
plan (the 1950 plan) and the major changes to it are
described below. Subsequently, the virtual elimination
of excess production capacity in the 1980s made market-demand prorationing – but not other regulations –
redundant. The Conservation Board has maintained
a variety of other conservation regulations to govern
oil and gas production practices. Minimum well spacing will be discussed further below. We also take as
given the Maximum Permissive Rate (MPR) restrictions, which set a ceiling on well output rates based
on technological factors and are designed to prevent
undue damage to reservoir natural drive. Regulations
restricting the flaring of associated gas and governing
practices such as disposal of waste water, handling
blowouts, abandoning and sealing wells, etc. are
socially important but will not be discussed.

A. The 1950 Plan
The plan (Petroleum and Natural Gas Conservation
Board, 1951; Breen 1993, pp. 289–317) assigned a fixedvariable production quota to each eligible well. The
fixed portion, called an “economic” allowance, was
graduated with well depth and was intended to compensate for the major costs of drilling and operating
wells. The variable portion was calculated by allocating the remaining market demand (after satisfaction
of all the economic allowances) in proportion to well
productive capacity. The latter was represented mainly
by the maximum permissive rate (MPR).
Symbolically, the production quota under the
1950 plan assigned to a well in reservoir j at time t was

ft,j = ea,j + mj AFt , where ft,j = well production quota,
reservoir j, time t; ea,j is the economic allowance for
this well; mj = well capacity (defined by well MPR),
reservoir j; AFt = allocation factor. The numerator
of the allocation factor was the market demand (Vt)
less the provincial sum of economic allowances; the
denominator was the total provincial well capacity at
time t. Thus, AFt = (Vt – ∑ea)/∑m.
By virtue of the economic allowance, the 1950 plan
guaranteed the long-term and short-term profitability
of any well capable of economic operation. This had
important implications for reservoir development, as
shown later.

B. The 1957 Plan
The first major change to the 1950 plan was announced
by the OGCB on August 30, 1957 (Oil and Gas Conservation Board, 1957; see also Breen, 1993, chap. 7).
Two main aspects of the 1950 plan were altered. The
changes were made over a transition period, with full
implementation by January 1, 1960.
First, the single economic allowance schedule was
replaced by a two-tier system, involving an initial
economic allowance for a seven-year period after
initial pool development, subsequently replaced by a
lower operating economic allowance. Both allowances
remained graduated with well depth. The purpose of
the two-tier system was to prevent indefinite continuance of an economic allowance that would allow multiple recovery of some investments, especially drilling
costs. Second, the allocation factor (see above) was
applied to the well’s MPR less its economic allowance,
rather than to the MPR alone, as in the 1950 plan. This
was called the residual MPR method.
Symbolically, the 1957 plan is represented as:
ft,j(1,7) = ei + (mj – ej)AFt, ft,j8(8,n) = eo + (mj – eo)AFt,
where ei = initial economic allowance; eo = operating
economic allowance; and the other variables are as
defined above, although the denominator of the allocation factor (Aft) becomes total provincial capacity
less total economic allowance (∑m – ∑ea). The brackets (1,7) and (8,n) following ft,j indicate the period in
years after development of the pool that the formula
applied; n is the reservoir life.
While the changes defining the 1957 plan are
significant, nevertheless essentially they represent
refinements to the 1950 plan. In contrast, the 1964 plan
involved significant structural alternations.
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C. The 1964 Plan
Extensive hearings were held by the OGCB in 1963 on
virtually all aspects of the proration plan, and in mid1964 the board outlined a new plan, for full implementation by 1969 (Oil and Gas Conservation Board,
1964b).
The two-tier economic allowance was abolished
and replaced by a single and substantially reduced
minimum allowance, which compensated only for
operating costs and certain other recurring expenditures; it continued to be graduated with well depth.
And it applied strictly as a ‘floor,’ not as an initial
entitlement, as in the 1950 and 1957 plans.
Demand was to be allocated among reservoirs
in proportion to reserves without reference to well
capacity or the number of wells in a reservoir. Within
reservoirs, demand was to be distributed in proportion to the acreage assigned to a well (well spacing),
subject to minimum allowance.
Symbolically, the 1964 plan was: ft,j = [(aw/At,j)(ut,j –
ct,j)/2]AFt , or ma,j, whichever will be greater, where
aw = well spacing; At,j = area of reservoir j, time t;
ut,j = ultimate reserves, reservoir j, time t; ct,j = cumulative production, reservoir j, time t; maj = well minimum allowance reservoir j. Ultimate reserves are
remaining reserves plus cumulative production. The
numerator of the allocation factor was simply the
market demand Vt ; the denominator was the sum of
the provincial ultimate reserves, u, less one-half total
cumulative production, c (i.e., ∑u – [∑c/2]).
Thus, the 1964 plan removed the guarantee
of long-run well profitability inherent in the 1950
and 1957 plans but continued to assure short-run
profitability.
The main concern of the analysis below is with the
relation between proration and the development of
individual reservoirs. The strong positive relationship
between the number of wells drilled in a reservoir
and reservoir quotas under the 1950 and 1957 plans is
therefore of special importance. But under the 1964
plan well quotas were essentially independent of the
number of wells in the reservoir. Consequently, in
terms of impact on the intensity of reservoir investment, attention is concentrated on the 1950 and
1957 plans.
The analysis employs a reservoir investment
model, which is outlined and discussed in Appendix 10.1. The main variable governing planned
reservoir development is the number of wells. The
model assumes the reservoir operator will maximize
expected present value profits. The profit-maximizing
criterion translates into one of maximizing present
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value profit per acre, given uniform well spacing
within each reservoir. The value of well spacing that
maximizes present value profit per acre is designated
sj*, the optimum spacing value for reservoir j.

D. The End of Prorationing
The expansion of markets for Alberta oil, falling
reserves additions generating declining remaining
reserves, and the ongoing depletion of pools discovered in the 1940s, 1950s, and 1960s gradually removed
the need for stringent prorationing regulations.
Increased knowledge about reservoir dynamics also
led more companies to voluntary adoption of unitization agreements, a practice that may have been
spurred by the Conservation Board’s powers to force
such agreements if necessary to increase the recovery
of oil.
In the 1980s an increasing number of pools were
put on “good production practise” (GPP) status and
were exempt from market-demand proration and
maximum rate limitations. Often these pools had been
in production for many years so that output rates had
naturally fallen below the MPR regulated level, and
companies had little incentive to install new equipment. (The board could re-establish MPR limits if the
pool’s natural energy was unnecessarily damaged.) By
1990, some 75 per cent of Alberta oil reservoirs were
GPP pools (ERCB, 1990).
With deregulation in 1985, light sweet oil exports
to the United States became significant again. Output
rose, spare production capacity dwindled, and the
reserves to production ratio was low. Effective on June
1, 1987, the ERCB announced a six-month experiment
to rescind market-demand-prorationing regulations
and allow a market-oriented system to operate in
which producers and buyers were free to negotiate
agreements. The new system would be monitored,
presumably to ensure that smaller producers were not
frozen out of the market and that oil reservoirs were
not damaged. Problems were, evidently, minimal as
the new arrangement was made permanent in November 1987. By 1989, market-demand prorationing in
Alberta was at an end, after thirty-seven years.

3. Optimum Well Spacing: The 1950
Alberta Proration Plan
This section briefly discusses incorporation of the
formulas defining well production quotas under

the 1950 plan in the reservoir investment model
(Watkins, 1971, 1977c). The model is then applied to
the actual reservoirs developed under the 1950 plan to
calculate optimum well spacing, given the regulatory
constraints imposed by proration. The results are
compared with the actual well spacing recorded for
each reservoir.

A. Well Quota and Profit Functions
As shown above, the well quota for the 1950 plan
was a function of a fixed “economic” allowance, well
capacity (the MPR), and the allocation factor. Further
specification of the quota function requires attribution
of a functional form to the latter two elements.
An examination of values for the MPR and well
spacing disclosed a linear relationship, but with different linear coefficients by reservoir. The choice of
a functional form for the allocation factor was made
on the basis of recorded expectations. A parabolic fit
gave a close approximation. Moreover, a U-shaped
curve was more consistent with then expected trends.
Industry opinion in the mid-1950s generally anticipated an initial rate of growth in capacity exceeding
that in demand; hence the allocation factor would fall.
The relationship was expected to reverse as Alberta
became more fully explored and opportunities for oil
exports to the United States increased.
Insertion of the MPR and allocation factor relationships in the quota function permits specification
of well production rates as well spacing (s) varies,
subject to the constraint that cumulative well production not exceed its reserves. Inherent here are the
assumptions that the well has the physical capability
to produce the assigned level of production, that
reservoirs are homogeneous, and that well spacing
is independent of the allocation factor. The latter
assumption is consistent with the reservoir investment
model. Nevertheless, for a reservoir of exceptional
areal extent (such as Pembina), dense spacing would
result in the reservoir economic allowance being sufficient to significantly affect the allocation factor. However, other analysis suggested that AFt was a relatively
unimportant determinant of optimum spacing, s*,
and thus the assumption that AFt is exogenous is not
distortive. Reservoir profit functions are then derived
by substituting the relevant reservoir quota function
in the general present value profit per acre function
given by Eq. (7) in the Appendix.
More specifically, the present value profit (PVP)
per acre is evaluated for a feasible range of well spacing for any reservoir by iterative substitution in the

investment model (see Eq. (7) of Appendix). The well
spacing value corresponding to the maximum value
of PVP per acre then is ascertained. The reservoir
life corresponding to the estimated s* will indicate
whether it is a reasonable solution in terms of industry
time horizons.
The main features of the data employed are: the
pools all had a developed area greater than 160 acres
(smaller pools would tend to be developed by the
reservoir delineation process itself); well and ancillary
facility costs by pool were derived from cost-depth
correlations based on industry data; an average royalty
rate of 10 per cent was adopted, based on average royalties paid, 1950–56; an allowance for dry development
wells was made by inflating estimated productive well
costs by 8 per cent; and an 8 per cent discount factor
based on recorded long-term bond yields, the typical
petroleum industry financial structure (debt-equity
ratios), and an allowance for risk.

B. Optimum Well Spacing, 1950 Plan
This section summarizes the results of calculations of
optimum well spacing for seventy-five oil reservoirs
that commenced production over the period 1950
to 1956.
It is emphasized that the optima are constrained
and should not be confused with the optima that
would apply in the absence of institutional and other
restrictions. The main constraint, of course, is that
production is set by the 1950 Proration Plan; other
constraints are the assumptions underlying the reservoir model used. Moreover, the results are theoretical
and do not necessarily represent a realistic choice
for an operator. In practice, such a choice was limited by lease ownership divisions in a reservoir and
other regulatory restrictions (as discussed below).
The importance of the results lies in the broad indication they give of incentives inherent in the 1950
Proration Plan.
The crude mean optimum reservoir spacing value
(s*) was 147 acres, with a standard deviation of 212
acres and a range of 3 to 1,400 acres. With the exception of only one pool, all indicated reservoir lives
were less than twenty-five years. The distribution of
optimum spacing by reservoir was skewed towards the
lower well spacing values.
The calculation of the crude mean gives each reservoir equal weight, regardless of size. If optimum well
spacing values (s*) were weighted by implied optimum
number of wells (q*), the resultant weighted mean
optimum spacing fell to 101 acres, mainly reflecting
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the increased weight of five pools with exceptionally
small values of s* (q* = reservoir area (Aj)/optimum
well spacing (s*j).)
A frequent criticism of the 1950 and 1957 Alberta
proration plans was the encouragement they provided
for close well spacing (defined as 80 acres or less). The
range of optimum spacing computed clearly shows
that under the 1950 plan for many pools this is not the
case; the extent to which such encouragement existed
depends on the properties of each individual reservoir.
More detailed analysis of the results by particular
reservoir characteristics – such as shallow and deep,
low and high reserve density – reveals that the dominant variable determining optimum well spacing
under the 1950 plan was the reserve density (reserve
per acre) of the reservoir. A high reserve density
exerted a strong incentive towards very close spacing;
conversely, for low reserve density, maximization of
present value profits would be achieved by the adoption of relatively wide spacing. These relationships
appeared to hold irrespective of the values for other
determinants, for instance prices and depth. Recall
that depth sets capital and operating costs and partly
determines the rate of production (since the economic
allowance was graduated with depth).
Tests of several of the assumptions underlying the
analysis, including royalties, well productivity decline,
and the discount rate, indicated that the main approximating assumptions underlying the analysis were
satisfactory (Watkins 1971, p. 27).

C. Comparison of Theoretical and Actual Well
Spacing, 1950 Plan
The main purpose here is to show the degree to which
the theoretical well spacing was consistent with actual
well spacing. In turn, this will indicate whether the
theoretical analysis is reasonable.
As mentioned, the theoretical results assume
complete freedom of choice of well spacing, while in
reality an operator’s choice was circumscribed in several ways. For example, minimum spacing levels and
standard spacing patterns are set up by Alberta’s Oil
and Gas Conservation Board (OGCB). From 1950 to
1956, minimum spacing was 40 acres per well. Alternate spacing patterns were confined mainly to 80, 160,
or 320 acres per well, with generally only one pattern
prevailing in a reservoir. Alberta government land
regulations provided an opportunity through surrender provisions, and subsequent resale of the petroleum
rights, for competing operators to acquire acreage in a
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new reservoir. The varied ownership interests within
a reservoir tended to induce adoption of a spacing
pattern that reflected the smallest area under lease.
Also, well spacing choice might be constrained by the
physical nature of the reservoir (for example, narrow
irregularly contoured reservoirs or small reservoirs
discourage wide spacing). The adoption of a forty-acre
minimum well spacing standard by the OGCB seemed
wide in relation to historical well spacing levels in the
United States, where much of the Canadian petroleum
industry experience, both regulatory and private, was
garnered. This probably induced a tendency to adhere
to the minimum permissible standard, rather than to
venture to wider levels; such levels at one time were
believed to inhibit efficient drainage of a pool. Thus
the force of tradition should not be underestimated as
a factor restraining an operator’s choice of well spacing. Moreover, its impact would be accentuated by
the division of lease ownership within a reservoir.
This background proves useful in comparing the
estimated optimum well spacing levels under proration (s*) with the corresponding actual well spacing
recorded (sa) for the seventy-five pools examined.
Overall, the comparisons between theoretical and
actual spacing showed that differences could be attributable to: the factors alluded to above, especially minimum spacing regulations and the division of lease
ownership within reservoirs; variations between estimated and actual drilling costs; and inherent restraints
placed on wider spacing by reservoirs small in area
(Watkins, 1971, pp. 257–64). This result provides confidence in the theoretical method of analysis adopted to
measure well spacing incentives under the 1950 plan.
It is inferred that operators were motivated by profit
maximization, within the constraints set by regulations and proration.

4. Optimum Well Spacing: The 1957
Alberta Proration Plan
This section essentially parallels Section 3 but deals
with the 1957 plan. Assumptions and symbols in that
section that apply equally here are not repeated.

A. Well Quota and Profit Functions
Similarly to the development of the 1950 plan well
production formula, further analysis of the 1957 plan
well quota function (see earlier) requires assignment

of a specific function form to the MPR and the allocation factor.
No changes were made to the MPR function itself
under the 1957 plan, so, as before, the MPR is treated
as a linear function of spacing. The selection of a
suitable functional form for the allocation factor was
predicated on both industry and government expectations of future trends as revealed by contemporary
projections. The projections were found to be well
represented by a linear function of time (in contrast
with the earlier U-shaped curves).
The quota function may now be expanded to
incorporate the assumed form of the MPR and allocation factor functions. As before, profit functions are
developed for appropriate ranges of well spacing by
inserting the quota function in the reservoir investment model (Appendix, Eq. (7)), after inclusion of the
cumulative production-reserves constraint. The details
are burdensome. The reader is referred to Watkins
(1971). The earlier summary of the main aspects of the
reservoir data applies equally to the 108 pools examined here. Based on 1957 to 1964 evidence, the values
set for the three parameters common to all reservoirs
were: average royalty rate, 10 per cent; dry development well allowance, 10 per cent; annual discount rate,
10 per cent.

The more detailed analysis of the results by reser
voir categories suggested that, in common with the
1950–56 group of pools, the key variable determining
optimum well spacing was the reserve density of
a pool.

C. Comparison of Theoretical and Actual Well
Spacing, 1957 Plan
The results in Section 4.B assume an operator would
not be subject to external constraints in exercising his
choice of well spacing. In reality, the operator’s freedom was restricted, as discussed in Section 3.C. These
restrictions apply equally to the 1957–64 period. But
in 1957, minimum well spacing in roughly the eastern
half of the province was increased to 80 acres (in the
western half, 40 acres was retained). In 1962, a minimum well spacing of 160 acres was adopted for the
entire province (for new oil reservoirs).
The analysis of actual (sa) and optimum spacing
(s*) follows the same lines as for the 1950 plan. The
conclusions were also the same. That is: spacing
regulations, fragmentary ownership, data variations,
and other factors accounted for significant variations
between sa and s*, which in turn suggests the theoretical analysis is sound.

B. Optimum Well Spacing, 1957 Plan
Optimum well spacing (s*) was estimated for 108
reservoirs that commenced production over the
period 1957 to 1964. The theoretical optima are those
that obtain given the constraints on production set by
the 1957 plan. The same caveats listed for the 1950 plan
results apply here. The crude mean optimum spacing
value was 240 acres per well, with a standard deviation
of 294 acres and a wide range of 9 to 1,500 acres. If the
optimum spacing values were weighted by the implied
number of wells for each reservoir, the resultant
weighted mean is 88 acres, considerably less than the
unweighted value.
The range of theoretical optimum spacing indicates that criticism of the 1957 plan (Oil and Gas
Conservation Board, 1964b) on the grounds that it
encouraged the drilling of “unnecessary development
wells” (i.e., relatively dense spacing) is not universally
valid. For many pools, no incentive existed for dense
spacing. Thus, as for the 1950 plan, the extent to which
dense spacing was encouraged by the 1957 plan is
clearly dependent on the particular physical and economic characteristics of an individual reservoir.

5. Efficiency of Production under
Prorationing in Alberta: Intensive
Diseconomies
Our purpose here is to estimate by how much production costs under proration in Alberta exceeded
those under a more efficient system. As mentioned
earlier, the analysis is confined to the efficiency of the
distribution of production within reservoirs (intensive
diseconomies), rather than efficiency of the distribution of output among reservoirs (extensive diseconomies). Definitive measurement of the latter would
require model simulation of the Alberta oil industry
in the absence of proration. That daunting task is
not attempted.
In what follows, first, intensive diseconomies are
defined and discussed. Second, estimates are made
of apparent actual diseconomies for the group of
reservoirs examined in Sections 3 and 4. Next, diseconomies that would have been incurred had the reser
voirs been developed on the hypothetical optimum
spacing calculated in Sections 3 and 4 (hypothetical
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diseconomies) are estimated. The implications of the
hypothetical and actual results are also discussed.

A. Intensive Diseconomies
Intensive diseconomies are measured by comparing
the production costs of output allocated by proration
with the costs of producing the same volume of oil
using the minimum number of wells necessary. The
latter condition generally is achieved when reservoir
lease ownership is not effectively divided and complete flexibility of production within a reservoir prevails, such as would hold under full unitization. Thus,
the diseconomies estimated in the following sections
approximate those resulting from proration compared
with production under full unitization, assuming the
distribution of production between reservoirs were
fixed. (As discussed above, higher costs than would
have been incurred had output been allocated differently between reservoirs is an ‘extensive’ diseconomy
of prorationing.)
Section 2 identified three proration plans: the
1950, 1957, and 1964 plans. The regulation of production within a reservoir under the 1964 plan tended
to result in effective conditions within the reservoir,
closely comparable to those under full unitization
(Watkins, 1971). Under the 1964 plan, no incentive
existed to install or maintain capacity in excess of allocated quotas, although inefficiencies might still result
through the land tenure system itself, or through poor
reservoir delineation. These latter factors are external
to proration per se. It follows that the 1964 plan did
not involve intensive diseconomies as defined beforehand: they are relevant only to pools developed under
the 1950 and 1957 proration plans. It also follows that
any estimated diseconomies may be interpreted as
differences between reservoir output costs under the
1950 and 1957 plans and under the 1964 plan, since
the suggestion is that any estimated inefficiency could
have been largely eliminated had the provisions for
the distribution of production within a pool under the
1964 plan been in force.
To estimate intensive diseconomies incurred
under the 1950 and 1957 plans, a distinction is made
between actual and hypothetical diseconomies. Actual
diseconomies are estimated on the basis of the actual
well production and capacity data available for the
reservoirs examined. Hypothetical diseconomies are
those that would have resulted from development of
reservoirs under the theoretical optimum spacing
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patterns dictated by the proration formula discussed
in Sections 3 and 4.
The distinction is useful since it will indicate the
degree to which actual diseconomies, which reflect the
influence of proration and external constraints such
as the land tenure system, are correlated with diseconomies that would result from development on theoretical optimum spacing under proration, from which
external restrictions are excluded.

B. Actual Intensive Diseconomies
To estimate actual diseconomies, the same method
was applied to both groups of reservoirs used in the
analysis of the 1950 and 1957 plans, the 1950 to 1956
group and the 1957 to 1964 group.
In essence, actual intensive diseconomies were
estimated by the difference between actual reservoir installed capacity and peak actual production
(Watkins, 1971). Any such surplus capacity was translated into an implied number of surplus wells by
division by average well capacity. In turn, the surplus
wells were converted to estimated surplus capital and
capitalized operating costs (assuming a thirty-six-year
reservoir life).
On this basis, total surplus capital costs and capitalized operating costs for the 183 reservoirs examined
were $271 million. The significance of this number is
indicated by translating the surplus investment it represents to an equivalent number of exploratory wells.
About 2,500 extra exploratory wells could have been
drilled (assuming $100,000 per well, costs in dollars
of the day): this is an increase of close to 40 per cent
over the number actually drilled in Alberta over the
1950–64 period.
The majority of the estimated diseconomies are
concentrated in a relatively small number of pools.
For the 1950–56 group, total surplus capital costs in
fifteen pools accounted for 85 per cent of the corresponding total for all seventy-five pools. The average
ratio of required wells to actual wells was 84 per cent.
However, this is heavily influenced by the high ratio
of 98 per cent for the large Pembina reservoir, which
accounts for approximately half of the required and
actual wells; if Pembina were excluded, the average
ratio becomes 71 per cent. The apparent efficient
development of Pembina under proration, in an intensive sense, is significant. (Recall here our concern is
with efficiency given a fixed distribution of output
amongst reservoirs. If such output were allowed to

vary, to reduce extensive diseconomies, it would not
necessarily follow that the degree and timing of the
development of Pembina was efficient.)
For the 1957–64 group, eleven pools accounted for
84 per cent of total surplus well capital costs for all 108
pools. The average ratio of required to actual wells was
77 per cent.
For the combined period 1950 to 1964, the average
ratio of required to actual wells was 82 per cent. Thus,
on an average, about one development well in five
drilled in the oil reservoirs discovered in Alberta over
the period 1950 to 1964 was surplus, under the prevailing distribution of production among reservoirs.
In Section 5.A, reference was made to production
within a reservoir under the 1964 plan being closely
comparable to production under full unitization.
Hence the results in this section indicate the potential
savings available had the 1964 plan provisions been in
effect during the period considered. The efficiency of
proration, then, is significantly affected by the form of
proration imposed.

C. Hypothetical Intensive Diseconomies
In Section 3, theoretical optimum well spacing given
the constraints of the 1950 Proration Plan was estimated. An important question is the extent to which
reservoir development under theoretical, optimum
well spacing would have resulted in the installation of
spare capacity. That is, to what extent would pursuit
of maximum present value profit be consistent with
the deliberate installation of excess capacity, given the
proration formula in operation?
Such diseconomies are measured by first determining the peak level of output, called f*max , reached
by a reservoir assuming it were developed under its
computed optimum spacing, s*. Efficient production
requires wells to be produced at capacity. The latter is
defined as the authorized capacity, the MPR. (While
the MPR was a regulatory formula, it nevertheless
is a reasonable representation of actual capacity.) If
f*max were constrained by the MPR, no intensive diseconomies would be incurred by the choice of s* as
well spacing since the theoretical capacity of the wells
drilled on optimum spacing would be utilized at some
point in the reservoir’s assumed life. However, if there
were redundant capacity, theoretical diseconomies
would occur.
For such reservoirs (that is, where the theoretical
capacity, defined as the product of the number of

wells drilled on optimum spacing and the well MPR,
exceeded f*max), the implication is that f *max would
have been produced more efficiently by increasing
well spacing and producing the resulting reduced
number of wells at their MPR. If this wider spacing
were designated smax , a cost saving by developing a reservoir on the spacing smax can be imputed. This is composed of two elements: capital and operating costs.
The expression for capital costs is: Cs = wA [(1/s*) –
(1/smax)], where Cs = capital cost saving, w = cost of
well; s* = theoretical optimum spacing under pro
ration; smax = efficient spacing; A = reservoir area. The
capitalized operating cost saving, Ys, between reservoir development on spacing smax and s* is: Ys = Ay
[ai n*/s*) – (ai nm/smax)], where y = annual operating
costs per well; i = discount rate; n* = reservoir life
under spacing smax ; nm = reservoir life under spacing
smax and ai is the annuity factor, discount rate i. For
detailed development of these formulae see Watkins
(1971, pp. 325–30, 338–40).
As mentioned above, hypothetical surplus costs
would only be incurred for those reservoirs where
the well MPR exceeded the calculated maximum well
output (i.e., m > fmax). Of the total of seventy-five
reservoirs in the 1950–56 group, thirty-four fell in
this category. Hypothetical diseconomies for these
pools totalled $464 million; similarly to the actual dis
economies, most were concentrated in a few pools: six
pools accounted for 88 per cent. Hypothetical surplus
costs were only relevant to twenty of the 108 reservoirs
in the 1957–64 group; total hypothetical diseconomies
amount to some $179 million and were concentrated
in a few reservoirs: four accounted for 83 per cent of
estimated surplus well capital costs. The mix of pools
in the 1957–64 group is of course different from the
earlier group, which prevents proper comparison
between the hypothetical results. Nevertheless, the
lower figure for total diseconomies ($179 million)
compared with the 1950–56 group ($464 million) is
expected, having regard for the smaller total acreage
of the 1957–64 group and the lower average reserves
per acre.
The much higher total diseconomies under theoretical spacing compared with the estimated actual
diseconomies mainly reflects the elimination of minimum spacing regulations in the theoretical analysis. This suggests that the minimum spacing levels
imposed by the OGCB were important in negating
incentives to install additional excess productive capacity in certain reservoirs. In the absence of such regulations, the economics of reservoir development under
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the 1950 and 1957 proration plan formulae would have
encouraged very close spacing in high reserve density
reservoirs and substantial investment in redundant
capacity.

6. Summary and Conclusions
A. Analysis of Prorationing in Alberta
The importance of the rule of capture in precipitating
proration in 1950 is confirmed. The most significant
aspect of the 1950 and 1957 Alberta proration plans
was the attempt to guarantee long-run well profitability by the “economic” allowance. In contrast, the 1964
plan eliminated the former guarantee, although shortrun well profitability was assured. Under the 1950 and
1957 plans, there was a close correspondence between
the number of wells in a reservoir and the volume of
production allocated to it. The 1964 plan severed this
relationship. This is important because the number of
wells is the most significant determinant of reservoir
production costs.
Reservoir development incentives given proration
have been appraised by constructing a simplified
reservoir investment model. Theoretical optimum
well spacing is defined as the value of well spacing
that maximizes present value profit per acre. The
theoretical values so determined measure the inherent influence of the proration formulae, since other
constraints on the choice of well spacing, for instance
regulatory restrictions, are excluded.
The calculation of optimum well spacing, given
the control of production by proration, for the 183
largest reservoirs developed under the 1950 and 1957
plans shows that, while the distribution of optimum
spacing by reservoir is skewed towards lower levels,
the range is very wide. Thus the general proposition
that the 1950 and 1957 plans of themselves encouraged
inefficient well spacing is rejected. Instead, such inefficiency was found to depend on the characteristics of
the individual reservoirs.
The analysis discloses that the dominant variable
determining optimum well spacing for a given reser
voir is its reserve density (reserves per acre). Both
the 1950 and 1957 plans produced strong incentives
towards very close spacing in reservoirs with high
reserve densities.
A comparison of the theoretical results with actual
well spacing values by reservoir showed broad consistency, after consideration of institutional limitations
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on actual spacing and possible biases in the data used
for the theoretical calculations. This suggests the
theoretical analysis employed is sound and that operators were motivated by profit maximization within
the constraints imposed by proration.
The extent of extensive diseconomies among
different reservoirs has not been assessed but must
have been significant. Production capacity was well
above actual production throughout the 1950s and
1960s, with as much as half of capacity lying unused.
Therefore, there was spare capacity in the more productive lower-cost pools while production took place
in the higher-cost ones. However, without a very
detailed and complex intertemporal aggregate oil
supply model of the Alberta industry, incorporating
stochastic elements in a reasonable manner, it is not
possible to simulate how the exploration and development in the province might have proceeded under
unitized conditions, so a reliable estimate of extensive
diseconomies is not available.
For the same reason, it is not possible to tell with
any precision the impact of prorationing on Alberta
crude oil prices. In terms of direction of effect, the
appearance of significant excess capacity beginning
in the late 1940s suggests that prices were held higher
than would otherwise have been the case – certainly
higher than the rule of capture would have generated.
The comparison with unitized conditions is less clear,
although the rush of new discoveries after Leduc in
1947 would have put significant downward pressure on
prices, likely pushing prices even lower than actually
occurred in order to increase sales in markets reached
by pipeline extensions and to attract even more distant
markets. Lower prices, however, would tend to inhibit
exploration and development, so that the timing and
sequencing of discoveries and reservoir development
would have been quite different under unitization
from what was observed. It becomes problematic,
therefore, to speculate on how different oil prices
might have been in the 1960s.
The relative stability of crude prices under
market-demand prorationing is also notable, with
occasional changes in the 1947 through 1962 period,
and a constant (nominal) price from then through to
1970. (See Table 6.2.) Market-demand prorationing
tends to induce such price stability by transferring
to the prorationing authorities the power to adjust
production to meet demand at prevailing prices.
Moreover, the rigidity of crude oil prices contrasts
sharply with the day-to-day price volatility that has
characterized Alberta crude oil markets since deregulation in 1985.

However, two main points of caution must attend
any comparison of the historical level and stability
of Alberta crude oil prices with a never-observed
(counterfactual) history of prices under unitization.
The first relates to market structure. In Chapter Six,
we characterized the industry as one of oligopolyoligopsony and such markets are frequently characterized by rigid prices. The uncertainty is whether
prorationing simply sanctioned a pattern of rigid
prices, which the industry would have attained
anyway, or whether the existence of prorationing was
what allowed the companies to behave in this way.
Our inclination is to the latter hypothesis. This is consistent with the extreme instability in crude oil prices
in the United States under the rule of capture in the
years 1860 through 1930, prior to the introduction
of market-demand prorationing, and the rigidity of
prices after 1930 when market-demand prorationing
by state governments become common. It is useful to
consider two separate issues here, price stability and
the extent to which the market was managed. It is
clear that market-demand prorationing was successful
in avoiding the extreme price instability that characterizes the rule of capture. Prorationing also seems to
have limited output expansion by allowing the majors,
in their role as purchasers of crude oil, to impose
limits on the volumes of crude produced. Remember
that refiners nominated volumes of oil they would buy,
and the Conservation Board allocated this amount
over potential producers. The interesting question is
whether market expansion might have occurred more
rapidly under unitization (without proration).
The second caution relates to conditions in the
United States, which served as a major competitive
interface for Alberta crude from 1947 on. Here oil
prices were also affected by government regulations,
particularly market-demand prorationing in the main
oil-producing states and (after 1959) the oil import
quota scheme. The relative stability of U.S. oil prices
would have reflected back to Alberta even in the
absence of market-demand prorationing in the province. Moreover, lower prices for Alberta oil would
probably not have generated significantly higher sales
in the United States, given U.S. concern about the level
of oil imports.
As was argued in Chapter Four, Alberta is a relatively small player in the international petroleum
industry and produces significantly less oil than
the United States; hence the oil price effects of pro
rationing in Alberta were probably relatively minor,
linked to minor adjustments in the competitive
interface for Alberta oil. However, the price effects in

North America, and in the international market prior
to the mid-1950s, of market-demand prorationing
in all North American jurisdictions combined,
were significant.

B. Efficiency of Prorationing in Alberta
Assessment of the economic efficiency of a government regulatory program such as market-demand
prorationing requires that the activities under the
program be compared to what would have occurred in
its absence. In the case of prorationing, there is some
ambiguity as two quite different states of the world
suggest themselves as alternatives: one in which the
rule of capture operated freely and a second in which
reservoirs were unitized. Prorationing in combination with other regulations (in particular minimum
well spacing) clearly reduced the overinvestment and
price instability associated with the rule of capture.
However, economists have long argued that pro
rationing fails to internalize the real externality associated with the rule of capture, that is, the lack of clearly
defined property rights over the oil in the ground
(Adelman, 1964; Lovejoy and Homan, 1967). One
criterion of economic efficiency that we have utilized
in our comparison of market-demand prorationing
to unitized conditions is that of cost minimization:
clearly economic efficiency requires that oil be produced in a least-cost manner.
Our formal quantitative analysis concentrated on
efficiency in relation to a fixed distribution of output
between reservoirs (intensive efficiency). This is an
important restriction because it excludes the measurement of efficiency for varying output configurations,
such as might arise if minimization of the cost of a
given level of total provincial production was sought
(extensive efficiency). Thus, the numerical estimate of
total diseconomies represents a minimum level.

1. Extensive Diseconomies
As mentioned beforehand, we have no basis for
estimating how much higher total inefficiencies
were, once extensive diseconomies are included.
Diseconomies are the incremental costs of producing
crude under prorationing, as opposed to effective
unitization. Extensive diseconomies would occur as a
result of developing and operating higher-cost projects
(e.g., small pools, deep pools, low-productivity pools,
high-cost EOR schemes) when low-cost projects (e.g.,
large, high-productivity, high-permeability pools)
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are restricted by prorationing. Whereas the intensive
diseconomies involve incremental costs of developing
specific pools, the extensive diseconomies involve
different costs among pools.
There is reason to suppose that the extensive
diseconomies were significant. In particular, as has
been noted elsewhere in this chapter, many of the
large, productive pools operated at a small portion of
installed capacity during the 1950s and 1960s. At the
same time, many small less-productive pools were
guaranteed output by prorationing. Discovery allowances, and high allowances to cover investment costs
under the 1950 and 1957 schemes, made exploration
for and development of such small reservoirs economically attractive. It would have been more efficient to
draw more heavily upon the lower-cost pools before
undertaking expenditures on higher-cost pools,
though uncertainty in exploration makes a strict
scheduling of pools in ascending order of cost impossible to achieve.
As discussed above, there are insufficient data
to allow a reasonable estimate of the size of these
external diseconomies. Detailed pool-by-pool cost
estimates are not readily available. More seriously,
it would be necessary to simulate the history of the
Alberta crude oil industry under unitization, including the evolution of market prices and the sequence
of discoveries, in order to compare the costs of this
hypothetical history with what actually occurred. This
implies a large-scale optimization model of the industry, and such a model does not exist.

2. Intensive Diseconomies
Realized intensive diseconomies were measured by
comparing production costs for peak reservoir output
under proration with the estimated minimum costs
of producing the same output. The comparison indicates that, for the 183 reservoirs examined, on average,
about one in five of the actual development wells
drilled was superfluous. Total actual intensive dis
economies incurred under the 1950 and 1957 proration
plans were estimated as $271 million (without adjustment); the majority was located in relatively few pools.
These diseconomies reflect, not only proration itself,
but all other institutional factors affecting reservoir
development and production, for example, minimum
well spacing regulations and the land tenure system.
They approximate the savings realizable if a regime of
compulsory unitization had been imposed.
No inherent incentive for installation of surplus
productive capacity within reservoirs existed under
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the 1964 plan, and hence the estimates of diseconomies also indicate the potential for savings had the
provisions of this plan for the distribution of production with reservoirs been in effect from 1950 onward.
A further conclusion is that the efficiency of proration
is fundamentally affected by the form it takes.
If the same 183 reservoirs had been developed on
the calculated optimum well spacing under the 1950
and 1957 proration plans, total intensive diseconomies
would have been some $643 million, considerably
higher than the estimate of actual diseconomies. The
difference between the hypothetical results, which
assume no restriction on choice of spacing, and the
actual diseconomies suggests that the imposition of
minimum well spacing regulations played an important role in preventing inefficiency, especially in reservoirs of high reserve density. It illustrates the way in
which one set of rules may need bolstering by another:
regulations breed.
Since full implementation of the 1964 proration
plan in 1969, the kinds of inefficiencies cited above
largely disappeared. Some changes were made to
the plan in the 1970s, but they were not structural.
Thus in large measure the provisions of the 1964 plan
remained in effect until the absorption of spare oil
production capacity made prorationing redundant in
the late 1980s.

3. Market Equilibrium
Under prorationing, Alberta crude oil prices were
relatively stable, exhibiting none of the wasteful price
instability expected under the rule of capture. In fact,
it can be argued that prices were too stable under
prorationing, thereby interfering with the efficient
market signals expected under unitization without
government production limits. As suggested above,
one would have anticipated somewhat greater price
movement in response to underlying changes in
demand and supply than was in fact observed in the
1950s and 1960s. The flurry of discoveries following
Leduc would normally have pushed prices even lower
than was seen in the 1950s, the lower prices serving
both to encourage greater consumption in the markets for Alberta oil and to discourage further supply
increases until prices had risen again. This suggests a
different timing of industry expenditures, with some
of the exploration and development expenses occurring later than actually occurred. Society would benefit because the present value of expenses in the crude
oil industry would be less (due both to delay and any
cost-saving technological advances).

Three counterarguments, not necessarily inde
pendent of one another, can be raised against these
criticisms of market-demand prorationing’s impact
upon the price of oil.
The first counterargument questions the desirability of a reliance on free markets for crude oil, even if
oil pools were unitized. If individual producers fail
to anticipate future market conditions in a rational
manner, then a unitized oil market might still tend
to generate unnecessarily large cycles of price and
output; these would be similar to, though not necessarily as extreme as, those under the rule of capture. If
regulatory authorities are better able to foresee future
market conditions, they might utilize a regulatory
device such as market-demand prorationing to reduce
price variability. Of course, one would have to balance
the administrative costs and inefficiencies of pro
rationing against the benefits of greater price stability.
Many economists are unconvinced by the basic
premises of this argument. They are sceptical that governments can read the future of markets better than
participants in the industry and that current investment and production decisions are based on irrational
forecasts of the future. The idea of ‘rational expectations’ in economics does not say that forecasts are correct, since there is inescapable uncertainty about what
is going to happen. It says that rational forecasts make
full use of available information so that any deviation
between what actually occurs and what was expected
is random error. The status of rational expectations in
complex macroeconomic systems is very controversial; it is more readily accepted by economists in the
somewhat simpler microeconomic environment of
markets for individual products.
The key issue is the effectiveness of profit maximization by producers. Somewhat more formally,
utilizing the conceptual apparatus of Chapter Four, the
question is whether producers make due allowance for
the ‘user costs’ of oil production. Thus, for example,
economic theory suggests, not only that lower prices
today inhibit investment and production today, but
that the anticipation of these lower prices in earlier
periods will have inhibited investment in those earlier
periods. We find it hard to believe that most of the
industry’s investors, certainly the successful ones, are
persistently myopic, and so much so that government
controls on production levels would be justified.
Despite this scepticism, three issues deserve further
empirical analysis.
One is the suggestion that industry investment
is driven more by the desire to generate immediate
or early cash flow than by profit maximization. For

example, even though present value profits might be
greater if the company sat on its mineral rights for
several years before investing, the desire for faster,
earlier returns might stimulate immediate investment.
This suggests a bias by the industry towards over
investment and rapid depletion of oil pools, even
under unitized conditions. We are, as noted, sceptical
about the significance of this argument, but know little
empirical work that addresses it.
A related issue that has received little quantitative
analysis is the extent to which various government
regulations may push companies to invest earlier than
they might wish to do so if they were unconstrained
in their pursuit of maximum profits. For example,
Crown mineral rights must often be drilled on within
several years or automatically transferred back to
the government.
Another dimension relates to the efficiency of
corporate decision-making tools. Most companies
do rely heavily upon investment criteria that emphasize profit maximization. This would include both
the net present value and the internal rate of return
(discounted cash flow rate or ‘hurdle’ rate) criterion.
(See, for example, Van Meurs, 1970, or McCray, 1975.)
However, it is not clear that the application of these
criteria adequately allow for uncertainty about the
future. It is common to handle such uncertainty using
a single value for uncertain variables. Sometimes
the decision-maker may simply say “we don’t know
what the future will bring, so let’s use today’s value.”
In this case, decision-making will tend to be myopic
in the sense that it lags behind any persistent trends.
This view has a long history amongst oil analysts. For
example, Frank (1966) suggested that the oil industry is inherently unstable in part because of cycles
of over- and underinvestment, which have ongoing
price effects. Many economists found Adelman’s (1972)
counterarguments convincing, that the industry tends
to be inherently stable (if the rule of capture is offset)
because, in part, of the forward-looking nature of the
investment decision. In this case, decision-makers
do not automatically utilize today’s value. The value
selected may be a different expected value (for
example, a probability weighted average of future
values that are seen as possible). However, the net
present value calculated using the single certainty
equivalent number will be an inaccurate measure of
expected profit unless net present value (profit) is
a linear function of various values of the uncertain
variable (MacFadyen, 1988). It has also been argued
that there are a number of cognitive biases that are
common in processing information about uncertain
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situations (Kahneman et al., 1982). More recently,
it has been suggested that conventional net present
value techniques tend to be biased in favour of current investment over delay. At its most basic level, this
would reflect a tendency to assess a current investment project on a “yes or no” basis, without explicitly
comparing it to a delay option. At a more complex
level, it has been argued (Dixit and Pindyck, 1994) that
current investment involves a cost in the form of a
foregone ‘option value,’ which net present value techniques typically ignore. For example, if one is uncertain whether next period’s price will be high or low,
delay of investment gives one the option of investing
or not depending on the price level actually observed;
investing today means that this option is foregone.
On balance, in the absence of any strong empirical
evidence, we remain unconvinced that an effectively
competitive unitized oil industry would involve
severely biased investment and production decisions.
Even if it were demonstrated, we would need to be
persuaded that the government could do better, and
even then, market-demand prorationing does not suggest itself as an appropriate regulatory program.
A second argument in support of market-demand
prorationing relies on ‘second-best’ considerations.
In particular, it notes that Alberta in 1950 was facing
a petroleum market where U.S. oil provided the main
competition and also potential markets. However,
market-demand prorationing, with all its inefficiencies, was in place in a number of the main producing
states, and it was becoming increasingly clear during
the 1950s that there were limits on the willingness of
the U.S. government to tolerate higher oil imports.
Moreover, we have noted the oligopoly/oligopsony
nature of Canadian oil markets. Alberta oil, therefore, was not entering an effectively competitive free
market. The theory of second-best implies that a
program which would be inefficient in a ‘first-best’
(i.e., perfectly competitive) world may not be so in
a ‘second-best’ world. A plausible line of argument
would note that Alberta oil prices would necessarily
be tied to prices in watershed markets and that reliance on an unregulated private sector to sell under
these conditions was undesirable because the oligopolistic major oil companies would have favoured their
crude-oil-producing affiliates over the independents.
Prorationing did ensure that all producers were
allowed to produce. However, it has not been demonstrated, so far as we know, that it was optimal to
extend the market for Alberta oil to Toronto and no
further. Moreover, this line of argument provides no
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support for the intensive and extensive diseconomies
generated by prorationing.
A third line of argument may, however, supplement the second. It is a close cousin of the ‘optimal
tariff ’ argument, which suggests that a country
selling an export good may gain (in the absence of
retaliation) by imposing a tariff, effectively exercising market power to raise the price of the good and
gain more revenue. The price-increasing effects of
market-demand prorationing may, therefore, have
been inefficient from a global or even total Canadian
perspective, but they may have been beneficial to
Alberta, particularly to the extent that the provincial
government gained through higher royalty and bonus
bid revenues. (However, higher production costs,
endemic to prorationing, would tend to reduce bonus
bids.) Once again, however, this argument offers no
justification for the specific regulations under the 1950
and 1957 plans, which generated large intensive diseconomies. And a price support – output allocation
program like market-demand prorationing seems
destined to involve external diseconomies by failing to
ensure that only the lowest-cost oil is produced.

C. Conclusion
The rule of capture induces rapid, and inefficient,
exploitation of a region’s crude oil resource base. The
Alberta Government and oil industry were well aware
of this. With the rush of new discoveries after the 1947
Leduc find, the government moved (in 1950) to adopt
the regulatory response most common in the United
States – market-demand prorationing. (Daintith, 2010,
chap. 13, provides a valuable review of the rule of capture and assorted responses to it.) Alberta’s regulations
were in place until 1989. The effects were major.
One effect of market-demand prorationing in
North America was to eliminate the market price
instability that had been so pronounced under the
rule of capture. The Alberta scheme fitted into a North
American oil market in which crude prices were
already much stabilized by prorationing in the major
U.S. producing states. The Alberta regulations did,
however, significantly reduce the flexibility with which
Alberta oil interacted with the rest of the continental
crude oil market. The details of these interactions have
been discussed in Chapters Six and Nine of this book.
Proponents of market-demand prorationing
would argue that it allowed an orderly expansion of
Alberta crude into more distant markets and ensured

that all producers, even the smallest independent,
was ensured a portion of that market (i.e., it did act
to protect correlative property rights), and satisfied
notions of equity that embraced the opportunity to
produce from any reservoir. Critics of the scheme
might accept the argument, in part but would go
on to argue that market-demand prorationing had
major disadvantages relative to compulsory unitization as a way of controlling the excess of the rule of
capture. In particular, it may have blunted the forces
of market adjustment, thereby restricting the ability
of both buyers and sellers to respond to changing
circumstances. In particular, it inhibited the full price
decline and market expansion that the discoveries of
the 1940s and 1950s warranted. Perhaps more significantly, the somewhat higher prices and, especially,
the guaranteed-production, served as an incentive
to continued exploration and development when the
Alberta industry was operating at less than 50 per cent
of productive capacity.
Expressed in other terms, as a result of marketdemand prorationing, the industry incurred significantly higher costs than were necessary. This
channelled resources into the crude oil industry that
society might have utilized beneficially elsewhere.
The higher costs involved both external diseconomies
(use of oil from higher-cost pools when lower-cost

pools had unproduced oil available) and internal diseconomies (higher incremental and operating costs
within pools than was necessary). The size of the
external economies has not been estimated. The internal diseconomies relate to specific regulations in the
1950 and 1957 prorationing schemes that encouraged
excess development in oil pools. The 1964 regulations
removed these incentives. The external/internal dis
economies were large.
Therefore we conclude that prorationing was
beneficial in offsetting the worst effects of the rule of
capture but that there were significant inefficiencies
attendant to the Alberta market-demand prorationing
regulations compared to the option of compulsory
unitization. The inefficiencies potential in the pro
rationing regulations, compared to unitization, were
offset in part, but only in part, by well-spacing regulations. Since the rule of capture is in effect in Alberta,
the end of market-demand prorationing in 1989 left
control of the negative effects of the rule to voluntary
unitization and to other regulations, such as minimum well-spacing, well location regulations, pooling
regulations and the authority of the ERCB to order
maximum output levels (‘rateable take’) if one party
can demonstrate reduced recovery due to the rule of
capture (Low, 2009, Section 5, D).

Appendix 10.1: A Reservoir Investment Model under Proration in Alberta
Reservoir development and production costs are
primarily a function of wells drilled (well density):
in Alberta, a representative figure for development
drilling costs would be about two-thirds of reservoir
development expenditures. Hence well spacing is of
fundamental importance. Fuller treatment of the following model to estimate the effects of prorationing
can be found in Watkins (1971).
It is assumed that:
(i)

each reservoir is sufficiently small in relation to
the industry that its development plan would
not affect factor prices;
(ii) the reservoir produces no gas,
(iii) the reservoir is under unified ownership,
(iv) the purpose of the reservoir owner(s) is to
maximize present value pre-tax profit from the
mineral rights it holds in the reservoir.

It is only for exceptionally large reservoirs in terms of
area (e.g., Pembina) that the first assumption would
not hold. The second assumption is not stringent:
gas production could be easily accommodated in the
reservoir model. The third assumption is necessary
to measure well spacing incentives under proration
independently of the effect of the land tenure system.
The pre-tax specification in assumption (iv) acknowledges the complexities of petroleum taxation and is
justified also for consistent treatment of reservoirs
owned by different companies.
Given these assumptions, the reservoir operator
will attempt to ascertain a schedule of production that
would maximize present value profits:
        nj

MaxPj = max ∫ (Rt,j – Ct,j)Dt dt

       0
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where:
Pj = present value profits, reservoir j,
Rt,j = expected revenue function at time t,
reservoir j,
Ct,j = expected cost function at time t, reservoir
j,
nj = expected production life function,
reservoir j,
Dt = expected discount function, time t.
Each function is discussed below.

The Revenue Function
Expected revenue at time t is the product of expected
price, net of royalties, and the rate of production.
Oil royalties in Alberta were, up to a certain level of
production, rate-of-production sensitive. However,
for simplicity, royalties were expressed as a fixed proportion of unit price, and the sensitivity of results to
this assumption was tested. Historically, beyond 1952,
no general price trends were apparent in Alberta.
Hence the expected price of Alberta crude oil for
each reservoir was treated as a constant, although
such prices varied by reservoir. Also, the extant price
structure was assumed to accommodate fluctuations
in production from a reservoir. In short, the producer
is presumed to be a price taker. Given proration, this
assumption is entirely reasonable.
Under proration, well production was prescribed
by the proration formulas outlined in Section 2, subject to maximum rate limitations mainly defined by
the maximum permissive rate (MPR), designated for a
well in reservoir j as mj .
If a single well spacing pattern prevailed in the
reservoir, and if the number of productive wells were
qt at time t, the level of reservoir output, ft,j, would be
defined as:
ft,j = qt,j f (t)

(2)

where f(t), the rate of well production, is the lesser of
the prorated quota or the MPR. (The presumption that
spacing is uniform in a reservoir is compatible with
controls exercised by the OGCB. Few reservoirs were
developed on more than one spacing pattern.)
Equation (2) assumes the maximum rate of production and the well production quota would be sufficient to specify the level of well production. However,
oil reservoirs are generally characterized by declining
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well productivity as the reservoir is depleted, given
constant technology. It is unlikely the omission of
decline rates will result in significant error when production is prorated because the impact of productivity
decline is experienced primarily when the reservoir is
produced at capacity while proration fundamentally
assumes the existence of excess capacity. Productivity
decline does not affect well production rates until
productivity falls below production quotas: these
conditions tend to be confined to the later stages of
a reservoir’s life. (For confirmation of these points,
see Muskat, 1949. Nevertheless, the sensitivity of the
results to the incorporation of productivity declines
was tested.)
In summary, the revenue function for reservoir j is
Rt,j = pj ft,j

(3)

where pj is net of royalty and ft,j is given by Eq. (2).

The Cost Function
The cost function comprises productive development
well costs, dry development well costs, ancillary facilities, and operating costs. A simplifying assumption is
made that all investment expenditures are incurred
in the first year of reservoir development (year zero).
This is reasonable for small reservoirs but questionable for reservoirs large in area. However, in terms
of present value profits, the effect of concentrating
development in period zero is to some extent offset
by the corresponding assumption that full production
commences in period one. Productive development
well costs are the product of the number of productive
wells (qj) and the average costs of drilling and completing a well. Dry development wells are impossible
to anticipate precisely, but their historical frequency in
relation to productive wells is known. A dry development well costs less than a productive well. Hence,
dry hole costs are represented by the product of the
cost of productive development wells, the ratio of dry
development wells to productive wells, and the ratio of
the costs of a dry development well to productive well.
Detailed data that would permit proper analysis
of expenditures on ancillary (above-ground) reservoir
facilities were not available. The variable to which
ancillary investments is most obviously related is the
number of productive wells (qj); it remains the best
variable with which to approximate ancillary facilities,
and thus these costs are the product of the number of
wells and ancillary costs per well. Ancillary facilities

are a minor proportion of typical reservoir costs,
which limits the significance of any specification error.
Well operating costs tend to be insensitive to the
rate of production and are incurred over the life time
of the well. No Alberta data for examining trends in
operating costs over time were readily available, but
data were available linking operating costs to reservoir
depth. Hence, operating costs at time t were the product of the number wells (qj) and average annual costs
per well.
In summary, the costs function is:
Ct,j = qj(wj (1 + b1b2) + aw) t = 0,
= qj yj t = 1, 2, …, n,

(4)

Reservoir Life and Discount Rate Functions
The reserves of oil in a reservoir (rj) are assumed to
be distributed uniformly over its area, an assumption
made by many engineering analyses. Since it is presumed that maximum production rate regulations
apply, recoverable reserves are not affected by the rate
of production and therefore rj is constant for each
reservoir.
Thus, the reservoir life function, nj, may be determined from the expression:
(5)

In practice, some limitation on industry’s time horizons is normal: twenty-five years is frequently used.
The discount rate, i, is assumed to be fixed
over time for any one reservoir. This acknowledges

(6)

Optimization under Proration
Equations (3) to (6) now may be inserted in Eq. (1)
to give:
Pj = ∫(pj ft,j – qj yj)e–itdt – qj(wj (1 + b1b2) + aw).
   
0

wj = drilling and completion costs of
productive well, reservoir j,
b1 = ratio of dry developments wells to
productive wells,
b2 = ratio of cost of dry development well to
productive well,
aw = ancillary costs per well,
yj = annual well operating costs, reservoir j.

rj = ∫ ftj dt
  0

Dt = e–it.

   nj

where:

   nj

difficulties in forecasting discount rates and reflects
general industry practice in Alberta.
An additional assumption, mainly for mathematical convenience, is that discount rates are continuous. Thus the discount function is:

(7)

This, then, is the function the operator should seek
to maximize in planning reservoir development.
Expression (7) is simplified. The general problem of
optimum reservoir development is very complex. For
example, see Goodnight et al. (1970), and Miller and
Dyes (1959).
The main variable on which choice is exercised
in planning reservoir development is the number of
wells. With uniform well spacing prevailing in any
one reservoir, this choice may be translated into one
of well spacing. Thus, given constant reserves per acre,
optimum profitability will be achieved by the well spacing value that will maximize present value profit per
acre. Thus, the value of spacing, sj, which will maximize Pj/Aj for reservoir j is sought, where:
Pj = present value profit, reservoir j,
Aj = acreage, reservoir j,
and the required reservoir parameters for the calculation of Pj are given. This value of sj is designated sj*,
the optimum spacing value for reservoir j. Although
given a sufficient production life, a reservoir could
be drained by only a few wells (Craze and Granville,
1955), minimum market requirements, and facility
capacities, for instance, pipeline throughputs, and
normal time horizons impose a practical limitation on
well spacing width.
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CHAPTER ELEVEN

Economic Rent and Fiscal Regimes

Readers’ Guide: Nowhere are the petropolitical
dimensions of the petroleum industry more pronounced that in the area of rent sharing. Because of
depletability and the heterogeneity in the quality of
petroleum deposits, plus periods of high international
prices due to the exercise of oligopoly power, many
oil and gas reservoirs earn revenues far in excess of
necessary production costs. Governments have a
number of reasons to feel they have a special claim on
the resultant profits (economic rent), most frequently
because the natural resource is regarded as the property of the populace in the region, and also for ability
to pay reasons since the economic rent is a surplus
in excess of what private parties require in order to
produce the petroleum. However, it difficult to devise
a method of sharing the economic rent that yields a
high share to the government but has minimal effects
on the activity of the petroleum industry. This chapter
reviews the mechanisms used to transfer economic
rent from the Alberta crude oil industry to Canadian
governments, with special emphasis on the problems
arising in a federal state where two levels of government may feel that they each have a claim on the
economic rent.

1. Introduction
This chapter deals with fiscal measures affecting the
Alberta petroleum industry, covering all types of
payments by the industry to government, including
taxes, rentals, royalties and bonus bids. Emphasis is

on conventional crude oil, although, as will be seen,
many of the measures affected other aspects of the
petroleum industry. (Chapter Seven looked at aspects
particular to the oil sands, and Chapter Twelve does
the same for natural gas.) The issue is complex. In
part this reflects the constitutional realities that played
such an important part in our discussion of pricing:
both provincial and federal governments have legitimate taxation powers. Within this framework, taxes
may be imposed by governments for many reasons.
Broadly, a tax may aim to change industry behaviour, or it may try to generate revenue with as little
impact on behaviour as possible. In this chapter we
shall assume that the latter purpose (‘neutrality’) predominates. Petroleum taxation is important because
the industry is expected to generate significant profits
beyond normal levels. In natural resource industries,
such profits are frequently called ‘economic rents.’ A
significant proportion of the fiscal burden on the petroleum industry reflects the claims that government
may make on these economic rents as the primary
resource owner. However, monies paid to governments in their role of resource owner differ from those
paid as general taxes by all businesses.
Three main sections follow. The first is conceptual,
on the taxation interests of government (especially the
province), the meaning of the term ‘economic rent’
and some of the different forms of ‘rent collection’
(taxation or ‘fiscal take’). The second presents an historical review of the main rent-collection measures
of the Alberta provincial government, while the third
looks at federal government tax policies. Our attention
is on provincial Crown land, rather than the relatively
small areas of freehold mineral rights and federal

Crown land in Alberta, which have rent-collection
regulations of their own. In addition, income tax provisions will be discussed under the federal measures,
although this tax has in fact been shared between the
two levels of government.

2. Conceptual Matters
A. Governments and Economic Rent
A potential producer of petroleum must obtain the
legal right to necessary inputs, including both surface
rights to land under which petroleum lies and underground rights (‘mineral rights’) to claim any products
found beneath the surface. Governments are directly
involved for two reasons. First, they set up the institutional framework within which private parties can
exchange goods and services. Provisions of law hold
here, including those registration and arbitration procedures under which oil companies pay compensation
for the use of surface land in surveys, drilling, production, and transmission. Second, and of special interest
in the context of petroleum, since the BNA Act of 1930,
most of the mineral rights in the province of Alberta
have been the property of the provincial government
(‘the Crown’), and as owner of the petroleum rights
the government has an abiding interest in the conditions under which companies engage in petroleum
exploration and production.
It is useful, analytically, to separate the provincial
government’s role as owner from its role as rule-maker
for economic exchange. This is important since the
government predominates but does not have complete
initial ownership over Alberta underground mineral
rights and must, therefore, set up rules for exchange
for private resource owner to oil company transfers
and for government resource owner (Crown land) to
oil company transfers. Viewed in this light, it is commonly argued that the prime goal of the government
as resource owner is to obtain the maximum present
value revenue from its mineral rights. The government
represents the public as the owner of Crown mineral
rights. Presumably it could set up discriminatory rules
that favour the owners of mineral rights over producers or consumers or surface land owners. It has not
obviously done so. However, it has been willing to use
its powers to discriminate between itself and private
mineral rights owners. For example, in 1972–73, it
forced the owners of Crown leases to accept much
higher royalties (or a new tax). Private mineral rights
owners who had negotiated leases with fixed royalty
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arrangements did not benefit from this provincial
government policy and had no power to force such
changes on leaseholders.
The argument is not that the Alberta government is interested only in petroleum revenue. Goals
such as environmental protection and conservation,
including the assurance of adequate supplies for future
generations of Albertans or Canadians and the economic development of the province may be relevant.
However, these goals apply to both Crown oil and
oil from non-Crown land, and so require regulations
governing all Alberta oil production. Within whatever
regulatory climate is established for the industry as a
whole, we assume that the provincial government can
be seen as wishing to maximize the present value of
the revenue it receives from Crown land. Several possible exceptions to this assumption can be raised.
For example, the increase in petroleum revenues of
the Alberta government after 1973 were undoubtedly
resented by many citizens and government authorities
elsewhere in Canada and induced increased federal
taxes. Higher Alberta petroleum revenues, all else
being equal, had financial implications for the federal–
provincial taxation equalization agreements, with
even Ontario shifting toward the ‘have not’ category
(Courchene, 1976, 1981, 2005). In such circumstances,
there could be some advantage to the government of
Alberta in spreading oil and gas revenues out over
more time, even if the present value of total revenue is
somewhat reduced as a result.
A second argument also suggests that the government might issue mineral rights with an eye more to
the timing of receipt of revenue than to maximization
of the present value of receipts. In practice, it may
not be possible to separate the receipt of revenue by
the government from the uses to which the funds are
put. For example, the greater the current revenue of
the government, the stronger the pressures to utilize
funds now even on relatively trivial projects. Given
the electoral process, it has been argued that governments may undertake expenditures with an eye more
to short-term political payoff than to long-term gains.
Governments might then either try to generate revenue earlier so to have access to such politically useful
funds or to delay receipt of funds so as to reduce the
temptations to spend rashly. This line of thinking may
be even more realistic – though more analytically
complicated – if it is argued that political parties represent particular special interests. These arguments
will not be considered in this book, although we
would suggest that their surface plausibility should not
exempt them from reasoned empirical consideration.
After all, they presume a general lack of awareness

by the electorate of what does constitute long-term
economic gain and the ability of well-primed public
‘bribes’ to secure political rewards.
There are also more indirect ways in which the
gains derived from public petroleum revenues are
not independent of the timing in which the revenue
is generated or used. For example, if oil monies
significantly increase net provincial income per
capita in Alberta relative to the rest of Canada, then
in-migration can be expected. Such an effect reflects
the way in which the government utilizes the funds.
Migration to Alberta would likely be lower if the government spent its oil revenues on direct money grants
to already-established residents or on long-term loans
to people outside the province, than if the funds were
used to reduce sales and income taxes. Regardless of
the specific use to which the revenue is put, potential
migrants may be affected by reports of the size of current government earnings. However, the government
may wish to spread its earnings out more evenly over
time, attracting fewer in-migrants, to the greater benefit of current residents. Alternatively, the government
might be attracted by higher immigration, more rapid
growth, and the hope for a larger economy.
Given the difficulties in sorting through these
options, we shall simply assume that the government
is interested in maximizing revenue from its own
(Crown) land.
The idea of the maximization of net economic
returns from petroleum is a slippery one. (The literature on natural resource rents and rent-collection is
huge. Interested readers might refer to Cairns, 1985;
Crommelin, 1975; Crommelin and Thompson, 1977;
Gaffney, 1967; Kemp, 1987; McDonald, 1963, 1970;
Scott, 1976; Van Meurs, 1971; and Watkins and Scarfe,
1985.) Interest centres on what might be called ‘ex post
economic rent’: The excess of revenue from the sale of
petroleum above the actual labour, capital, material,
and other input costs (including a ‘normal’ profit to
the entrepreneurs) of finding, developing, and lifting
the petroleum. To suggest that the government wishes
to maximize its revenue as landowner is to suggest
that it wishes to capture all of this economic rent. As
a basis for mineral rights policy, this concept of available revenue must be interpreted carefully in at least
three major regards.

1. Quasi-Rents
Economic rent should not be confused with ‘quasirent,’ or short-term rents, where an input has already
been put in place (e.g., a piece of capital equipment
like well-pipe, or a service like the drilling cost of an

exploratory well) and hence is ‘sunk’ or ‘fixed.’ Prior to
commencing activities, a company has no fixed costs;
all are variable. But, after a reservoir is in production, exploration and some development costs will be
sunk. A government might be tempted to look solely
at the costs specific to productive oil and gas pools
(the successful exploratory well, all the development
wells, flow lines, etc.) and try to take as tax revenue
any excess of producer receipts over these costs
(including a suitable return to compensate for normal
profits). After all, pretty well any informed observer
of the Alberta industry could pick out a number of
the most profitable individual pools and say that these
generate a great excess of revenue over costs. To tax
individual oil pools on such a basis, however, would
also tax the quasi-rents for exploration and therefore
tend to drive the industry out of business. Dry holes
are common, and inevitable, in the conventional oil
and gas industry and therefore must be allowed for as
a cost. Unfortunately, the size of necessary exploration
costs is difficult to estimate and may necessarily be
ambiguous or arbitrary due to the joint product nature
of exploration. It will be recalled that a joint product
process is one in which a single activity (like exploration) yields more than one valuable output (e.g., oil
and gas pools and information which is valuable over
many years in selecting sites at which to drill exploratory wells). Since expenditures on the activity generate
all the outcomes, there is no valid way to allocate the
expenditures to separate outcomes (e.g., oil pools),
although a variety of methods are often applied to
simplify analysis.
It could be argued that a decision to tax quasirents would be rational, once the industry has discovered pretty well all the low-cost petroleum expected
in the region, since further exploration is not likely
anyway. Apart from the difficulty in determining
when this condition is met, there are obvious political
and ethical problems since it amounts to expropriation (of exploration assets) without compensation. If
the industry is largely foreign-owned, however, this
may be appealing to some people, who argue that
much of the exploration expenditures of the major
foreign-owned firms have come from ‘excessive’ aftertax profits (earned in the past).

2. Ex Ante and Ex Post Profits
In a world of perfect certainty, the profits accruing
from a venture would be known before the venture
began (and, of course, there would be no dry holes).
But we live in a world of uncertainty. This is evident
for the petroleum industry, dependent as it is upon
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a natural resource invisibly stored thousands of feet
below the surface with profits tied to the vagaries of
international and domestic politics. The industry’s
actions are based upon its expectations (that is, upon
expected or ex ante rents). If the landowner (e.g., the
government) were to impose fees higher than the ex
ante (expected) rent of a project, then the company
would not normally undertake the activity. From
this point of view, the Alberta government is interested in expected profits as well as the actual economic rent earned. (This distinction is discussed in
Watkins, 1975.)
How do the actual (ex post) profits relate to the
expected (ex ante) profits? The two differ because:
(1) ‘unexpected,’ that is unforeseen, events may occur,
and (2) of all the possibilities that were foreseen, only
one actually takes place. One might generate a fine
academic debate about whether these are really two
separate issues: Are any occurrences ever completely
unforeseen, or are they foreseen but assigned a very
low probability? The essential point is that actual
occurrences are specific so that the ex post rent is
single-valued, while the ex ante rent incorporates
a wide variety of possible specific futures. That the
actual rents earned (ex post economic rents) are
most visible must not cloud the fact that it is the ex
ante expectations of the producer (after expected
payments to the landowner and government) that
determine behaviour. Expressed in other terms, the
rent-collection measures of the government are both
a revenue-sharing and a risk-sharing device: The
government collects a share of the expected revenues
from the venture and also derives some share of any
deviation in actual revenues from what was expected.

3. Allocative Role of Economic Rents
There has always been some haziness in the theoretical
analysis of profits. It is recognized that financial capital
must earn a normal return on investment, equivalent
to the risk-adjusted return such funds might earn elsewhere in the economy. Beyond this, it is often argued
both (1) that any profits above this normal level are
excess and therefore can be taken away and (2) that
expectations of above normal profits are the essential
signal to attract new resources to those industries in
which net investment is desired (because input prices
have fallen or technological changes have lowered
costs or demand increases have occurred). Obviously
the two arguments conflict: If all profits above the
normal level were taxed away, then excess profits
could not serve their allocative role. One response is
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that in a well-functioning competitive marketplace
long-run excess profits will not occur. However,
through well-designed corporate profit taxes, a share –
but not all – of any short-run profits above normal
profit can be captured by the government. Hence the
incentive function is maintained. But how are longand short-run profits to be differentiated? And what
share of short-run profits is required to induce more,
and faster, investment?
The prospect of earning a supernormal profit may
also serve as an incentive to hold costs down, therefore maximizing the size of before-tax excess profits.
From the opposite point of view, in the extreme, if a
company were able to reduce taxes on a one-for-one
basis as other costs rise, it would have a strong incentive to inflate costs. This would allow companies to
capture profits by disguising them as costs, providing
‘gold-plated’ services at much higher costs than are
necessary with attendant benefits to management.
Or the producer may simply be able to operative
inefficiently, exhibiting what some economists call
X-inefficiency (Leibenstein, 1976).
A further incentive dilemma exists with respect
to the economic rent from a natural resource such as
petroleum. If the Alberta crude petroleum industry
were effectively competitive, long-run monopoly
profits are not anticipated. However, the limited and
depletable natural resource base, and cost and location
differences, mean that economic rents will exist. That
is, revenues from the sale of petroleum (especially
from the most productive deposits) will exceed costs
of production even after allowance is made for normal
profits and all the essential dry-well exploratory effort
(i.e., quasi-rents). In other terms, reservoirs with costs
lower than those for the marginal deposit necessary
to clear the market will generate a ‘differential’ rent
due to their relatively lower cost. Effective competition does not compete away such profits, particularly
since the number of high-quality petroleum fields
is limited, and new entrants cannot expect to find
such pools. (We abstract here from the ‘open access’
problem, which will be discussed below.) In addition,
what we have called economic rent in the oil industry
includes a ‘pure scarcity’ value (often called the ‘user
cost,’ as in Chapter Four), and as such it can be argued
to serve an important allocative role. A barrel of oil
is scarce and can be used only once. To which time
period should the producer allocate it – should it be
produced this year or left in the ground for the future?
Obviously, from the producer’s point of view, it should
go to the period that generates the largest (presentvalue) profit for the oil pool (subject to contractual

arrangements and other factors). It is important that
the government (as mineral rights owner) devise a
scheme for the capture of economic rents that does
not interfere unduly with this time-allocative role.
In summary, the government as mineral rights
owner might be argued to have as its objective the
maximization of the present value of the revenue it
receives from the issue of such rights. This can be
interpreted as meaning that the government wishes
to capture the ex post economic rent from crude petroleum production. At the same time, it should not
take quasi-rents (e.g., revenue required for exploratory
efforts such as general geophysical work and inevitable
dry holes); it must remember that industry behaviour
is governed by ex ante (expected) rents; it must ensure
that returns to producers continue to serve an allocative function, in determining the best time period in
which the oil should be produced; and it is desirable
to maintain a strong incentive to efficient operations
and new investment, when conditions warrant additional production.

B. Policy Instruments
Obviously if the government is to capture economic
rent from the petroleum industry, some financial
mechanism is essential. Many can be imagined; we
shall discuss two that have been rejected in Alberta
and then briefly review theoretical aspects of several
that have been adopted.

1. Two Methods Not Adopted
Public Monopoly. Seemingly, all economic rent from
provincial Crown lands would be captured by the
Alberta government if Crown lands were entirely
exploited by a government oil company (National Oil
Company or NOC). This approach has not been followed in Alberta, in part for ‘philosophical’ reasons.
Provincial governments, whether Social Credit or
Progressive Conservative, have professed faith in free
enterprise. Advocates of this viewpoint advance many
arguments against a public monopoly petroleum
company. Such a company concentrates too much
power in a single entity, would be too subject to political influence, would stifle the diversity of viewpoints
essential in an industry with so much uncertainty,
would tend to have inefficient management (since the
managers would probably have no financial share in
successful ventures), and would hence dissipate most
rents in high costs. A number of these arguments are

amenable to empirical analysis, but the debate functions much more on an emotional-political level. At
that level, the socialist answer has been a non-starter
in Alberta. Crommelin (1975) argued that a Crown
corporation should be established to undertake preliminary exploratory drilling, but in competition
with private companies, not as a monopoly. He also
suggested that the Crown company participate in
private-sector leases, in place of Crown royalties, as
a way for the government to share in economic rent.
The Alberta government never established such a
Crown corporation.
Public Utility-Type Regulation. A public board
might be established to monitor individual company’s
operations and to take any excess of revenues over
allowed costs. The public utility regulatory approach
has normally been recommended for industries that
are ‘natural monopolies,’ that is, where the average
cost of production declines as output expands. Hence,
efficient production dictates a single producer. But this
creates a monopoly that is likely to be able to generate supernormal profits by exercising market power.
In this case, it might be judged desirable to regulate
prices so that revenues are just high enough to cover
costs. However, the crude petroleum industry is an
increasing cost industry, capable of supporting many
firms. As noted above, economic rent is generated
due to the scarcity value of oil as a non-renewable
resource, and because of the varying quality of petroleum deposits, so will exist even in the absence of
monopoly or oligopoly forces. Hence, the natural
monopoly argument for regulation is not valid.
Many economists are sceptical of a public utilitytype approach. It would be a complex, and costly,
administrative task, given the large number of companies active in Alberta. Beyond this, however, many
economists have doubts about the efficiency of the
regulatory procedure. It is usually advocated only
in those cases in which the structure of the market
is such that effective competition seems impossible.
For one thing, there are difficulties in determining
the exact level of the ‘normal profit’ component of
cost. Given the disincentive effect of too low a rate of
return, there may be a tendency to set the return too
high, in which case companies have a ‘residual’ profit
motive to expand their capital structure. At its worst,
this can lead to significant ‘gold-plating.’ The larger
the capital expenditures, the greater the allowable
return to the company. In this way, costs may expand
significantly, dissipating economic rent, with companies using too highly capital-intensive production
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practices. If the revenue requirements to cover costs
are established correctly, the allocative role of profits has been banished along with the economic rent.
Therefore, the utility-type regulation to capture rents
for the government would have to be supplemented by
output allocation and cost control regulations for each
individual company. In essence, then, this regulatory
approach comes to resemble the public monopoly
approach, but with a higher administrative cost.

2. Financial Instruments Actually Used
No attempt will be made to discuss all possible ways
in which a landowner might obtain revenue from the
crude petroleum industry. Rather, the measures used
by the Alberta government will be noted, along with
a brief review of the major advantages and disadvantages of each. We shall give attention to three issues:
The extent to which the approach makes allowance for
all necessary costs, the impact on ex ante (expected)
rents (including risk-sharing aspects), and effects
upon the allocative function of rents.
The measures will be discussed in verbal terms.
In addition, graphical analysis, like that introduced in
Chapter Four, will be used. The impacts of rentcollection measures will differ according to the specifics of the device and the project. It is not possible to
show, graphically, all possibilities, since many factors
affect the expected and actual sizes of economic rents
earned. At this time, we shall examine a single oil
project in a single year, using a medium-run perspective. One limitation of this approach is that it does not
explicitly consider the effect of various rent-collection
measures on the exploration decision, or on the intertemporal allocation of production. With respect to
exploration, the producer would have to consider the
impact of the rent-collection regulations on each of
the possibilities foreseen (i.e., a dry hole, a small oil
discovery, a large oil discovery, a small gas discovery,
a large gas discovery, etc.). By looking at a discovered
pool, much of this information has been gathered
(though the exact size and characteristics of the pool
are not well known until some development occurs).
Exploration costs are sunk costs, although they may
be relevant for tax purposes.
For a discovered pool, the pre-tax economic rent
available will be a function of the cost of producing
the oil and the price of oil. Since these graphs take
exploration costs as sunk, what is labelled economic
rent will include the ‘quasi-rent’ necessary to cover
these exploration costs. In the following graphs, we
show high- and low-rent pools by varying only the
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second of these two factors, the price of oil. Available
economic rent (defined as the product of output and
the difference between price and average production
costs) is shown as the shaded areas in Figure 11.1. In
subsequent graphs, the shaded area is the rent captured by the government. In the graphs, the curves
MPC1 and APC1 represent, respectively, the marginal
and average private before tax production costs of oil.
For simplicity, the average and marginal cost curves
are drawn as upward-sloping straight lines. Since oil
production from the limited resources of the pool is
subject to diminishing returns, the cost curves must
eventually have a positive slope. Expressed in other
terms, incremental production implies rising costs, as
new wells must be placed in less-favourable locations,
or because additional wells interfere with flow rates in
existing wells, or because expensive enhanced oilrecovery techniques must be used. In the subsequent
graphs, MPC2 and APC2 represent costs to the producer including the relevant payment to government.
Figure 11.1 includes an additional curve, labelled
MC*. Its intersection with the price line (demand
curve) shows the desired output level of a perfectly
competitive profit-maximizing firm. That is, production occurs at Q* where price equals marginal
cost. MC* includes the ‘marginal user cost’ of the oil
produced. As discussed in Chapter Four, this is the
present value of the reduction in future profits that
results from producing this barrel now. The user cost
is actually a part of the economic rent (on the last
barrel produced the economic rent and marginal
user cost are identical); it explains the time-allocative
function of prices. Since the graphs become excessively complicated if the MC* curves are shown, we
have included it only in Figure 11.1. Subsequent figures
show the expected level of output (Q) under the financial scheme, relative to Q*, thereby illustrating the
allocative effect of the scheme.
As noted, Figure 11.1 has two parts that differ in
the assumed price level: Part B shows a higher real
oil price. To the extent that producers are uncertain about the future level of oil prices, the ex ante
(expected) economic rent for an oil project can be
imagined as a probability weighted average of the two
price cases. It is also possible that the higher price is
entirely unexpected.
It is not easy in these single-year graphs to show
the time-allocation problem and the effect of a tax
measure on lifetime revenues of the company and
government. For example, some of the government
revenue from a price rise may consist of revenue that
would have been received anyway but is obtained

A. Rent: Pre-tax, Low Price
P (Price, Unit Cost)

MC*
MPC1
APC1
Demand

P

Output
Q*

B. Rent: Pre-tax, High Price
Price

MC*
MPC1

P

Demand

APC1

MC* curve up (the user cost, based on the expected
profit from future production, rises). In most circumstances, then, output in the current year will rise as the
price rises, but not by as much as Part B suggests. Of
course, introduction of a tax will also affect producers’
expectations about future profits, and therefore shift
the MC* curve. As mentioned above, new MC curves,
showing production costs, user costs, and taxes,
have not been shown in the figures but would intersect the price line vertically above the output levels
(Q) chosen.
Complexities are rampant, but it is hoped that
the verbal and graphical discussions that follow will
convey the key information. Five financial schemes
will be discussed, each separately, although the
Alberta government has actually used them concurrently. The first four have been provincial regulations:
(i) competitive bonus bid; (ii) land rental; (iii) slidingscale ad valorem royalty based on production; and
(iv) sliding-scale ad valorem royalty based on price.
The fifth is the corporate income tax, which has functioned, with only minor qualification, as the province’s
share of a federal tax, so will be discussed in detail
when Ottawa’s tax schemes are evaluated (in Section
3). Moreover, the government of Alberta has not
applied such a tax as a part of its Crown land mineral
leasing policy but assesses it on all petroleum companies in the province, just as on all other private corporations. By and large, the corporate income tax has not
aimed specifically at resource rents but at corporate
profits generally.
a. Competitive Bonus Bid

Output
Q*
Figure 11.1

Petroleum Rent

now rather than later because the price rise induces
the company to shift output toward the present. (A
real price rise can also be expected to increase ultimate recovery, as more oil can be recovered profitably
from high-cost pools.) Figure 11.1 Part B suggests that
a price rise will generate more output in the current
period; it has been drawn with the same MC* curve
as Part A. In fact, a rise in the current price will often
increase expected future prices and therefore shift the

The competitive bonus bid (the shaded areas in Figure
11.2) is the only financial payment that is clearly ex
ante. In this figure, the curve labelled ATC includes
the average cost of the bonus bid. Since it is a fixed
sum, the average bonus bid per unit of output (the difference between the ATC and APC1 curves) becomes
smaller and smaller as output rises. Also, since it is a
sunk cost, it does not affect the marginal cost curves,
or the output level (Q*). The size of the bonus (the
shaded area) is the same in Parts A and B since it is a
sum that was paid in the past. In Part A, it is assumed
that at a low price for oil, economic rents are insufficient to recover the past bonus bid, so at the optimal
output level the average total cost is higher than price,
but the average production cost (apart from the bonus
bid) is lower than price.
Petroleum rights are issued to the company that
offers the highest dollar bid, and that sum is paid
whether or not the land is subsequently drilled, and, if
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A. Bonus Bid: Low Price
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ATC
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B. Bonus Bid: High Price
P (Price)
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Demand

P

ATC
APC1

Output
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Figure 11.2

Bonus Bid

drilled, whether dry or with a small or large discovery.
It is a ‘voluntary’ payment (whose magnitude is determined by the company bidding) and will never exceed
ex ante (anticipated) rent. Being ex ante, it is a sunk
cost when any production occurs, so should not affect
the rate of production. In a very competitive bidding
situation, companies will be willing to bid close to
their estimated ex ante rents; therefore, such a scheme
will leave the company some of the ex post rent from
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unusually (unexpectedly) low-cost fields and take
more than the ex post rent of dry wells and high-cost
pools. In other words, the fact that some pools turn
out to be very productive and profitable is not, by
itself, sufficient reason to suppose that a scheme of
competitive bonus bids is inefficient. Finally, because
of its ex ante nature, a competitive bonus bid will not
give the government a share of rent changes due to
‘unexpected’ events. (‘Unexpected’ in this context
means both those outcomes that were not foreseen at
all, and cases in which the actual result differs from
the average expected result.) So long as companies
engage in active competition in bonus bidding, and
the average result that actually occurs corresponds
closely to the expected average result, a competitive
bonus bid is an attractive way for the landowner to
capture ex ante rents.
Obviously risk falls upon the company making
the winning bid. This may lead to regret and second
thoughts on the part of the landowner selling mineral
rights, if ex post rents turn out to be unexpectedly
large. (Comparing Parts A and B, none of the extra
rent due to an unexpected price rise goes to the government, and if prices remain low, the company may
generate a loss on this reservoir.) On the other hand,
a landowner in virgin territory with a high probability of no oil may prefer a positive bonus bid to the
absence of royalty revenue in the event of a dry hole.
Bonus bids may fall short of the government’s
assessment of the value of the mineral rights. This
may happen if the bidding process were oligopsonistic (with few bidders), or if bidders collude, or if the
government is more optimistic about the property
than companies are. However, it would also occur if
companies are more risk-averse than the government
or if company discount rates exceed the government’s
‘social rate of discount.’ In this event, the government
might prefer to rely less on bonus bids and more on
payments that accrue as oil revenues are earned. The
timing of land sales is also critical since any excess of
the government’s valuation over the private sector’s
will increase with rises in the time between the land
sale date and the expected start of oil production.
There may be an offsetting phenomenon, which
generates bonus bid revenue to the government in
excess of ex ante rents. This is known as the ‘Winner’s
Curse,’ and refers to the tendency for winning bids to
go to the bidder that is most optimistically inaccurate
in assessing the value of the property. (Kahneman
et al.,1991, and Kagel and Levin, 2002, provide overviews.) It is not clear how important the Winner’s
Curse is in petroleum rights bidding by oil companies.

Recommended bidding strategies are designed to
make some allowance for it, and studies of bidding for
mineral rights in the United States suggest that bids
approximate ex ante land values. (See, for example,
Gilley et al., 1986, and Mead, 1984, 1994). We provide
some evidence on the Alberta experience below.

A. Land Rental: Low Price
P (Price, Unit Cost)

b. Land Rental

A rental payment is an annual charge for each acre
held. As shown in Figure 11.3, it has the effect of
raising the operator’s costs. It has been assumed that
higher output does not involve greater acreage, so
no incremental land rental is incurred by producing
more. The rental payment is therefore a marginal cost
associated with the decision to produce the first unit
of output and raises the average cost curve throughout. The high marginal production cost for the first
unit of output is not shown. As with the bonus bid,
the unit rental becomes smaller and smaller as more
is produced, so the APC2 curve approaches the APC1
curve. A land rental does have an effect upon the
production decision since it will induce the operator
to abandon land more quickly thereby saving the
rental cost. This is illustrated in Part A, in which the
producer in the low-price case is shown to cease production. (That is, actual production (Q) is zero, since
price is less than average production cost at the output
level where price equals marginal cost.) There would
also be an output effect through the marginal user cost
component, with earlier production seeming more
attractive since it saves later rental payments. This is
not shown in the figure. Obviously a rental payment
high enough to approximate ex post rent on the most
profitable outcomes would dissuade all other ventures.
It would also induce early abandonment of a profitable
venture, as production decline occurs. Finally, it would
reduce the anticipated (ex ante) rent on ventures and
discourage exploratory, and some development, effort.
Since payments cease when mineral rights are abandoned, some of the industry’s risk is shared with the
government. Overall fixed rental payments are not
suitable as the major rent-collection measure.
There are two main reasons that land rentals might
be used. First, they generate revenue for the government from acreage that is non-productive, and hence
capture some of the ex ante rent when actual (ex post)
rent is zero. The second reason does not relate to the
capture of economic rent. The use of land for petroleum purposes may involve giving up the value from
some other land use (e.g., forestry or wilderness) or
may necessitate expenditures by the government (e.g.,
road construction and maintenance). If such social
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APC1

P
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B. Land Rental: High Price
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APC1
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Figure 11.3 Land Rental

costs exist, the government may assess land rents to
cover them. Rentals may also be imposed to cover the
general administrative costs the government occurs in
regulating the industry.
c. Ad Valorem Royalty, Sliding-scale Based on Output

An ad valorem royalty is a gross royalty based on revenue (i.e., it is some proportion of revenue). In a strict
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sense, the royalty might be based on volume of output,
as has been the case in Alberta, but once output is
sold at the prevailing price, the royalty is equivalent
to percentage of revenue. A sliding-scale royalty has
variable proportions: in this case, a higher royalty rate
is assessed against higher output levels. Therefore, a
higher price and/or a higher production level imply
a higher dollar payment per cubic metre. Because
it raises the cost of output, it encourages lower production and earlier abandonment, and, by affecting
expected profitability, inhibits investment in reserves
additions. A sliding-scale royalty based on production
may induce the operator to spread production more
evenly over the life of the pool, and, perhaps, operate
the pool for a greater number of years, than would a
flat-rate royalty or, even, no royalty (although cumulative output will normally be reduced). This is because
reducing production in the earlier years means a lower
royalty rate. With this royalty, more profitable outcomes tend to be assessed a higher per unit charge: a
higher price raises the royalty and higher output wells
tend to have a lower average operating cost. (A higher
output level will mean that costs that are fixed for the
well are spread over a larger volume so per unit cost
is less.) However, some high-output wells may still
have high costs and therefore not be able to support a
high royalty rate. This could be true of very deep wells,
those in unfavourable geographical locations, those
based upon an enhanced recovery scheme, etc. This
type of royalty will also gather more revenue when
the actual average result involves either more output
or a higher price than the average result expected. (If
average profits are higher because per unit costs are
lower, the royalty does not generate more revenue
since it is based on gross revenues.) Clearly the royalty
involves the government bearing a share of risk. For
another example, dry wells make no payment to government since the tax is entire ex post and based on
production. An ad valorem sliding-scale royalty, then,
cannot collect all the potential economic rent (either
ex ante or ex post) since it reduces oil exploration and
production. At the same time, its flexibility makes it
preferable to rental payments as a measure to collect
economic rent.
Figure 11.4 assumes that as the pool output rate
rises, the average output per well becomes smaller
and smaller (due, for example, to well interference).
A sliding-scale royalty based on the well’s output rate
(as has been the case in Alberta) means that the marginal cost of the royalty becomes smaller as the pool
production rate increases, so the distance between the
marginal cost curve excluding the royalty (MPC1) and
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Figure 11.4 Ad Valorem Sliding-Scale Royalty
(Output)

the marginal cost curve with royalty (MPC2) becomes
smaller as output rises. Since the royalty hinges on the
value of the oil, the unit royalty payment for any given
output rate is somewhat higher in the high-price case
(Part B). Higher costs due to the royalty are shown as
reducing the output rate. Once again, the shaded area
shows the revenue flow to the government.

d. Ad Valorem Royalty, Sliding-scale Based on Price
Figure 11.5 shows a flat-rate ad valorem royalty for
each unit of output, but with a higher rate the higher is
price. Accordingly a price increase raises the per unit
royalty payment both because the same percentage of
price would now mean a higher charge and because
the percentage rate rises. (For instance, a 20% royalty
would generate $2/b at a price of $10/b and $4/b at a
price of $20/b. If, in addition, the royalty rate rose to
30% as the price rose, an extra $2 would be generated
for a total royalty of $6/b at the $20 price.)
A sliding-scale based on price obviously brings in
a larger proportion of the economic rent from production at higher prices than would a flat-rate royalty, but
it also eliminates more production of higher cost oil.
By making such oil less profitable, it also reduces the
ex ante (expected) rent of new exploratory prospects
and so will reduce the total number of mineral rights
purchased, and the level of exploration. It does, however, ensure that if the price of petroleum exceeds the
average expected price (so that ex post rents exceed
ex ante rents) the government derives a significant
share of the unanticipated (‘windfall’) gain. As with
other types of royalties, risk is shared between the
companies and the government, although companies
bear a relatively greater share of the negative market
outcomes than the positive. (For example, if the price
fell by a dollar, the royalty might decline by 20 cents,
whereas if price rose by a dollar, the royalty might
rise by 30 cents. The company bears 80% of the price
decline, but enjoys 70% of the increase.)
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e. Corporate Income Tax

Analysis of the corporate income tax is complicated
by the fact that governments already assess such a tax
on the corporate sector generally, whereas our interest is in a special tax on income to capture economic
rent. As noted earlier, Alberta has not applied such an
income tax on Crown mineral leases (Saskatchewan
has), but it is a frequently recommended option.
Essentially such a tax is some percentage of revenue
less allowable costs: normally all exploratory costs
are deductible on some basis. The general results are
depicted in Figures 11.6. The tax is shown to increase
the firm’s costs, and hence to lower output (from Q*
to Q). It also reduces ex ante rent, thereby serving as
a disincentive to exploration. The increase in costs is
not an inevitable part of a tax on net income but commonly occurs for two separate reasons. Firstly, capital
expenditures can normally be deducted from revenue
as a cost but must usually be amortized over a period
of years so that the present value of the capital cost

Demand

Output
Q

Q*

Figure 11.5 Ad Valorem Sliding-Scale Royalty (Price)

deduction for tax purposes is less than the expenditure
itself; hence the tax falls upon a part of capital costs,
the effect being greater the greater the proportion of
costs that must be expensed over time. Secondly, an
income tax usually makes incomplete allowance for
normal profits as a cost; that is, the required return on
equity capital is not treated as a cost. Hence this part
of cost is taxed, the effect being greater the greater
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Corporate Income Tax

earlier abandonment. Unless the tax rate is very high,
however, such effects will probably be minimal except
for the projects at the very margin of acceptability.
There is also the problem that income taxes have
usually been applied on a corporate basis, whereas the
problem at hand relates to profits on specific projects.
This raises the additional difficulty of assuring that
the tax regulations allow for recovery of all necessary
costs, including dry-hole exploratory expenditures.
(As was discussed in Chapter Seven, Alberta did
introduce a profit tax on oil sands projects. Since the
resource base is well mapped out, such projects do
not have an exploration cost component; therefore, it
is not difficult to ‘ring-fence’ each project and define
the relevant costs for purposes of the tax.) It may also
be politically difficult for the government if expenditures exceed revenues for many years, so the producer
appears to be paying zero tax (since tax payments will
be forthcoming only in the future when revenues rise
above costs).
A variant on the income tax has been suggested
for mineral resources, in the form of a ‘net royalty’ or
“resource rent royalty,” which would amount to some
percentage of each year’s net cash flow; the government could actually make payments to a company in
years in which expenditures exceed revenue, but it
is more common to suggest that negative cash flows
be carried forward along with an appropriate rate of
return. (For an example of this tax, see Garnaut and
Clunies-Ross, 1977.) Watkins and Bradley (1987) note
that there are difficulties in establishing such a tax,
particularly on a project-by-project basis where determination of an appropriate level of cost for pre-project
expenses is difficult and necessarily somewhat arbitrary. Also, it is not clear that all investors, or all types
of projects, will have the same risk-adjusted measured rate of return (‘hurdle rate’) to apply to losses
carried forward.
f. Conclusion

the proportion of activities financed by equity capital
and the higher the necessary risk premium for such
capital. Usually interest payments on debt capital are
deductible as an expense so the corporate income
tax does not fall on this cost of financing. An income
tax, then, unless very carefully drawn up, does have
a disincentive effect upon investment (ex ante rent
expected by the company is reduced and may become
negative) and may induce output reductions and
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The theoretical discussion seems to point to the
attractiveness of competitive bonus bids (so long as
the bidding process is effectively competitive); companies should be willing to bid close to the full ex ante
economic rent, but such payments would have no
effect upon the industry’s activities. Other payment
schemes tend to induce earlier abandonment of pools
and discourage exploration, though such disincentives
are less for payments closely tied to the profitability
of the venture. Competitive bonus bids do have disadvantages, however. Bonus bids, since they are based
upon expected (ex ante) profits, are not responsive at

all to events that generate actual (ex post) profits on
the average project above the expected level; in theory,
this works in both negative and positive directions,
but it is the latter, as typified by the OPEC prices rises,
starting in the 1970s, that attracts most interest. Hence
governments may wish to supplement the competitive bonus bid with measures that are responsive to
changing circumstances, although such rent-collection
devices will, of course, reduce the size of bonus bids.
The inevitable disincentive effect of such measures
must be recognized as well, unless the measure applies
only to outcomes the industry discounts entirely. It is
apparent that the key issue here is risk. Since the government bears none of the outcome-risk with a bonus
bid, the probability of after-the-fact regret is significant. Behavioural economic research suggests that the
regret at ‘losing’ the high value from very profitable
projects is likely to be much more keenly felt than the
gratification from receiving bonus bids on ventures
(e.g., dry holes) that turn out to be unprofitable.
Risk is significant in another sense. Private industry is commonly supposed to exhibit risk-aversion;
this is often posited for smaller companies and for
larger companies on very expensive projects. It has
been suggested that risk-aversion may have less
influence than commonly supposed, given the possibilities for risk-spreading in financial markets, the
risk-sharing characteristics of the income tax laws
and the risk-pooling possibilities in the petroleum
industry (see Stiglitz, 1975). Theoretical discussion of
the impact of risk and risk preferences on financial
terms of mineral lease contracts can be found in Hyde
(1978) and Leland (1978). Risk-aversion reduces the
size of bonus bids that companies offer and may also
lessen the competitiveness of the bidding process.
Moreover, it may accentuate the effect of any imperfections in capital markets. Detailed evaluation of
these arguments is not possible here, but they can be
easily summarized. Risk-aversion implies that companies will calculate a maximum bid that is smaller
than the present value of the expected economic rent;
unless the government is equally or more risk-averse,
it is smaller than the value of the property as viewed
by the government (given identical expectations about
the property). Moreover, if smaller companies are
more risk-averse, or if capital markets demand higher
returns from them due to risk, then the bidding procedure, and certainly winning bids, will be dominated
by a smaller number of generally larger companies.
Hence, the government may be reluctant to
rely solely upon competitive bonus bids for its revenue, and may supplement them with a variety of

other rent-collection measures. (Cairns, 1985, similarly argues for use of a variety of rent-collection
measures.)
Thus far, we have been concerned with those
clauses in the Crown land mineral rights agreements
that generate revenue for the provincial government.
Brief comment should be made on financial subsidies, which are intended in large part to offset the
disincentive effects on exploration of the various tax
measures just discussed. (The disincentives are even
greater when allowance is made for various federal tax
levies on the industry.) Included in such provincial
subsidies are geological and geophysical incentive
plans or exploratory drilling incentive plans that allow
some part of these costs to earn cash rebates or to be
credited against royalties, rentals, and bonuses owing.
Royalty reductions or holidays on successful exploratory wells in new plays or new fields are another
common incentive. Also common have been rules
that give the government the power to reduce royalties
by administrative order, if it is judged desirable (e.g.,
if abandonment of the well might otherwise occur).
As suggested, such measures are best viewed, in the
context of mineral rights policy, as a method of offsetting the disincentive effects of non-neutral financial
terms. In this light, the efficiency of the subsidy can
be measured by two criteria: (1) the extent to which
the desired activity is encouraged, and (2) the extent
to which loss of government revenue from ventures
that would have taken place without the subsidy
is minimal.

3. Non-Financial Conditions Attached to
Mineral Rights Issue
a. Acreage

From an economic point of view, it is desirable that
the area of the mineral right correspond to the economically efficient size of operation; thus the purchaser of the right can undertake activities at the
lowest per unit cost and not waste economic rent in
unnecessary expenses. Areas larger than this could
be granted, but that runs some risk of reducing the
number of firms in the industry and therefore the
amount of competition.
But what is the efficient size of a mineral rights
issue? For productive acreage, given the various unitization and conservation schemes in existence, an
area small enough to support a typical well or production platform in a wide-spacing pattern would be
sufficient. This would probably be smaller in onshore
oil pools than offshore; in Alberta, it might be as small
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as 1,280 acres (2 sections), although this is, in part, a
function of reservoir production characteristics.
It is rare, however, that a parcel of land is sold as
a productive entity; generally there is a significant
chance of a dry well. For exploratory ventures, the
prime output is knowledge, and exploratory knowledge normally has implications for more than the
immediate location. For how large an area? This
is in large part a function of how extensively that
region has been explored up until the moment; the
greater past exploratory effort the smaller can be
efficient-sized mineral leases.
Major problems arise in relatively unexplored
areas, however. Knowledge from a single well may
have value over a wide area. Unless the company has
mineral rights over the entire area, a ‘free-rider’ problem arises: the company will underexplore, and undervalue the mineral right since it is unable to capture the
full benefit of the information itself. It would rather
wait and let someone else generate the information.
This free-rider problem can be somewhat mitigated
if the company is allowed to keep private any information gained, but that conveys a type of monopoly
power to the company and is likely to induce others
to duplicate its efforts, which is wasteful of society’s
scarce resources.
This seems to argue for the issuance of large
areas in mineral rights, if very little exploration has
been undertaken. Against this must be balanced
two counterarguments of particular weight if the
government relies upon competitive bonus bidding
as a method of rent collection. (1) The competitive
implications are unattractive since there is potential
for a very high degree of concentration of resulting
reserves. Furthermore, if bonus bidding is used to capture economic rent, the larger the area the higher the
bid desired, but the more difficult this front-end load
makes it for smaller companies. (2) In the presence of
risk-aversion, unexplored areas have greater risk and
therefore a more severe negative effect upon bonus
bids. Since all areas will, at one point, be unexplored, a
large proportion of productive leases will have initially
been generated by large-area mineral rights issues on
which bonus bids would be low due to risk-aversion.
Also, the risk-sharing characteristics of bonus bids
mean that the government exposes itself to considerable after-the-fact regret.
For these reasons, governments may wish to use
quite different mechanisms for acreage in well-explored and unexplored regions. In the former, smallarea leases can be issued, although there is a potential
open access problem in exploitation if leases cross
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pool boundaries. (This is the rule of capture problem
discussed in Chapter Ten.) For virgin territory, two
approaches are commonly suggested. One is for the
government to undertake an exploratory well-drilling
program itself, thereby generating knowledge about
the broad geological details and reducing the risk for
operators; since subsequent wells will tend to convey
information that is site-specific, issues of mineral
rights to relatively small areas will be efficient. Of
course, the government is bearing all the risk at this
stage, and critics of government involvement would
point to the danger that excessive drilling and other
inefficiencies would generate high costs. However, a
careful government drilling program would reduce
risk for others and save companies the costs of such
general knowledge gathering, therefore enabling them
to select well sites more carefully. For both reasons,
the competitive bonus bids on mineral rights issued
should be higher than they would otherwise be, unless
the government drilling program demonstrates that
prospects over the entire area are much worse than
was previously expected.
The second approach is for the government to
issue a mineral right that is for exploration only, but
allows selective, but not complete, conversion to a
production lease; part of the land must be returned to
the government for subsequent resale. The company
stands to derive a major benefit from knowledge it
gains in exploration, but the government retains a
share of mineral rights for resale when general geologic risk is reduced. In this case, the competitive bid
for exploration rights should be larger than if the company had access to only a small area, insufficient to
realize all the economies of exploration. At the same
time, the government has reduced the magnitude of
the revenue losses to itself due to a lack of competition
or the presence of risk-aversion.
As this discussion makes clear, the optimal area to
be covered in a single issue of Crown mineral rights is
not obvious.
b. Work Commitments

Often mineral rights include a provision that, unless
a certain amount of exploratory expenditure occurs,
the right must be returned (‘relinquished’) to the
Crown. Such measures are often justified on the
grounds that the more exploration the better: after all,
isn’t knowledge always valuable, and aren’t we better
off the more oil we have? From an economic point of
view, the answer to both questions is “Yes,” so long
as the knowledge and oil are costless. Otherwise, the
cost must be balanced against the benefit. From the

viewpoint of a land owner attempting to maximize
his revenue, work commitments are questionable, if
the oil market, including the process of issuing rights,
is effectively competitive. In this case, work commitments are unnecessary since the company, in attempting to maximize its own profits, would be willing to
undertake some level of exploration expenditure in
any event. If required work commitments exceed this
expenditure, the prime effect is to reduce the amount
of economic rent the company expects and therefore
the size of the bonus bids. If the required work commitment is less than the company plans on spending,
the requirements have no effect. (Occasionally the
expenditure under the work commitment is made
deductible from the rental and bonus owing; the main
effect of such a scheme is to increase the size of the
maximum bonus a company is willing to pay. Suppose
a company places the net value on a piece of land at $1
million. If an exploratory well will cost $500,000 and
the bonus paid can now be reduced by that amount,
how much will the company be willing to bid before
claiming the credit? The answer is $1.5 million!)
The main theoretical rationales for work commitments relate to imperfect competition, imperfect
knowledge, and industry risk. Work commitments
obviously increase the cost of holding land and therefore inhibit larger companies from moving to monopolize petroleum land by acquiring large acreages
and holding them idle. Even in a competitive industry,
work commitments will inhibit the tendency of firms
to acquire land early, long before they might wish to
drill on it; in the presence of risk-aversion, such early
acquisition is liable to reduce the present value of
economic rent gained by the government. (Since more
information is available later, risk is less.) In light of
these considerations, provision for moderate work
requirements may be judged advantageous, although
the dangers of excessive drilling and attendant rent
loss must be borne in mind. In addition, one of the
main purposes of exploration is to generate the knowledge that reduces uncertainty about underground
geology and the location of oil and gas plays. Work
commitments help to bring new knowledge to light
sooner, and, to the extent that the knowledge becomes
generally available, allow industry and government to
reap the benefits.
c. Duration

In an effectively competitive industry, without riskaversion, mineral rights issues could be issued for
perpetuity. Since firms could not hold oil deposits
off the market for monopoly gain, they would time

their activity to maximize their profits; with the lease
operated to generate maximum economic rent, competition should generate a maximum competitive
bonus bid. On productive mineral acreage, leases
of indefinite term (i.e., until production ceases) are
necessary if the operator is to schedule output in the
early years consistent with the maximum lifetime
net present value of the deposit. Leases of limited
term (like an expectation of nationalization) tend to
encourage excessive and wasteful current production.
Hence leases should be renewable so long as production is likely.
However, on non-productive mineral right holdings, the government might desire to impose a time
limit for the reasons discussed in the previous paragraph – it reduces the likelihood of monopolization of
mineral rights and helps avoid low competitive bids by
risk-averse firms attempting to acquire mineral rights
long before they wish to drill. At the same time, those
companies that do acquire rights early may now drill
earlier, even if the economic rent is reduced by doing
so. (For example, it might be economically desirable to
await the geological information from a well the same
firm is drilling on a site three miles away, but with the
time limit on leases the firm may not be able to wait.)
Remember that drilling is a cost to society and the less
we can get away with, for any given amount of oil, the
better off we are.
d. Timing of Sales

How quickly should the government issue its mineral
rights? Once again, in an externality-free world of
perfect competition, risk neutrality, and perfect capital
markets, this issue would be irrelevant. The government could issue all the rights by competitive bonus
bid on ‘Day One,’ and each parcel would sell for an
amount equal to the present value of the maximum
economic rent expected from the land. Companies
would wait to explore and produce from the land until
the expected profit was at a maximum.
In the real world, however, the imperfections discussed above suggest that the government spread out
sales over time. Imperfections in capital markets and
risk-aversion mean that it is desirable not to place too
heavy a financial commitment for bonus bids on the
industry at one time. The desire to encourage more
small companies (for more competition) argues the
same way. The effect of risk-aversion on bonus bids
and the willingness of the government to bear some
of the general geological risk by awaiting information suggest the advantage of delaying sale of much
of the land in a region until some exploratory results
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are in. It was noted above that the government might
have strong reasons for including work commitment
provisions and limited terms in the lease provisions
but that such clauses run the danger of encouraging
excessively high-cost exploration (i.e., overdrilling):
this danger can be mitigated by spreading the sale of
mineral rights over time. Finally, if mineral right sales
are spread over time, the ‘open access’ problems of the
exploration process may be reduced.
e. Open Access and Petroleum Exploration

Discussion of ‘open access’ arose in the previous sections. At risk of repetition, some elaboration of this
concept is desirable. The term ‘open access’ is used
to describe the often undesirable situation in which
property rights to an asset are initially unowned but
can be captured by the first party to claim them. If
capturing and holding the asset (e.g., mineral production rights on a piece of land) were costless, then companies would be motivated to snap up the property
right as quickly as possible, so long as any possibility
of profit exists. The asset would then be withdrawn
from production until the date at which it generated
maximum profit. If holding the asset does involve
costs, then companies will be inclined to try to capture
the land so long as the expected cost is less than the
expected profit. Suppose that the real resource cost
is higher the longer the asset is held or that the probability of obtaining the asset is greater the more that
is spent: then there is a powerful incentive for parties
to spend all the expected profit in order to obtain the
legal right to the asset. Open access in this case means
that all the expected profit is dissipated in higher
costs; there will seem to be no economic rent!
With perfect competition, no risk aversion, etc.,
the government could issue the rights through competitive bonus bids and capture all the rent, but in the
real world the government has valid reasons for preferring to spread sales over time. Open access explains
why companies would be eager to take any land that is
offered, as soon as it is offered, so long as the expectation of any profit exists. Therefore open access also
helps explain why a policy of spreading mineral rights
issues over time is desirable. It may also help explain
why the government reserves the right to refuse the
sale of mineral rights if the highest bid is felt to be too
low. If rights are costless, companies wish to own the
mineral right simply to prevent a competitor from
gaining it, even if there is an extremely low expectation of the land actually containing oil. In the absence
of a floor price – reservation price – by the government, companies would submit very low bids on just
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about any parcel, even if they had not analyzed it to
estimate its expected economic rent. Especially early
in the life of the industry in a region, before any major
discoveries, it is likely that all land would have low
expected values, and open access would induce firms
to acquire mineral rights over the entire area with very
low bids.
The problem of open access within a single reservoir was discussed in the previous chapter. To what
extent is undiscovered oil also ‘fugacious’? If no one
knows where it is for sure, until drilling takes place,
the deposits might be labelled fugitive, and, as argued
above, companies will acquire mineral rights as soon
as possible. However, so long as the government issues
such mineral rights by competitive bonus bidding,
the company should be willing to bid away all anticipated economic rent. So long as the mineral right
gives exclusive rights to any oil beneath the surface (as
ensured, for example, by prorationing or unitization
regulations), there should be no overbearing incentive
to dissipate possible rents in excessive exploration.
(Presumably some incentive exists to overspend at
the pre-acquisition stage.) The only exception to this
would be where firms are completely unable to distinguish the relative attractiveness of potential drilling
sites prior to exploratory drilling. But then all acreage
would command the same per acre bonus bid, which
clearly is not true. However, if the rights have clauses
limiting the term of the rights or work commitments,
then wasteful exploration (too much drilling, too
early) may occur, and a schedule of phased-in leasing would be desirable. Finally, in a world with lessthan-perfect competition, risk-aversion, and great
geological, engineering, economic and political uncertainty, the government would likely be able to generate
more economic rent by spreading the issuance of
mineral rights judiciously over time, rather than issuing them as soon as any interested companies express
an interest.

C. Conclusions
The government of Alberta has responsibility to establish regulations over the entire petroleum industry to
ensure maximum benefit to the province. It happens
that a large majority of the prospective petroleumbearing land has provincially owned (Crown) mineral
rights. It is commonly suggested that as the landowner
the provincial government might be viewed as trying
to maximize the present value of payments it receives
from these mineral rights. However, for a number of

reasons set out above – the importance of maintaining
incentives for efficient operation, the existence of
uncertainty, and the inevitable inefficiencies in various
rent-collection instruments – we would argue that
this is an unattainable ideal. Watkins (1987b, p. 328;
2002a), for instance, suggests that the government
should aim at “obtaining a preponderance of, rather
than all, the apparent and uncertain long-run economic rent,” perhaps “two thirds to three quarters.”
In Alberta, since the provincial government adopted
explicit objectives for various departments and agencies in the 1990s, the aim has been to obtain a certain
percentage of the petroleum industry’s “net operating
revenues,” defined as industry sales revenues less
operating costs, administration expenses, and taxes.
The Annual Report of the Department of Energy sets
the target at 20 to 25 per cent, a target that was largely
met by the province until the international oil price
rises in the mid-2000s. No indication is offered of the
percentage this would yield of economic rent, but it is
apparent why the province would adopt the standard
it does. Net operating revenue can be clearly defined
each year, whereas economic rent is based on lifetime profits and can only be known with certainty at
the end of a project’s life. Therefore, the government
desires to establish a method of issuing mineral rights
on Crown land to private companies which (1) pays a
high proportion of profits to the government, (2) does
not unduly deter exploration and development, and
(3) does not induce premature abandonment of pools
or excessively costly exploration, development, and
production techniques. Governments also have an
interest in maintaining relatively steady and predictable revenue streams. This makes planning and financing of expenditures easier and minimizes self-control
problems that might encourage the government to
increase spending unduly in years with unusually high
revenues. However, stability in resource revenue may
be very difficult to attain. Government revenue is, of
course, only partly a function of the rent-collection
instruments utilized; variation in the levels of production of oil and gas and, especially, sale prices will
also affect revenue, and these are not under government control. Governments may, then, try to increase
predictability and stability in two ways. The first is to
ensure that at least some of the rent-collection measures are ones that provide relative revenue stability.
For example, since the volume of land held has often
been more stable than prices, land rentals provide a
more predictable revenue flow. However, as was noted
above, since rentals are not directly tied to profitability, they are not very efficient as a way to capture rent.

The alternate approach is to accept that government
resource revenues will be unstable, because the flow of
economic rent is unstable, and to attack the problem
of predictability at the opposite end, the utilization of
resource revenues. This involves revenue stabilization
funds, which build up in years of higher government
revenues and are run down in years of lower revenue.
Chapter Thirteen briefly reviews Alberta’s experience
with such funds.
Simple economic analysis suggests that competitive bonus bids have much to recommend them, so
long as the bidding process is open and competitive,
since such schemes should not affect marginal exploration or production activities. However, this requires
payment before a venture commences; such a heavy
front-end load may discourage smaller companies,
especially if ready access to financial capital is difficult
for them. In addition, almost all the risk is borne by
the private companies rather than the government. If
companies are risk-averse, this will reduce the size of
bonus bids they are willing to make. Moreover, with
a scheme of competitive bonus bids, the government
will not benefit from unusually or unexpectedly beneficial conditions affecting the industry as a whole.
Hence, there are strong reasons for the government to supplement the ex ante financial process of
competitive bonus bidding with a flexible ex post tax
scheme, such as sliding-scale royalties or an income
(profits) tax.
Given the weaknesses of the competitive bonus
bidding procedure, governments have reason to
consider the imposition of other-than-financial obligations to the mineral rights issues including work
commitments, clauses for partial relinquishment of
the area to the government, and limits on the duration
of the lease. Also, careful attention must be given to
the timing of issue of mineral leases, with staggered
sales conferring likely benefits to the government.
Partly this is because it allows more time to determine
the really valuable plots of land, as successful exploration occurs, and partly it helps in attaining greater
stability in revenue flows, by spreading bonus bids and
other payments over more years. It is difficult to say
with any degree of authority exactly what these lease
provisions should be. While a considerable literature
discusses characteristics of an optimal taxation regime
for capturing the economic rent from petroleum,
we are unaware of any convincing research setting
out the optimal pattern of non-financial lease terms.
Crommelin (1975) and Crommelin et al. (1976) discuss the problem for Alberta, noting its importance,
but the complexities of possible provisions and the

Economic Rent and Fiscal Regimes 305

complications of the common access dimension make
definite conclusions difficult.

3. Alberta Government Policy
A. Introduction
The intent of this section is to review the main details
of the Alberta government policy on Crown mineral
rights. Ballem (1973) provides a discussion of oil and
natural gas leases in the Canadian context, for freehold leases. And Thompson (1965) contrasts petroleum land policies in Canada and the United States.
We draw on the Annual Reports of the government
departments responsible for mineral rights and on
Crommelin (1975), Somerville (1977), and the 2002
review from the Department of Energy. Breen (1993),
chap. 1, provides a more detailed review of the federal
regulations in the years up to 1930. He notes that they
included most of the main features that appeared in
subsequent provincial regulations. The actual regulations have been multifarious and subject to periodic
change; to summarize, all these details would be both
tedious and irrelevant. Rather, the major characteristics of the regulations and the most important changes
will be noted. We will follow this review of the regulations with some general evaluative comments based
on the theoretical discussion above, supplemented,
where possible, by relevant statistics. Finally, several
case studies of the effectiveness of rent-collection in
Alberta will be reviewed.

B. Alberta Regulations

1. Pre-1930
Until the BNA Act of 1930 (British North America
Act, 1930, 20-21 Geo. V, c. 26 (U.K.)), Crown land
rights in the prairies were held by the federal government. Ottawa had transferred some of the mineral rights in Alberta to private hands through three
main mechanisms.
(i)

When Canada acquired the lands of the
Northwest Territories from the Hudson’s Bay
Company in 1869, the HBC was given title to
5 per cent of the land in the south-central belt
of the prairie provinces – a total of 2.4 million
acres in Alberta.
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(ii) Ottawa’s support for the C.P.R. in building the
transcontinental railway included land grants
with attached mineral rights. Other smaller
land grants to railways were made, for a total
of 13 million acres.
(iii) Initial grants of land to homesteaders, under
the Dominion Lands Act of 1872, included the
mineral rights; only with Privy Council Order
No. 1070 of October 31, 1887, were mineral
rights beneath such land reserved for the
Crown. Hence, mineral rights are in private
hands on land that was homesteaded before
1887. Such areas are relatively small in Alberta
(larger in Saskatchewan and still larger in
Manitoba, given the earlier date of settlement
as one moves to the east).
The mineral rights held in private hands make up a
relatively small part of Alberta’s sedimentary basin
and are concentrated in the south and central parts.
Here oil producers have been able to lease privately
owned mineral rights, as well as Crown. Often the
financial terms on privately issued leases were more
favourable to companies than on Crown leases: private
landowners could not arrange the same open competitive bidding process as the Crown and lacked the
various tools of the Crown to encourage renegotiation
of leases in the face of changing market conditions
such as those after 1973.
The presence of adjacent Crown and private mineral leases explains the inclusion of “offset drilling”
provisions in Crown leases, as is common in freehold
leases: if a productive well on a neighbouring lease is
productive, this provision allows the Crown to order
the leaseholder to drill a well to prevent drainage from
under the Crown land, with a resultant loss of royalty
revenue to the government.
Effective in 1931, most of the Crown acreage
was transferred to the province: this included both
unleased mineral rights and the outstanding mineral
leases issued by Ottawa prior to the transfer. Holdings
of mineral rights were as follows (in thousands of
acres) (Alberta. Department of Mines and Minerals,
1972, p. 1):
Federal:

Dominion parks
Indian reserves

Provincial government
Freehold:

Railways
H.B.C.
Other

13,434
1,328

(8.2%)
(0.8%)

132,620

(81.2%)

13,032
2,404
564

(8.0%)
(1.5%)
(0.3%)

The first explicit federal regulations allowing issuance
of petroleum rights on Crown land were promulgated
in 1890s; through 1930, a number of further regulations were introduced (Klassen, 1999, pp. 183–85).
Initially petroleum rights could be obtained on application, for relatively small areas, subject to a $1/acre
rental and a 2½ per cent gross royalty, both on successful ventures. Various modifications subsequent
to 1898 foreshadowed elements that were common
in later regulations. Rental fees were made payable
whether or not discovery occurred (1910); on areas in
forest reserves, one half the area taken in lease was set
aside as Crown Reserve for possible subsequent sale
by competitive bid (1920/21); royalties were charged
in various ways – for example, a royalty holiday was
utilized (1910/1919 leases, good on oil until 1930) and
royalties were left to the discretion of the Governorin-Council subject to a range with a minimum of 2½
per cent in the first five years of production, 5 per cent
in the next five years, and 10 per cent after (1920).
Generally, the maximum size of an individual lease
was 1,920 acres, and leases were obtained by simple
application. There were annual work commitments
but leases could be consolidated by a company in
this regard. Leases had a life of twenty-one years and
were renewable for another twenty-one. In the second
through fifth years, expenditures on unsuccessful
leases could be used as a credit against the lease
rental.

2. 1930–47
On October 31, 1930, a total of 18,868 leases covering
2,460,962 acres were transferred to the province (an
average size per lease of 130 acres), generally with
provision for a 5 per cent royalty. In the first full fiscal
year of provincial operation (April 1, 1931 to March
31, 1932), the provincial government received $10,883
in royalties and $87,456 in lease rentals. Alberta’s first
provincial regulations governing issuance of Crown
oil and gas rights appeared as O.C. 669-31 in June 1931
(under the provisions of the Provincial Lands Act) and
allowed the lieutenant governor-in-council to establish royalty rates and set up leasing regulations similar
to those for Dominion (federal) leases. We shall not
detail the Alberta provisions but will summarize the
major aspects.
a. Royalties

The royalty rates on crude oil were gross ad valorem
royalties (that is, a percentage of the gross sales value)
as follows:

Table 11.1: Alberta Government Revenue
from Petroleum, Fiscal years 1930/31 to 1947/48
(103 dollars)
Royalties
1930a
1931
1932
1933
1934
1935
1936
1937
1938
1939
1940
1941
1942
1943
1944
1945
1946
1947

110.8
106.1
73.2
73.5
61.3
117.5
108.3
273.5
522.8
523.3
523.3
658.9
630.2
550.4
708.2
588.9
610.2
875.2

Rentals

Bonuses

87.5
57.7
42.2
81.5
92.8
116.2
361.0
320.2
409.8
373.4
262.4
213.5
287.8
249.2
606.9
541.0
287.5
733.2

0
0
0
0
11.4
0.8
76.4
11.2
3.4
4.4
3.7
1.0
3.6
7.2
54.1
34.5
0.3
26.4

Sources and Notes:
a 6 months from October 1930 to March 1931.
The highest petroleum revenue source each year is indicated in bold.
Data are from Annual Reports of the Department of Lands and Mines.

January 1931 to December 1934
January 1935 to December 1939
January 1940 to June 1941
June 1941 to May 1951
		
		
		
		

5%
10%
12½%
5 to 15% sliding
scale based on output per well (with an
option to select a
12.5% flat rate)

Table 11.1 shows annual royalties received in fiscal
years ending in 1931 through 1948. The major increase
in revenue following 1936 reflects the share of Crown
land in the Turner Valley (Rundle Formation) oil pool
discovered in that year, as well as some increases in oil
prices over the period.
b. Issuance of Rights

(i) Leases. Initially Alberta followed the federal practice of issuing mainly leases, over relatively small
acreages. As noted, there were 18,868 federal leases
when Alberta took over the Crown reserves. By 1934,
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the number had fallen to 3,888; it increased after the
Turner Valley oil discovery (to a pre-1950 peak of
6,518 in 1939) then fell back to 2,315, covering 843,000
acres at the start of 1948. Generally, the maximum
lease area was 1,920 acres (3 sections); there was a
rental of $1/acre (often 50 cents/acre in the first year,
prior to 1941, which could be reduced by undertaking
expenditures).
Annual Reports of the provincial Department of
Lands and Mines in the 1930s indicate that rentals
foregone as a result of exploration were about equal
to rentals received. Over the entire 1930–47 period
rentals contributed 72 per cent as much revenue to
the province as did royalties. The combination of
generally poor drilling results, work requirements,
and a continuing annual rental kept the turnover
of leases relatively high. The small lease area meant
that small companies and individual investors could
easily acquire leases, but a charge of $1,280/year on
a 2-section lease was a significant investment. Even
for a large company, to hold such a lease for five
years would involve a present value cost of $5,290.00,
which is significant for a small area lease with, in
most circumstances, a relatively small chance of an
oil reservoir. F. K. Beach (1954) reports that, of 567
wells drilled in Alberta to 1946, only 27 or 4.8 per cent
found oil. Suppose that there was, generally, a 5 per
cent change of success, and that twenty leases were
therefore required to yield a likely find: the present
value cost of twenty such leases, if held an average five
years, would be $105,000 – a high cost given the average size of a find expected in Alberta at that time, and
the prices of the 1930s. An average exploratory well in
1946 probably cost about $90,000. Of course, some of
this cost might be credited against lease rentals.
(ii) Exploratory Permits. Under federal regulations,
companies could also obtain ‘prospecting permits’
that allowed conversion to lease; these covered relatively small areas and relatively few were issued.
Commencing in 1936, the province began to introduce more liberal regulations for exploratory permits, which have, since then, been variously called
“permits,” “reservations,” “drilling reservations,” and
“licences,” each with its own peculiar set of conditions.
These covered much larger areas than the leases and
earlier permits and normally provided for partial
conversion to lease, with the remainder returned to
the Crown. They were for a relatively short term (often
less than a year) and had a work requirement. At the
start of fiscal 1936/37, there were fifty-four such mineral right issues covering 240,436 acres (for an average

308 P E T R O P O L I T I C S

of 4,450 acres each); by 1940/41 there were twenty-two
with an acreage of 443,431 (average 20,150) and by
1947/48 there were seventy-two, with an acreage of
7,438,105 (average 103,300). The rental per acre was
much lower than on a lease, 5 cents/acre. By the later
years such exploratory permits were of short duration
and conveyed no right to lift oil; conversion to lease
was necessary for that.
(iii) Crown Reserves. In 1937, regulations were
established setting up areas of “Crown Reserve” – a
separate category of provincial Crown land. Included
were: fourteen large areas of “provincial Reserves”;
in unsurveyed land, an area adjoining to and equal
in size to any lease issued; all land in forest reserves;
all Crown rights in odd number sections of townships north of T52 (i.e., Edmonton), and certain other
smaller acreages. The government could issue leases or
exploratory rights from Crown Reserves, using competitive bonus bids if it wished. The Crown Reserves
ensured a continued strong land interest by the province in areas in which exploration was demonstrated
to be productive.
(iv) Bonus Bids. Bonus bids were used, but not
extensively, in years prior to 1948. Table 11.1 includes
the total of bid revenue for fiscal years beginning in
1930 through 1947: it provided only 2 per cent of total
Alberta government petroleum revenue. With the 1947
Leduc discovery, bonus bid revenue rose considerably.
Breen (1993, pp. 280–81) outlines Alberta’s five-month
experiment with royalty bidding. Some saw this as a
way to encourage participation of smaller companies
(since up-front costs are reduced and exploratory risk
shared with the government). The larger companies
objected, and the Conservation Board pointed out
that higher royalty rates encouraged early abandonment. The government abandoned the approach.
c. Conclusion

Years prior to 1947 yielded few exploratory successes
in Alberta. The provincial government held mineral
rights to over 80 per cent of the area of the province,
but outstanding leases in any year never amounted
to more than 1.3 per cent of this total area, and even
cumulative exploratory permits issued over the period
covered acreage smaller than 18 per cent of the provincial Crown-rights area. (Some such exploratory rights
issues may have overlapped, of course.) At the start
of 1947, leases outstanding amounted to 0.8 per cent
of the area of Crown land and exploratory rights to
5.6 per cent. Economic and technological conditions

meant that most of the drilling that had taken place
was relatively shallow.
At the same time, a mineral rights policy had
evolved, which:
(1) distinguished between large-area exploratory
rights and much smaller acreages that allowed
production as well;
(2) kept a share for the government of unleased
acreage in Crown Reserves adjoint to acreage that was leased, especially in the western,
the central, and the north-central parts of the
province;
(3) exacted an ex post payment (i.e., conditional on
discovery) in the form of royalties;
(4) ensured continuing revenue through land rentals and also discouraged companies from holding areas idle unless they had real expectations
of success; and
(5) opened the door to the use of competitive bonus
bids.
Into this environment exploded the news of the Leduc
discovery by Imperial Oil in early 1947. The find was
large; it was also in a deep and heretofore unexplored
formation. The industry began to move into exploratory high gear, and the province took a long hard look
at its mineral leasing policy.

3. 1948–73
This period covers the years from the discovery of
Leduc through the main Alberta oil plays to the
revolution in oil prices brought about by OPEC, spanning the development of the Alberta oil industry to
maturity. While a number of regulatory changes were
made over the period, there was a relatively consistent
framework for Crown mineral rights. Production
of oil or gas required a lease; while leases could be
consolidated for certain purposes, individual leases
were generally restricted to a maximum size of nine
sections (5,760 acres) and required a rental payment
per acre and an ad valorem royalty on production.
Exploratory rights could be rented and covered larger
areas. They did not convey a right to production but
could be partially converted into leases, with the
above-described rental and royalty provisions. The
land not converted to lease was relinquished back to
the government; these surrender provisions were new
and ensured that the government retained land in the
areas of ongoing exploration. Rights to new leases
(i.e., those not converted from exploratory rights)

were sold by competitive bonus bid. Exploratory
rights were for a relatively short term, while leases
lasted longer, indefinitely if production occurred. The
underlying rationale for these general conditions can
easily be perceived from the theoretical discussion
above. The government offered some incentive for
knowledge-gathering (exploration) and installed a
mechanism to capture a high proportion of anticipated rent. At the same time, through royalties and the
relinquishment provisions in exploration rights, the
government bore a share of risk, including that associated with entirely unexpected developments and with
low-probability events that became reality. What follows covers some of these general provisions in greater
detail. The 1947 Leduc find, and the subsequent surge
in industry interest, brought changes in all parts of
the Alberta provincial mineral rights legislation,
commencing with the introduction of an entirely new
Mines and Minerals Act in 1949. Subsequent changes
in regulations regarding Crown mineral rights were
generally consistent with the spirit of this major piece
of legislation.
a. Royalties

The Mines and Minerals Act of 1949 gave the lieutenant general-in-council the authority to change royalty
rates, subject to the limitation of a maximum rate
of 16⅔ per cent (one-sixth) during the first twentyone-year term of the lease. Effective June 1, 1951 (O.C.
808/51), a new sliding-scale schedule was set up with
rates from 5 per cent up to 16⅔ per cent. This was
realized by a rising marginal royalty rate: the marginal royalty was 5 per cent for the first 600 barrels
per month of a well, rising to 20 per cent for monthly
output between 1,800 and 4,500 barrels from the well.
(Appendix 11.1A shows the detailed royalty schedules
for years from 1951 on.)
The general revision of petroleum regulations
in 1962 involved new royalty rates. The 16⅔ per cent
ceiling rate was maintained; this was the ceiling for
twenty-one-year leases under the 1949 rules and for
the new ten-year leases the government began to
issue in 1962. The new royalties involved only three
marginal rates: a well paid 8 per cent on the first 750
barrels per month, 20 per cent on each of the next
1,950 barrels, and 16⅔ per cent on anything above that.
For all wells, except those producing more than 4,050
barrels per month, the new royalty schedule involved
a higher rate.
The next royalty change on oil was introduced in
1972 (under the Mineral Taxation Act), effective at the
start of 1973 (Government of Alberta, April 1972). It

Economic Rent and Fiscal Regimes 309

was designed to provide the province with a larger
share of the revenue from the price rises that had
begun in 1970. (Under the 1962 schedule, the government obtained an average royalty, in 1970, of 15.1 per
cent, so would get 15.1 cents of each $1 per barrel price
rise on oil from Crown leases.) The new act provided
for: (1) a new, higher, royalty schedule on newly issued
leases or those old leases being extended beyond the
primary term of ten or twenty-one years; (2) the application of this schedule to old leases still in the primary
term which voluntarily submitted to the new schedule;
and (3) a new reserves tax on freehold production and
output from old Crown leases which did not voluntarily adopt the new royalty schedule. Since the government was soon to abrogate unilaterally the royalty
ceiling on outstanding leases, and since the reserves
tax was to be made equivalent in revenue terms to the
new royalty scheme, only the royalty scheme will be
discussed here. The new royalty schedule began with
a marginal rate of 5 per cent, rising to 25 per cent on
any output in excess of 1,200 barrels per month for
the well; the average royalty also began at 5 per cent
and rose asymptotically to 25 per cent. Wells with an
output per month less than 180 barrels paid a lower
marginal royalty under the new regulations; wells with
an output of less than 360 barrels per month paid a
smaller average royalty under the new regulations.
Wells with output in excess of these values paid higher
royalties.
It should be noted that the Alberta royalty regulations also included a provision that allowed an
operator to ask for royalty relief, if the well would
otherwise be abandoned.
Table 11.2 shows the rapid rise in royalty payments
after the 1947 Leduc find.
b. Issuance of Rights

(i) Production Rights. Leases were required for production. The revised regulations of 1949 under the
new Mines and Minerals Act established procedures
for petroleum leases:
(1) they were to be twenty-one-year leases, renewable for a further twenty-one years of while
production lasted;
(2) a lease could be a maximum of nine sections
(5,760 acres) in a regular square or rectangular
(maximum eight sections) pattern with the
length no more than twice the width;
(3) a rental of $1/acre/year was charged;
(4) royalties would be set by order-in-council with a
ceiling of 16 2/3 per cent during the first term;
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(5) the minister could order drilling on a lease and
customarily did after the tenth year if none had
been undertaken.
Leases could be acquired in two ways: by selection
from land to which the company had exploration
rights (e.g., reservations; see below) or by purchase as
a lease from Crown Reserves (see below) by competitive bonus bidding. The regulations gave the government considerable leeway to dispose of mineral rights
“as the Minister sees fit”: virtually all rights since the
late 1940s have been disposed of by competitive bonus
bids, either in leases or in exploration rights convertible to lease. In the early years, some petroleum and
natural gas reservations on unexplored land were
an exception. In 1962, the leasing regulations were
changed, under the new Mines and Minerals Act, to
restrict the initial term to ten years, renewable for a
further term or as long as production continued; the
minister could – but, as a matter of practice, did not –
order drilling after the fifth year.
(ii) Exploration Rights. Exploratory rights under the
1949 act consisted, initially, of petroleum and natural
gas (P&NG) reservations:
(1) a reservation covered a relatively large area
(maximum 100,000 acres);
(2) it had a rental per acre starting at 10 cents/acre
in the first term and rising to about 25 cents/
acre in the third year;
(3) they were for an initial term of four months, but
could be extended for up to two years;
(4) there were drilling requirements (50 per cent of
which could be applied as a credit against the
first year’s rent on any leases taken out);
(5) up to 50 per cent of the area could be taken in
leases but in a checkerboard fashion including
only 50 per cent of any single township, and
subject to the restrictions on lease size noted
above. (The remainder of the land entered
Crown Reserves and could be reissued by the
government in leases or exploration rights.)
Between 1951 and 1962, several new types of exploratory rights were introduced, with characteristics
similar to the P&NG Reservations. Crown Reserve
Drilling Reservations, first issued in 1954, were sold
by competitive bonus bid on land in Crown Reserves
with a rental of 25 cents/acre each six months; they
had a maximum term of three years and were partially
(usually 25 per cent) convertible to leases in the same

Table 11.2: Payments to the Alberta Government, Fiscal years 1947/8 to 2011/12 (106 Dollars)
Part A: 1947/48 to 1971/72
Crude Oil and Natural Gas Royalty

Oil and Natural Gas Rentals

Bonus Bids

Oil Sands Royalty and Rentals

0.7
2.3
5.9
9.4
14.6
17.5
19.7
18.3
20.3
35.3
28.8
28.3
30.3
29.2
30.0
36.9
36.6
44.6
54.5
49.9
51.4
52.7
58.8
56.2
58.4

0.0
8.9
23.5
29.4
25.0
25.9
58.1
42.4
77.1
71.0
60.9
55.7
83.5
45.8
54.0
32.3
54.9
94.4
129.8
114.2
79.1
128.9
77.5
35.3
34.0

0
0
0
0
0
0.1
0.1
0
0.2
0.1
0.5
0.4
0.5
0.7
0.8
0.7
0.6
0.8
0.7
0.9
1.0
2.3
3.1
2.4
3.0

0.9
1.8
3.6
5.2
11.0
13.5
18.6
20.2
28.8
37.3
32.8
25.4
27.3
27.7
39.2
51.0
56.7
62.1
68.6
80.2
94.1
105.1
121.1
143.7
174.6

1947
1948
1949
1950
1951
1952
1953
1954
1955
1956
1957
1958
1959
1960
1961
1962
1963
1964
1965
1966
1967
1968
1969
1970
1971

Part B: 1972/73 to 1984/85
Crude Oil
Royalty
1972
1973
1974
1975
1976
1977
1978*
1979
1980
1981
1982
1983
1984

172.3
302.1
956.4
975.4
1,049.3
1,323.2
1,617.9
(1,775.7)
1,899.9
1,970.1
2,179.8
2,339.8
2,883.1
2,867.6

Natural Gas and
NGL Royalty
70.0
70.0
231.5
519.1
721.7
980.8
1,196.2
(1,300.9)
1,509.9
1,903.0
1,956.3
1,873.4
1,694.1
1,942.4

Oil and Natural
Bonus Bids
Gas Rentals		
51.4
51.4
52.4
52.7
57.8
64.8
69.0
(75.0)
64.3
84.2
91.0
85.4
79.5
83.4**

81.7
81.7
80.9
141.0
207.8
736.1
677.5
(707.5)
1,057.7
758.8
556.9
336.5
487.0
662.1

Freehold
Mineral Tax
69.1
69.1
45.4
54.1
76.3
76.5
96.5
(96.8)
99.9
145.8
134.8
155.9
160.0
185.5

Oil Sands
Royalty

Oil Sands
Rental

3.8
8.2
13.9
15.4
19.1
23.8
27.8
(30.6)
46.2
224.9
299.7
362.3
303.8
185.5

1.5
1.5
2.2
4.5
4.8
5.1
5.2
(5.7)
5.0
4.4
4.8
9.5
6.5
na

Incentive
Credits
(10.1)
(10.1)
(15.3)
(33.4)
(49.2)
(75.1)
(71.4)
((104.0))
(98.7)
(148.5)
(157.9)
(121.3)
(73.9)
(128.0)
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Table 11.2/continued
Part C: 1985/86 to 2011/12

1985
1986
1987
1988
1989
1990
1991
1992
1993
1994
1995
1996
1997
1998
1999
2000
2001
2002
2003
2004
2005
2006
2007
2008
2009
2010
2011

Crude Oil
Royalty

Natural Gas and
NGL Royalty

2,735
1,005
1,359
957
1,126
1,325
1,038
1,009
787
1,095
1,057
1,386
914
450
1,103
1,500
987
1,177
981
1,273
1,463
1,400
1,655
1,800
1,848
2,236
2,284

1,806
1,097
1,011
989
961
1,080
839
1,069
1,410
1,257
1,003
1,299
1,660
1,467
2,441
7,200
4,030
5,126
5,450
6,439
8,388
5,988
5,199
5,834
1,525
1,416
1,304

Oil, Oil Sands and
Bonus Bids
Natural Gas Rentals		
85
77
74
74
72
94
105
102
106
116
116
131
148
142
141
147
148
153
154
153
156
159
159
160
158
161
169

724
292
761
409
389
416
261
167
717
978
319
525
1,071
464
743
1,159
970
566
967
1,262
3,490
2,463
1,128
1,112
1,165
2,635
3,312

Freehold
Mineral Tax

Oil Sands
Royalty

Incentive
Credits

189
96
92
71
69
76
75
73
84
102
102
117
131
112
134
256
319
202
288
306
334
317
247
261
124
127
127

25
11
23
19
28
39
31
65
66
209
312
512
192
59
426
712
185
183
197
718
950
2,411
2,913
2,973
3,160
3,723
4,513

(44)
(169)
(197)
(580)
(375)
(500)
na
na
na
na
na
na
na
(249)
(188)
(144)
(109)
(84)
(82)
(102)
(111)
(174)
(44)
0
(1,119)
(1,774)
(25)

Sources and Notes:
* In this year the department changed its revenue reporting from a receipts basis to an accrual basis (including accounts receivable and accrued interest).  The first of
the reported values is on the receipts basis, so comparable to earlier years; the second set of values is on an accrual basis, so comparable to later years.
** Includes oil sands rentals.
The largest revenue source each year is highlighted in bold.
Parentheses indicate a payment to the industry by the government.
From 1998 on the all incentive credits are royalty tax credits.
Data are from Annual Reports of the Alberta government department overseeing the petroleum industry, variously the Department of Mines and Minerals, Department
of Energy and Natural Resources, and Department of Energy.

manner as P&NG Reservations; they covered a smaller
area (twenty sections) and had to be drilled to a particular formation. Beginning in 1951, Crown Reserve
Natural Gas Licences (and in 1952 Natural Gas Leases)
were introduced: they allowed exploration for natural
gas if a particular formation in that area had already
proved to contain natural gas and were specific to that
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formation; they had a life of three years with a rental
of 5 cents/acre each month; they were convertible to
natural gas leases in part or total depending upon the
amount of exploration undertaken.
In 1962, a major change was made when an area
of the province named “Block A” was created. It was
an area considered very well explored, and hence not

viewed as likely to hold any major undiscovered oil
plays. Block A covered the central, southern and eastern parts of the province (townships 1 to 64, i.e., south
of a line through Cold Lake), east of the fifth meridian, and here the exploratory rights were to consist of
permits. Permits had a higher rental than the various
licences or reservations, equal to 50 cents/acre, but
were entirely (100%) convertible to lease.
Rental payments formed an important part of
total government petroleum revenue in this period,
as can be seen in Table 11.2. Over this period, rental
payments usually contributed 20 to 30 per cent of
government petroleum revenue, although the share
had fallen to 10 per cent by 1973.
(iii) Crown Reserves. This consisted of mineral rights
in those areas specifically set aside by the government as well as land relinquished from reservations
or licences. It was available for subsequent sale by the
government in the form of leases (if close to a successful venture) or exploratory rights.
(iv) Bonus Bids. Competitive bonus bids were
required on most mineral rights issued after 1947.
Obviously this is one mechanism of allocating a scarce
resource among competing producers. Further, it is an
allocation procedure that tends to favour those producers who are most efficient, since lower costs tend
to mean higher expected profits, and therefore higher
bonus bids. As discussed above, under competitive
conditions, the government can capture a high proportion of the expected (ex ante) economic rent from
the land.
Bonuses formed a major part of government
petroleum revenue after 1947 but were also more
variable than either royalties or rentals (see Table
11.2). Royalties and rental payments for productive
leases are ongoing payments that are spread over the
entire life of a petroleum deposit; hence the effect
of a change in conditions in the oil market is felt on
the stream of such payments. A bonus bid, however,
reflects the entire expected capitalized net value of the
asset, and the full impact of a change in the expected
profits of a project is reflected in that single bid. Bonus
bids, therefore, tend to reflect changes in geological
and economic conditions much more immediately
and markedly than do royalties or rentals. The variability in bonuses can be related to geological factors
(payments rose following the first major Devonian
finds in 1947, the Pembina find in 1953, the Keg River
find in 1964) and to changed economic conditions

(payment rose significantly with oil price rises in the
early 1970s).
c. Conclusion

The years from 1947 through 1973 saw the maturation
of the conventional Alberta oil industry in a market
environment that was relatively stable. Beginning
with the Leduc find in 1947, a major rise in petroleum
exploration quickly took place with drilling through
the 1950s and 1960s testing new areas both geographically (with increasing numbers of wells going into the
northern and foothills areas) and geologically (with
more wells testing horizons down to Pre-Cambrian
basement rock). By the start of 1973, a total of 10,985
exploratory wells (excluding outpost wells) had been
drilled in Alberta. This amounted to about 0.05 of
a well per square mile of sedimentary basin area in
Alberta; of course, this is an average, with many parts
of the basin less intensively explored, and many wells
not passing through all potentially petroliferous geological horizons. The intensity of exploration by 1973
was still significantly less than the average for the
onshore lower-48 states in the United States but was
much higher than that for any other petroleum-producing nation. There were changes in the prices of
oil and natural gas over this period, but the year-toyear changes were minor as compared to the OPECinduced price changes after 1972.
Given that the provincial government was reluctant to undertake a government-run exploratory
drilling program, the regulatory environment was
successful in achieving two main objectives: (1) ensuring that exploration proceeded at a level high enough
to generate continuing geological knowledge about
promising areas of the province that were relatively
lightly explored; and (2) ensuring that a significant
portion of economic rents were captured by the province. Large area exploratory reservations and permits
helped to encourage exploratory activity, while the
relinquishment provisions ensured that the province
would bear some of the risk of exploration and maintain an interest in those locations newly discovered to
hold profitable oil and gas deposits. It should be noted
that the checkerboard leasing pattern that resulted
contributed to the rule of capture problem discussed
in detail in Chapter Ten. Large amounts of money
were raised by rentals, bonuses, and royalties; in addition, Alberta derived some revenue from its share of
the corporate income tax.
The reliance on rentals and gross royalties might
be judged inefficient since both are production-based
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taxes that make no explicit allowance for costs; hence
they may tend to encourage earlier abandonment of
producing wells and discourage some exploration and
development. In contrast, the competitive bonus bid is
effective in distinguishing between projects of higher
and lower expected profitability. However, both political and theoretical factors argue against sole reliance upon competitive bonus bids. In political terms,
governments find it important to demonstrate that
resource industries are paying taxes to the government
while production occurs. Beyond this, in a world of
uncertainty, competitive bonus bidding procedures
have risk-sharing characteristics that transfer all risk
to the companies. Usually, governments will wish to
assume some of this risk, particularly if risk-aversion
leads companies to offer low competitive bids or if the
lack of knowledge means that the bidding process on
some mineral rights is not effectively competitive.
Critics might argue that rentals and royalties were
not a suitable form by which to generate revenue
additional to competitive bonus bids. A preferable
alternative would be a corporate income tax designed
explicitly to fall on the economic rent from petroleum
production. Recall, from above, that such a tax would
differ from the usual corporate income tax by allowing
for the deduction as a cost of an allowance for return
to equity capital. There are, of course, administrative
problems in designing such a tax, but it has much
to recommend it since it should be relatively neutral
(i.e., have few disincentive effects). However, there
are disadvantages.
In practical terms, a net profits tax might have
involved jurisdictional problems in the Canadian federal system. In the period before 1974, it was accepted
by Ottawa that rental payments, royalty payments, and
(after 1962) competitive bonus bids paid to provincial
governments could be deducted as a cost of business
for the corporate income tax; the province could not
be sure that the same treatment would be accorded to
a net profit tax. Beyond this, there are disadvantages
to a net profits tax in an industry in which the open
access problem may be severe: increased exploratory
expenditures could serve to drive the net profit and
government revenue towards zero. Rental and gross
royalty payments, since they are an inescapable cost,
do not have this characteristic; competitive bonus
bids may act as the major cost category that absorbs
the incremental expenditure induced by open access,
especially if the government limits the number of
mineral rights issued each period.
However, the non-neutrality (inefficiency) of the
rental/royalty payment schemes must be admitted.
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Clearly, the adoption of a sliding scale based on production was designed to minimize the bias, on the
presumption that higher-cost oil would tend to come
from lower-output wells. Many of the basic operating
costs of the well would be written off over a smaller
amount of output, and declines in petroleum output
in wells as depletion progresses are often accompanied
by greater water production and higher disposal costs.
The movement from a 5 per cent minimum royalty
rate to an 8 per cent rate in 1962 may have increased
the inefficiency of the royalty, but the minimum rate
was reduced to 5 per cent again in 1973. However, it
is not only low-output wells that have high per unit
costs, so a gross royalty may have significant disincentive effects of other types. Two examples follow. First,
there are relatively small reserve pools that have high
initial production rates per well (but a small number
of wells); all else being equal, the exploration cost per
barrel will tend to be relatively high for a small reserve
pool of this type and a significant royalty burden could
inhibit exploration. Second, one might suppose that
many wells producing under conditions of enhanced
recovery (EOR) will have relatively high production
rates, and therefore high marginal and average royalty
rates; but the EOR expenditures may also be large, and
the royalties might make the venture unattractive. No
quantitative studies have assessed the magnitude of
these disincentive effects, but it is clear that, by the
end of the 1947–73 period, the technological options
for EOR recovery were significantly greater, and the
average oil discovery size was becoming smaller, so
that the disincentive effects of rentals and royalties
may have become more significant. Against this, however, the government could balance the rising real
prices of oil in North American markets.
By the early 1970s, the most dissatisfying feature
of the mineral rights arrangements for Crown land,
from the viewpoint of the government, was probably
the risk-sharing aspect. None of competitive bonus
bids, rentals, and royalties (with a maximum rate of
16⅓%) were very responsive to unexpected changes
in economic rent, particularly rises due to increased
oil prices in world markets. One could argue that the
government of Alberta became more willing to bear
risk as the 1950s and 1960s passed and the province
became wealthier. Alternatively, one might argue
that the risk-sharing preferences of the government
were essentially unchanged, but by the early 1970s
the government was suffering after-the-fact regrets,
when the higher-than-expected value of oil became
apparent. In these circumstances, the concerns were
somewhat different for newly issued, as opposed to

previously issued, Crown mineral rights. On the mineral rights still to be issued, the competitive bonus
bid could be expected to capture at least a portion of
the higher anticipated value due to rising oil prices.
Even on these rights, however, the competitive bonus
bid did not allow the government to bear a share of
the increasing market risk. In the early 1970s, it was
clear that OPEC was beginning to show international
economic muscle; moreover, the heavy reliance of the
world upon OPEC oil, and the short- and mediumterm inelasticity of international petroleum demand
and supply (outside OPEC), meant that large rises in
oil prices would be beneficial to OPEC. But no one
knew exactly how high prices could go before OPEC
began to suffer from significantly reduced sales, nor
how likely it was that individual OPEC members could
cooperate to the extent necessary.
The government of Alberta responded by imposing higher taxes to capture some share of increased
industry profits. These changes, in 1973, eventually
involved higher royalty rates on all except the lowest
output wells. The government maintained the appearance of abiding by the clauses of the previously issued
petroleum leases by making the increased royalty
voluntary for leases still under their initial ten-year
term (for leases issued after 1962) or twenty-one-year
leases (for leases issued before 1962). Companies that
did not agree to the higher royalty were, however,
assessed a new mineral reserves tax. While the industry cannot have found these higher taxes surprising,
they regarded them with trepidation. In part, this
reflected the non-neutrality of a gross royalty with
its investment and production disincentives. Beyond
this, however, it was now apparent that the provincial
government was quite willing to change tax arrangements if it felt that its share of the actual rent earned
was ‘too low.’ It was less clear what would happen if
events turned out to be particularly unfavourable and
the government’s share of the rent was ‘too high.’ As
a result the political risk perceived by the industry
was clearly increased, and companies would now be
justified in expecting a smaller share of the economic
rent from the more positive market situations seen as
possible. Thus, while rising real market prices for oil
and natural gas in the early 1970s should have had the
effect of attracting more investment to the industry,
the market stimulus to invest was offset to some extent
by the higher royalties and by a perceived increased
probability of higher taxes.
This problem might have been minimized if the
government had moved to a net profits tax of some
kind in the early 1970s. Such a tax is closer to neutral

in effect than a gross royalty and has very clear
risk-sharing characteristics. However, the change from
the prevailing royalty system is marked, as it is very
difficult, if not impossible, to express a profits tax as a
percentage of the volume of output, as had been the
case thus far with the royalty. It was suggested above
that the province may have seen three problems with
a profits tax – its implications under the Canadian
federal system of government, its relationship to the
open access characteristics of petroleum exploration,
and the difficulties in allocating costs, given the joint
product nature of petroleum activities. However,
given the federal–provincial jurisdictional disputes
over petroleum taxation, which were to erupt with
full-force in the mid-1970s, we can argue with benefit
of hindsight that some federal–provincial agreement
on rent and risk sharing in the early 1970s would have
been most desirable. Also, the overall exploration of
the province had advanced considerably by the early
1970s, so that the open access problems were probably
much reduced.
In any event, the failure to find a satisfactory solution to the rent-collection and risk-sharing problems
led to a turbulent decade after 1973 when international
oil prices skyrocketed. One might ask whether the
rent-collection scheme in Alberta was efficient in
collecting ex ante (expected) rents. The question has
not been answered in a satisfactory manner, although
the amount of revenue paid by the industry clearly
was large. Several studies of land sales associated
with specific exploratory plays in the 1960s and early
1970s found that most of the anticipated economic
rent on the leases sold was captured by the government (Watkins, 1975, and Watkins and Kirby, 1981).
Watkins also noted that the government did not capture unanticipated rents. Industry spokesmen might
point to the aggregate revenue and expenditure data
that showed industry expenditures exceeding revenue
in Alberta for all years before 1961 and with cumulative revenues from 1947 falling short of cumulative
expenditures at the end of the year 1973. Clearly, any
gap between revenues and expenditures on equipment
and materials was more than absorbed by payments
to governments. But such annual cash flow data are
an inappropriate indicator of the efficiency of the
rent-collection process for three major reasons. First,
petroleum deposits are capital assets with long lives
and the major expenditures tend to be very heavily
front-end-loaded. As a result, the total division of
economic rent cannot be determined from annual
data over a part of the industry’s life. Secondly, actual
payment and receipt data are not necessarily a valid
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indicator of the division of anticipated rents. Thirdly,
the efficient collection of economic rent also implies
that industry activity proceeds in an optimal manner
so that rents are not dissipated for open access reasons. Hence, one is concerned not so much with
actual revenues and expenditures from petroleum
sales as with the ideal flows: this is a very complex
problem and has not been carefully examined for
Alberta.

4. 1974–2012
Canadian oil prices had begun to rise in 1970, following U.S. oil prices and the increasing taxes imposed
by OPEC commencing with the Teheran-Tripoli
agreements. Industry spokesmen in the late 1960s had
spoken of the need for higher oil prices, often justifying the requirement with reference to the depletable
nature of petroleum deposits, and the inherent need
to progress to less-productive deposits. One can see
that the industry would wish to see higher prices for
its product, and the discovery rate for large volume
low-cost petroleum reserves had fallen off, within
North America at least. In the international context,
however, it is less clear that oil price increases were
inevitable. From the perspective of the late 1960s, real
international prices had actually been falling since
1959, with increasing competition, and the reserves to
production ratio for OPEC as a whole exceeded thirty
in the late 1960s, indicating large available reserves;
moreover, by North American standards, most OPEC
nations were very lightly explored. It is hard to know
whether companies in Alberta in the late 1960s were
actually assessing projects under the expectation of
price rises for oil. In any event, the quadrupling of
the international posted price for OPEC oil between
October 1, 1973, and January 1, 1974, raised international oil prices by an amount that far exceeded
anyone’s expectations. The value of energy throughout
the world increased since any additional production
tended to displace high-priced OPEC oil.
From the viewpoint of oil-producing companies in Alberta, the international oil price rises were
welcome; much higher profits could be earned on
all oil discovered before January 1974, and the full
range of potential new projects was more attractive.
Other Canadian groups viewed the price rises with
less favour. Consumers were alarmed by the increased
price of energy and, as discussed in Chapter Nine,
their concerns found an outlet in government’s energy
pricing regulations. The governments that shared
in the economic rent from petroleum were also
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concerned about the increasing value of Canadian
petroleum, particularly since neither federal nor provincial petroleum taxes were designed to capture a high
share of the rent from unexpected price increases.
The competing rent-collection objectives of Ottawa
and Edmonton gave rise to the jurisdictional disputes,
which dominated the Canadian energy scene from
1974 through 1985. Hyndman and Bucovetsky (1974)
provide a perspective from the start of this period
while Helliwell et al. (1989), Plourde (1989), and
Watkins and Scarfe (1985) are among the many authors who discuss Alberta and Ottawa rent-collection
measures in this period.
Table 11.2 shows petroleum industry payments to
the Alberta government over this period.
a. Royalties

The rising value of oil immediately made the 1973
royalty schedule (and Mineral Resource Tax) seem
inappropriate to the Alberta government. Effective
April 1, 1974, a “supplemental” oil royalty was introduced in addition to the “basic” royalty assessed
under the January 1973 schedule. (See Appendix 11.A
for more details.) The purpose of the supplemental
royalty was to capture for the government a fraction
of the increased revenue to the industry from price
rises above the 1973 level. The prevailing price was
established as a ‘Par’ price, and the supplemental royalty was assessed on its excess above a ‘Select’ price,
which was initially set at $4.11/b, representative of the
1973 price. The government argued that most oil found
before 1974 was expected to be profitable at prices that
prevailed before that date and hence could bear a relatively high supplemental royalty. However, many projects that might be undertaken after 1973 would appear
attractive at the new higher oil prices but would not
have been undertaken at earlier prices. These projects
obviously would generate less economic rent and
hence were assessed a lower supplemental royalty.
The supplemental royalty therefore distinguished
between “old” oil (that from reserves as of April 1974)
and “new” oil. The supplemental royalty was tied
to the basic royalty, which, it will be recalled, was a
sliding-scale royalty with lower rates for low-output
wells. (In July 1979, a significant adjustment was made
for low-output wells, with the minimum basic royalty
rate tending towards zero as output fell to zero.) On
higher-production wells, the supplemental royalty
was essentially designed to capture 65 per cent of any
price rise above the early 1974 level on old oil, and 35
per cent on new oil. (Appendix 11.1 A shows the actual
formula.)

The unilateral move to higher federal taxation
of the petroleum industry in 1974 (higher corporate
income taxes, achieved in part by the disallowance
of royalties paid to provincial governments as a cost
of doing business) led to several modifications of the
Alberta regulations. The base price (revenue above
which was subject to the supplemental royalty) was
raised by 60 cents per barrel on January 1, 1975, and
the maximum supplemental royalty on old oil was
reduced from 65 per cent to 50 per cent of the revenue
increase, effective July 1, 1975, then further reduced to
45 per cent in April 1982.
Other significant modifications were made in
1982, once again in large part in response to the federal tax initiatives under the 1980 National Energy
Program (NEP) and September 1981 Memorandum of
Agreement between Ottawa and Edmonton, and to the
NEP Update announced by Ottawa in 1982. In part,
the changes involved recognizing two new classes
of oil created by the NEP and the Memorandum.
Royalty regulations had to be specified for NORP oil;
essentially this was oil found after December 31, 1980,
which would receive the New Oil Reference Price
(international price subject to some qualifications). In
addition, oil found between 1973 and 1981 was also to
get a higher price than conventional old (pre-1974) oil,
but less than the NORP; the royalty regulations had to
recognize the higher price of such oil. Both categories
of oil were recognized as “new oil” under the Alberta
regulations and hence assessed a maximum supplemental royalty rate of 35 per cent. By April of 1981,
the average royalty rate on old oil was 43 per cent;
for new oil it was 25 per cent. Approximately 75 per
cent of provincial output was old oil (Canadian Tax
Foundation, Provincial and Municipal Finances, 1981).
In April 1982, Alberta announced two measures
that reduced provincial royalty rates. The ‘Select’ price
against which the price rise for the supplemental
royalty was to be calculated was raised to $40.90/
m3 ($6.50/b). Secondly, the supplemental royalty on
old oil was now designed to take 45 per cent of the
increased revenue rise rather than 50 per cent. In June
1985, the royalty formulae were further modified to
take 40 per cent of the revenue increase on old oil
and 30 per cent on new. (This was initially a two-year
program but was extended indefinitely in October
1986; in addition, the new oil percentage of increased
revenue was cut to 27 per cent so long as the oil price
was below $30/b.)
Starting on January 1, 1993, the royalty formula
(presumably the Select price) was subject to annual
revision to reflect changes in the GDP price deflator,

and a separate Par price was established for heavy oil.
Oil discovered after September 1, 1992 was labelled
‘third-tier’ and would be assessed royalties ⅓ lower
than in the formula for new oil. In addition, third-tier
wells producing less than 20 m3/month are exempt
from royalties. Also, the maximum royalty rates were
reduced with a ceiling rate of 35 per cent. There were
thus, for royalty purposes, four different categories of
conventional crude oil in the province: old oil, new
oil, third-tier oil, and heavy oil. The royalty schedules
exhibited common characteristics across all categories
of oil – higher royalty rates as production rises and at
higher prices of oil – but the specific factors (and average royalty rates) differ, with old oil paying the highest
royalties. Alberta Energy (2003) provided a detailed
summary of tax and royalty regulations for the four
western Canadian provinces, including Alberta. In
2005, 26 per cent of Alberta conventional light and
medium oil output was classed as ‘old,’ 56 per cent as
‘new’ and 18 per cent as ‘third tier’ (Alberta Royalty
Review Panel, 2007, p. 57).
The sharp rise in crude oil prices after 2003
sparked renewed interest in the petroleum royalty
formula. For example, the Pembina Institute undertook comparisons of government petroleum revenues
in Canadian jurisdictions with those in Norway and
Alaska, finding, over the years from 1995 to 2002, that
the latter jurisdictions gathered over 90 per cent of
available economic rent, while Alberta captured just
under 70 per cent. Pembina argued that the Alberta
royalty take was unacceptably low (Pembina Institute,
2004). While several earlier critiques of the Alberta
rent-collection system had compared shares of gross
revenues, the Pembina study took into account estimated costs of production, therefore allowing the
authors to speak of shares in ‘economic rent.’ Pembina
considered ‘average’ petroleum operations, in the
sense that they used total regional revenues and costs,
which, they recognized, failed to distinguish amongst
individual ventures of varying cost; expressed differently, their analysis could not address the important
question of the impact of taxes and royalties on the
marginal investment project. The differences between
the Alberta oil industry and those of other areas are
significant. For example, Alberta had far more oil
wells than producing regions such as Alaska and the
North Sea, with an average commercial oil pool size
of about 300,000 barrels in Alberta as compared
to a world average of just over 100,000,000 barrels
(Alberta Royalty Review Panel, 2007, p. 50). The
large number of wells in Alberta partly reflects pool
characteristics; it also results from more intensive use
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of reservoirs than in some parts of the world (e.g.,
OPEC), and the well-drilling incentives of prorationing
discussed in Chapter Ten. It should also be noted
that the Pembina analysis approached the tricky joint
product problem by transforming natural gas into oil
on an energy-equivalent basis, rather than treating
the oil and gas royalties separately. Unfortunately, in
the Pembina study, production costs are measured by
combining annual investment costs per barrel of oil
reserves added (i.e., oil-in-the-ground) with operating costs per barrel of oil lifted (Pembina, 2004, p. 6).
As discussed in Chapter Eight, this would tend to
understate unit costs by failing to allow for the delay
in transforming reserves into lifted oil and implicitly
assumes that the costs of establishing reserves now are
a reasonable measure of the costs of oil lifted now for
which investment occurred in the past. The authors
of the study admit that it is difficult to accept their
precise numbers as entirely accurate; however, since
the same method was applied to all jurisdictions, they
suggest that their results do demonstrate that Alberta’s
petroleum rent-collection regime is less effective than
those of a number of the other areas. In 2010, the
Parkland Institute published a review of revenue and
rent shares in the conventional petroleum industry
in Alberta, which also argued that the government
was leaving substantial rents in the hands of the private sector and failing to meet its own objectives for
shares of rent and revenue captured. However, from
an economic point of view, there are problems with
their estimation procedures as they do not undertake
life-cycle estimation of projects to estimate economic
rents, and their methodology seems to ignore the
required return to undepreciated capital after the year
of investment (Parkland Institute, 2010).
The Pembina and Parkland conclusions contradict an early study frequently cited by the industry
and referred to in the 2007 Report of Alberta Royalty
Review Panel (p. 24); this was a 1997 study by Van
Meurs of a large number of oil and gas royalty systems
in the world. Van Meurs found that Alberta stood in
the middle in terms of the share of rent captured.
However, particularly with the rising oil and gas
prices after 2003, there was widespread speculation
in the province that the government’s share of economic rent was no longer satisfactory. In early 2007,
the government appointed a panel to investigate the
province’s petroleum rent-collection regulations. The
Report of the panel began by noting that “Albertans
do not receive their fair share from energy development” (Alberta Royalty Review Panel, 2007, p. 7). This
conclusion stemmed to a significant degree from an
updated study by Van Meurs (cited on p. 23 of the
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Panel Report) and simulations undertaken for the
panel by the Department of Energy (Appendix to the
Alberta Royalty Review Panel Report, 2007), which
suggested Alberta received relatively low shares of
economic rent in comparison to a number of other
jurisdictions in North America and the world, as
simulated for a variety of ‘typical’ projects at assorted
price levels. Since the similar 1997 Van Meurs analysis
had found that Alberta stood in the middle in terms
of rent collection, the main reasons for the low ranking were the rise in oil prices, the relative insensitivity
of Alberta royalties to oil price, reductions in the
Canadian corporate income tax rate, and the failure,
unlike many other governments, to modify regulations in light of the large price increases after 2003.
The Report and the background material provided by
the Alberta Department of Energy (2007a, b) provide
a valuable overview of Alberta regulations and their
strengths and weaknesses, although they did not provide much discussion of the risk-sharing aspects of
rent-collection schemes, and paid little attention to the
interactions between bonus bids and royalties.
In essence, the Royalty Review Panel recommended that the existing system be simplified by
eliminating the vintage distinctions (old, new, and
third-tier) and dropping the various royalty reduction
incentive schemes. Average oil royalty revenue would
be increased through a new royalty structure, which
would involve two separate sliding-scale royalties, one
volume-dependent, and the other price-dependent.
The new schedules would reduce the royalty rate for
low-output wells but significantly increase the highest rate (to 50% from 35%) at higher output and price
levels (Alberta Royalty Review Panel, 2007, pp. 71–73).
Based on simulations across a number of output rates
and oil prices, the panel estimated that the rent share
of conventional oil accruing to the provincial government would rise from 44 per cent to 49 per cent (p. 7),
ignoring any impacts through bonus bids.
Later that year (October 2007), the Alberta government issued its response to the recommendations
of the panel (Alberta Department of Energy, 2007c).
The government announced new conventional oil
royalties to become effective at the beginning of 2009.
Given the very high prices in effect in 2007, one might
question why there was a delay in implementing the
new royalty formula, but the revision did address the
panel’s concern that the previous formula was insufficiently responsive to high international oil prices. The
panel’s recommendations to eliminate the distinction
between ‘old’ and ‘new’ oil was accepted, and some of
the incentive programs for conventional oil were to
be eliminated as the panel had recommended. (Two

enhanced oil recovery programs were to be retained.)
A new two-part royalty formula was announced,
which sounded very much like what the panel had
recommended: separate sliding scales for output level
and prices, with the maximum royalty rate increasing
from 35 per cent to 50 per cent. At low-output rates
and low prices, the royalty rate would be 0 per cent,
for example, at prices as high as $85/b, so long as
output was 10 m3/month or less, and at output rates
as high as 145 m3/month, so long as the price was
$20/b or less. For very low production of 5 m3/month
or less, the royalty would hit a maximum rate of 9
per cent so long as the oil price was at least $125/b. At
prices of $20/b or less, the maximum royalty would
be 26 per cent at output rates of 749 m3/month or
more. The highest rate of 50 per cent would not apply
unless price was at least $70/b, and the output rate
high enough (e.g., at least 677 m3/month at the $70/b
price). Compared to the royalty formula it replaced,
the new regulations generated lower royalties than
the old formula at lower prices (below about $65/b,
depending on the well output rate), and higher rates
above that, and also garnered lower royalties on
low-output wells. The new royalty schedule was to
become effective January 1, 2009. Given the high
prices of international oil, commencing as early as
1999, many critics thought that the government had
unduly delayed revisions to the royalty rates; by the
start of 2009, prices had fallen considerably below the
peak of early summer 2008.
The new regulations drew forth criticism from
the industry, especially as oil prices fell dramatically
after mid-2008. In November 2008, the government
announced a transition period for the new royalty
regime, under which companies commencing drilling
wells between a depth of 1,000 m and 3,500 m after
2009 could select a transitional royalty schedule that
would delay the new rates until January 1, 2014. The
government also appointed a Competitiveness Review
Committee, which pointed out that Alberta’s share in
western Canadian industry activity had fallen after
2007 and that Alberta’s royalties were generally higher
than those in Saskatchewan and B.C., especially in
the earlier years for more productive wells (Sierra
Systems, 2010; Alberta, 2010). In May 2010, a modification was made to the royalty schedules, reducing the
maximum royalty rate from 50 per cent to 40 per cent,
effective January 1, 2011. (The revised schedule also
reduced royalty rates slightly for some wells at prices
around $100/b. The formulae for the two part royalty
are shown in Appendix 11.1.)
As can be seen in Table 11.2, royalty payments to
the Alberta government rose tremendously after 1973,

reflecting both energy price rises and the increased
royalty rates. The revenue flows from royalties far
exceeded either rental or bonus payments. The table
includes gas and natural gas liquids (NGL) royalties
as well as oil royalties, and it can be seen that, by
the 1990s, natural gas royalty revenue became larger
than conventional oil royalty revenue, reflecting both
higher relative gas prices and proportionately higher
gas output. By 2000, natural gas royalties were far in
excess of oil royalties. However, declining gas output
and, particularly, prices meant that in 2009/10 and
2010/11, for the first time in over a decade, conventional oil royalties exceeded natural gas royalties.
Beginning in 2009/10, the largest royalty contribution
to the provincial government came from the oil sands.
(Chapter Twelve deals with natural gas royalties and
Chapter Seven with oil sands royalties.)
Several more technical aspects of the oil royalty in
the 1974 through 2012 period deserve brief comment.
The precise definition of “new” oil was obviously of
concern to producers since the supplemental royalty
is so much lower for such oil. Oil in pools discovered
after March 31, 1974, could clearly be considered new
oil. More difficult to handle was oil from pools found
earlier but which may have been thought unproducible under the lower prices that existed before 1974.
The definition of new oil was therefore expanded to
include oil discovered before April 1, 1974, but: (1) outside delineated pool boundaries as of April 1, 1974;
(2) in enhanced recovery schemes that commenced
after January 1, 1974; and (3) from pools that had not
produced any oil for at least three years.
Another set of problems existed with respect to
the wide variation in producing rates from Alberta
wells. The incremental royalty was geared to recover a
percentage of the price rise for oil above the 1974 level
but was implemented by a formula that tied the supplemental royalty to a production-based sliding-scale
royalty. Therefore, the incremental royalty could take
exactly the desired percentage of the revenue increase
only at one specific output rate. Both the basic and
supplemental royalties would be higher for wells
with a higher output rate than this, and both would
be lower for wells with a lower output rate. Prior to
1979, the components of the supplemental royalty
were devised to capture the desired amount of revenue from a well with the average output rate in the
province. However, as a result of production decline,
the average output rate was falling over time; as a
result the rising price of oil in the late 1970s generated
progressively higher incremental royalty rates on
revenue increases for high-output wells. In 1979, the
province decided to modify the incremental royalty
Economic Rent and Fiscal Regimes 319

in the future on the basis of a well producing 120 b/d
(572.1 m3/month) even though the average production
from an Alberta oil well continued to fall.
b. Issuance of Rights

The basic principles of mineral leasing, as established
in the 1947–73 period, remained in force, while numerous changes in detail were made. (Alberta Energy,
2002, provides detailed review of land tenure policies.)
Exploration rights are issued by competitive bonus
bids and are convertible in whole or part to lease.
Lease areas are also issued by competitive bonus bid,
generally on smaller areas. Effective July 1, 1976, leases
were issued with a five-year term reduced from the
ten-years under the 1962 regulations. The rental rate
is currently $2.50 per year per hectare. The lease will
revert to the Crown unless drilling commences within
the five-year initial term, although the Crown may
allow an extension of up to three years. Holders of
leases issued before 1976 were also required to drill on
their leases or relinquish them. There were provisions
that allowed leases to be grouped in respect of drilling
requirements. The government has moved to separate
leasing to some extent by depth and occasionally by
product (e.g., a natural gas lease). Starting in 1976,
companies that did not drill into deeper formations
for which they held petroleum rights, while producing
from shallower formations, were required to relinquish the deeper mineral rights back to the province,
which could then be resold. In 2008, the government
announced that it would require relinquishment of
rights as well to shallower formations above producing pools.
Effective June 30, 1978, the issuance of “reservations” ceased, although exploratory permits continued
to be issued in the form of “licences,” which had been
introduced two years previously. Licences had a rental
fee of $2.50 per hectare, a term that varied from two to
five years depending on the location in the province, a
maximum area varying from twenty-nine to thirty-six
sections, depending on location, and were convertible
in part or in whole into leases, depending upon the
depth of the well drilled.
The province was divided into three areas – Plains,
Northern, and Foothills – with increasing maximum
size and licence term in this order. Presumably, the
Plains area is more fully explored and less costly to
drill than the Northern, while the Foothills is still
less explored and more costly. In a sense, the 1976
regulations turned the entire province into an area
like “Block A” under the 1962 regulations, in recognition of the maturity of exploratory effort. Large area
exploration rights with partial relinquishment to the
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Crown were no longer viewed as necessary to ensure
adequate bonus bids. (Reservations under the 1957
regulations would cover up to 100,000 acres, or over
150 sections.) As noted above, provisions were also
introduced in 1976 and extended in 1985 for the rights
to deeper areas to revert to the Crown if companies
produced from or drilled to shallow depths. From
1976 to 1998, companies could earn a waiver on the
rental on licences, if they engaged in early drilling. In
July 1990, the rental rate was set at $3.50 per hectare
for all petroleum rights.
In 1995, the government set up an Industry
Advisory Committee to assess the petroleum land
tenure system (Alberta Energy, 2002). No clear consensus emerged, but the government continued to
consult with industry and introduced revised legislation and regulations in 1998 and 2000. The provisions follow the spirit of the previous regulations.
There are now two types of mineral rights, licences
and leases, which may cover all geological formations
or only those above or below a certain geological
zone. Companies may request that mineral rights
be offered for sale, but allocation is by sealed bonus
bid. Maximum and minimum areas and duration
are defined, varying in the Plains, Foothills, and
Northern parts of the province. Licences have drilling
requirements, although these may be combined across
neighbouring licences; drilling extends the term of
the licence, and such licences are treated as a lease and
therefore allow production of oil and gas. Lease provisions continued as set out in 1976.
As Table 11.2 shows, bonus bids continued to
provide significant revenue to the province, with the
revenue rising as oil prices also increased. Of course,
the bonus payments related to mineral rights where
discoveries would pay the “new” oil and gas royalties.
Bonuses tended, as before, to be more variable than
rentals or royalties. Once again, the magnitude of
bonus payments can be related to geological factors
(e.g., the land boom in the West Pembina area in
1977), political factors (the industry reaction to the
NEP in 1981), and economic factors (oil price changes,
as, for example, the surge in 1997 and fall in 1998).
c. Incentive Schemes

The period after 1973 was characterized by a new
development in provincial regulation: a wide variety of incentive schemes were introduced in order
to encourage industry activity. It might be thought
that such schemes would be unnecessary in a period
when oil and gas prices were increasing significantly,
but two other factors are important. First, one might
expect that as the industry matures the remaining

undiscovered prospects look less attractive (of course,
technological change and new knowledge may offset
this). If the government wishes to maintain continuing
activity in the petroleum sector, incentives of some
sort may be necessary. Second, and related to the first,
is the tax burden factor. As has been evident, the provincial government does not rely primarily on profits
taxes, and therefore the industry will be dissuaded
from some types of activities due to the royalty-tax
burden. (Ottawa, until the 1980 NEP, relied upon the
corporate income tax, but this is not a completely neutral tax and is certainly not so when companies may
not deduct royalty payments as a cost.)
Since 1974, the provincial government has utilized
many different types of ‘incentive’ programs, and
the specific regulations governing them have been
changed frequently. EnviroEconomics (2010) provides a review of Canadian royalty and tax provisions,
including various incentive programs, within the context of various ‘subsidies’ granted to the oil industry.
They suggest that ‘subsidies’ to the petroleum industry
in Alberta in the years 2004–2009 amounted to 5.7
per cent of the value of production. Their definition
of ‘subsidy’ is quite broad; for example, it treats the
incentive programs as subsidies, rather than as policies, for example, designed to offset inefficiencies in an
ad valorem royalty.
We shall not set out all the details, but, in terms of
broad classes, the major incentive schemes included
the following:
Exploratory Drilling Incentive Program. This was
first introduced in 1972 and involved a five-year royalty holiday on successful wildcat oil wells (finding oil
in a previously unproductive structure); in addition,
each foot of wildcat well earned a credit that could be
claimed by the company against royalties owed. The
scheme was maintained in various forms from 1972 to
2009 and was expanded to include a two-year royalty
holiday for wildcat gas discoveries, higher credits for
deeper footage and more remote parts of the province,
credits made applicable to bonuses as well as royalties,
and the deep footage of deep-pool exploratory tests
eligible for a credit.
Geophysical Incentive Program. This was introduced
in 1975 and continued through 1982, although with
greatly reduced incentives after 1979. In mid-1983, it
was reintroduced and continued to 2008. It allowed
a portion of the cost of seismic surveys to serve as
payment or credit against other provincial tax revenue owed by the company so long as the survey met
certain criteria and the results were offered for sale

to others after three years. The province was divided
into three regions, with higher credits in the more
remote areas.
Royalty Credit. Effective in 1975, all companies in
the province could claim a $1 million credit against
royalties owed to the province. Most significant producers paid well over $1 million per year in royalties.
(An average royalty rate of 35 per cent on an oil price
of $10.00 per barrel would require about 286,000
barrels per year, or 783 barrels per day, to yield $1
million.) Therefore, for most companies, the royalty
credit would increase total corporate after-tax profit
but not affect the marginal royalty rate on corporate
output. However, for small producers, owing less
than $1 million in royalties, the marginal and average
royalty rates on incremental output became zero. In
October 1981, the royalty credit amount was increased
to $2 million, and then to $4 million in April 1982.
It was subsequently lowered again, and changed to a
to-be-specified percentage (%) of the first $X of royalty paid. Both ‘%’ and ‘X’ were changed periodically
in relationship to the price of oil, with a lower royalty
credit as the oil price was appreciably higher. Also, in
January 1975, the provincial government announced
that royalties paid would be deductible as a cost
of business for the provincial part of the corporate
income tax. Other royalty credit regulations have been
introduced, including one for ‘third-tier’ exploratory
wells drilled after September 1992 (a twelve-month
royalty holiday, up to $1 million in value), and, from
the same date, a royalty holiday on the first eight
thousand cubic metres produced from a previously
inactive well. Also effective after September 1992, wells
that had been producing at low-output rates were
accorded a maximum royalty rate of 5 per cent on the
next sixteen thousand cubic metres of production. The
royalty credit program was dropped in 2006.
Petroleum Incentive Payments (PIP). The National
Energy Program introduced a scheme of subsidy
payments for exploratory and development activities.
Such payments were to be higher for companies with
greater Canadian ownership, for exploratory expenditures and on frontier lands. In the September 1981
Agreement with Ottawa, the Government of Alberta
agreed to take over payment of the PIP grants for oil
industry activities in Alberta.
The conditions governing PIP payments in Alberta
were as follows: The scheme was to last until 1986.
The amount of the PIP payment was deducted from
the cost of the capital expenditures for the purposes
of capital consumption allowances in the corporate
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income tax. In effect, the PIP payment was taxable,
although the tax payment might be deferred to the
future, depending on the taxable position of the company and the capital consumption allowance provision
for the activity concerned. The PIP payments were
phased in gradually (as the ‘earned depletion allowance,’ see below, was phased out). By 1984, on provincial Crown lands in Alberta, the PIP grants covered
15 per cent of exploration costs for companies with
50–75 per cent Canadian ownership and 35 per cent of
exploration costs if the ownership rate exceeded 75 per
cent. Development costs were covered to the extent of
10 per cent and 20 per cent respectively. Companies
with less than 50 per cent Canadian ownership did not
receive PIP grants. In the 1981–82 fiscal year, Alberta
paid about $1.7 billion under the PIP program. PIP
grants ended with the demise of the NEP under the
Western Accord in June 1985.

were also granted reduced royalties. The program was
eliminated at the end of 2008 in line with the recommendations of the Royalty Review Panel.

Well-Servicing Grants Program. In April 1981, the
government announced a program for 1981 and 1982
whereby 50 per cent of the cost of maintenance, repair,
and service of a well would be paid for by the province, to a maximum of $75,000 per well, for wells on
provincial Crown land. The program was extended
to cover injection, water disposal, and observation
wells in August 1981, and for about 25 per cent of the
drilling cost of development wells (varying with depth
and location in the province). The province allocated a
total of $250 million to the program.

Two major weaknesses of the Alberta rent-collection
policy haunted the 1970s and came to the fore again
after the turn of the century. First, the reliance upon
competitive bonus bids as a way to distinguish
between high- and low-profit ventures left the province without a significant share of the unexpected rent
increase associated with rapidly increasing world oil
prices after 1970. The resultant move to raise royalty
rates, in combination with the rent-sharing disputes
with Ottawa, could not help but raise the political risk
perceived by the industry.
The second problem relates to the weaknesses of
the ad valorem royalty as a rent-collection device.
Since it is based upon gross revenue rather than net
revenue (profits), it can easily become a high burden
on particular projects, thereby discouraging investment or causing earlier abandonment of oil pools.
If the royalty is set low to avoid these effects, it is
ineffective as a rent-collection device. Therefore, it
normally becomes necessary both to introduce complex royalty provisions that differentiate between
broad classes of pools and also to introduce a variety
of supplemental measures that offer incentives to
those activities that have been discouraged through
inefficiencies in the royalty. There are at least four
main problems with this approach: it is administratively complex and costly; it seems likely to increase
the political risk to companies; it is difficult to know
the exact costs of the various programs and the overall
incentive effect; and it is virtually impossible to finetune (with gross royalties and incentives) so that the
unique rent-generating characteristics of each project
is recognized.

Enhanced Recovery Incentives. In 1976, authority was
given to the lieutenant-general-in-council to reduce
the royalty rate to 5 per cent on approved experimental projects. Effective in 1977, any new ‘tertiary’
enhanced recovery project (beyond the waterflood
stage) could apply to have the royalty assessed on
revenue less the incremental costs of the scheme,
thereby reducing the effective royalty rate (moving
closer to a profits tax); total royalties paid must still
be as high as they would have been with primary and
waterflood (‘secondary’) recovery. In 2002, additional
royalty reductions were introduced for EOR schemes
that utilized CO2.
Horizontal Well Incentives. After July 1991, reduced
royalties were granted to horizontal wells, based
on the number of vertical wells made unnecessary.
Presumably the intent was to encourage this new technology and to allow for the disincentive under an output-based sliding-scale royalty for higher output wells.
In 1993, horizontal extensions to existing vertical wells

322 P E T R O P O L I T I C S

Deep Exploratory Well Royalty Credit. This program,
announced in 2008, allowed relief from up to $1 million in first year production royalties for exploratory
well deeper than 2,000 metres.
Royalty Drilling Credit. Effective for 2009–11, this
granted a credit against royalties for wells drilled in an
amount up to $200/m drilled.
New Well Royalty Reduction. Wells drilled between
2009 and 2011 were granted a one-year royalty rate
of 5 per cent. The 2011/12 budget announced that the
provision would be made permanent.
d. Conclusion

Watkins and Scarfe (1985) review the output and
price-sensitive royalty scheme of 1974 and assess its
effectiveness as a rent-collection device in the following terms (pp. 28–29):
In terms of efficiency of rent collection, we
assume that the elasticity of royalties with
respect to well production and price at any
point in time should exceed unity, implying
that the marginal royalty rate would exceed the
average. However, the marginal rate should not
be punitive; rather it should be comfortably
below unity.
… We find that the elasticity of royalties
with respect to the rate of production starts
at 2 for low production levels and eventually
approaches unity at high production levels.
While the elasticity exceeds unity, the royalty
formula is not well calibrated with resource
quality because the changes in royalties
become less onerous at higher levels of well
production.
How do royalties vary with prices …?
The elasticity of the volume of royalties with
respect to price is a rather curious creature,
asymptotically approaching zero as price
increases become very large. The elasticity is
less than unity for the values currently inserted
in the royalty formula for both new and old
oil. However, if we look at royalty revenues,
the picture becomes rather different. The elasticity of royalty revenues with respect to price
exceeds unity, implying that marginal royalty
revenues exceed the average as prices increase.
But the elasticity falls as price rises. Again, we
conclude that the royalty structure is not well
calibrated to capture economic rents arising
from unanticipated rises in oil prices.
With respect to bonus bids, Watkins and Scarfe argue
(pp. 29–30):
Alberta’s other main device for obtaining economic rent is bonus bidding. If foresight and
competition were perfect and sealed bids were
submitted on all petroleum properties, the
bidding process would mop up any remaining
foreseeable economic rent. The term remaining
rent here refers to the residual after deduction of taxes, rentals, and royalties, which are
treated as costs in bid determination. However,
competition is not perfect because bidders

seldom have equivalent information for a lease;
competition may not be sufficiently intense;
deficient foresight will ensure discrepancies
between ex post and ex ante rents; and, most
importantly, because of the lease retention
provisions described earlier, not all production
leases are subject to bids. Nevertheless, the evidence suggests competition among bidders in
Alberta is sufficiently strong to allow the government to capture a large portion of ex ante
rents on leases that are put up for bid.
Thus bonus bidding will tend to pick up
remaining rents arising from quality differentials but not from unanticipated price
increases. Neither will it pick up rents not
absorbed by royalties on properties for which
bids do not have to be made. In this way, the
Alberta land system provides strong incentives for successful exploration – an additional
reward for risk takers – as long as the rewards
are not negated by other measures – such as
the federal tax and pricing regime.
There is no detailed empirical analysis of the disincentive effects of the Alberta Crown mineral rights
revenue terms. (Appendix 11.1 B provides further
discussion of possible disincentive effects of a gross
royalty, and shows, for four different well output rates,
how royalties on crude oil differed across the various
Alberta regulations from 1951 on.) In practice, it was,
of course, almost impossible to separate the effect of
the provincial royalty rate increases from the new federal tax initiatives of the 1970s. Four effects might be
noted. Firstly, projects that are only marginally acceptable without such a royalty will become unacceptable
with the royalty. Unless the royalty can be argued to
cover a social cost that the project sponsors have failed
to consider, this is an undesirable result. Secondly, a
gross royalty will encourage premature abandonment
of operating wells since a royalty is viewed by the
producers as a variable operating cost. This is particularly important for wells that have high operating
costs apart from the royalty since such wells will be
running at high-output levels and therefore facing
high marginal royalty rates even as they approach
the economic date of abandonment. In Alberta, this
problem has been offset at least to some extent by
the provision that producers can ask for royalty relief
to forestall abandonment. Thirdly, the disincentive
effect of a gross royalty will be particularly heavy on
those projects that have a relatively high ratio of costs
to revenues and those that have a lower probability

Economic Rent and Fiscal Regimes 323

of failure. Finally, a royalty schedule may also induce
output shifts over time, in addition to the incentive
to abandon earlier. In Alberta, until the late 1980s,
the ability to change the intertemporal depletion of
the reservoir as a result of royalty regulations was
inhibited by market-demand prorationing regulations.
The Alberta royalty schedule will offer a general
(but not invariant) incentive to reduce the current
output from a well and to shift this output into a
future period. This was true for two reasons. First, the
present value of any fixed percentage royalty based on
a fixed price will be less the further in the future the
royalty is. Second, with a sliding-scale royalty based
upon output, it is possible to reduce the marginal and
average royalty rates by shifting output from highvolume periods to lower-volume periods. Since oil
pools, and most oil wells, tend to exhibit production
decline, this means shifting some output from the
earlier to the later years. On the other hand, since the
royalty is assessed on a per-well basis, it may encourage more rapid depletion through more infill drilling,
which raises the pool output rate and depletes reserves
faster but leads to a lower output per well and may
therefore reduce the royalty rate.
At first glance, it may appear somewhat contradictory that the Government of Alberta in the 1970s
should have both unilaterally raised royalties on
Crown lands and introduced a variety of royalty credit
or incentive payment schemes applicable to industry
activities on Crown lands. But the reliance on gross
royalties as the main rent-collection device explains
their somewhat contradictory actions: royalties are
relatively poor as a risk-sharing device, so changing
market conditions call for a revamping of the regulations; but higher royalties to capture a share of the
ex post rent tend to have disincentive effects, which
must then be addressed by new measures. Hence, by
the early 2000s, the Alberta conventional oil royalty
scheme had evolved into a complex web of regulations: variations in rates for several classes of oil,
by type and vintage; variations in rates for different
output rates; variations in rates for different prices;
and a number of lowered royalty rates for specific
types of oil production. (See Alberta Department of
Energy, 2007, for a summary.)
Table 11.2 includes data for years since 1973 on
Government of Alberta revenue from the petroleum
industry. Also shown, where available, are the costs
of various incentive schemes, although it is difficult
to know whether all costs are directly included here,
since some of the royalty credit and holiday provisions
will be reflected in a smaller total for royalties, rather
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than recorded as a cost. This is an example of a ‘tax
expenditure.’ (The years are not all strictly comparable
since the reporting system for revenue was changed
in 1979 to an accrual basis. Two sets of figures are
included for the fiscal year 1978–79, one set on the
old basis and the second on the new accrual basis.)
The significant rise over the decade in both petroleum revenue and the exploration drilling incentives
is apparent. The revenue effects of the royalty holiday
mechanism are not apparent.
A tremendous increase in the sales revenue from
Crown leases is apparent after 1973, suggesting that
this is still an effective means of capturing ex ante rent
and that expected profits of new ventures did increase,
despite the various new taxes the industry faced. The
fall in Crown rights sales revenues after 1980 may
reflect the influence of the NEP, although it is hard to
be sure of this since bonus payments are unstable over
time. Table 11.2 also shows revenues from gas royalties,
the tar sands, and the freehold mineral reserves tax.
(Prior to 1975, the latter includes some revenue from
Crown lands under the mineral reserves tax.)
After international oil prices rose to new highs
(in nominal terms), the 2007 Alberta Royalty Review
Panel recommended simplification of this system by
eliminating the vintage distinctions and the incentive
programs; it also suggested new schedules of priceand output-based rates that would reduce royalty
rates for less productive wells and raise them for more
productive wells, especially at higher price levels. In
October 2007, the government announced changes to
be effective at the start of 2009 that were largely consistent with the recommendations of the review panel.
These changes would preserve the long-established
structure of the Alberta oil rent-collection system (i.e.,
reliance on bonus bids, rentals, ad valorem royalties,
and the corporate income tax) while increasing total
payments to the Alberta government, especially in
an environment of high oil prices. Under this royalty regime, Mintz and Chen (2010) looked at the
‘effective marginal tax and royalty rate’ for an 80 b/d
well in Alberta and found it was appreciably higher
than in other Canadian provinces or in Texas. While
this meant more rent would be collected on such a
well, it also suggested a greater inhibition of marginal investments.
Then, in 2010, the government announced reductions in the royalty rates effective January 1, 2011,
which moved them much closer to those prevailing
prior to 2007, with a maximum rate of 40 per cent
(as compared to 35 per cent in 2007); the government
retained lower rates at lower prices and for lower

output wells. There is something of a paradox in these
changes. The motivation was concern that the old royalty regulations generated insufficient revenue in what
many assumed to be a new higher-priced environment. However, given continuing production decline
in operating reservoirs and declining discoveries and
discovery size due to the maturity of the conventional
industry, the final impact of the new regulations
(with lower rates at the low-output end) may well be
reduced conventional oil royalty receipts. A sense of
déjà vu may have been enhanced by the government
decision to introduce a number of new incentive programs as well.
In essence, the same problems we have noted
before still held true: the government elected to rely
upon royalties as the main rent-collection device,
which allowed risk-sharing with industry, but a gross
ad valorem royalty necessarily has disincentive effects.
Perhaps the royalty review of 2007–2010 represents
a missed opportunity to move towards a net royalty
system. A first step would have been to recognize
operating costs as a deduction before royalties are
applied; incremental development costs could also
have been recognized as an allowable expense. To go
further, given the successful adoption of a net-profits
tax on oil sands projects, perhaps the time would have
been ripe to adopt a similar tax on conventional crude
oil and natural gas. There are, as discussed above,
some thorny issues involved here, particularly with
respect to definition of allowable costs, including the
difficulty in incorporating dry hole exploration costs.
It would be necessary for companies to maintain an
agreed-upon cost accounting for conventional oil and
gas activities in Alberta, so obvious questions would
arise, particularly for companies active in more than
conventional activities and outside the province as
well as within. Mintz and Chen (2010) suggested that
the time might be suitable to move from a gross royalty to a cash flow tax. If allowance is made to carry
forward negative balances with an appropriate interest
charge, this approximates a net profit (or resource
rent) tax. However, problems might arise since the
cash flow tax is normally applied on a company basis,
whereas Alberta Crown royalties are a part of the
mineral rights provisions on specific properties. In
any event, in 2010, the province decided to stay with
much the same system as in the past, but with a somewhat larger maximum royalty rate if prices move to
high levels.
In conclusion, one could argue, in retrospect
at least, that it would have been preferable for the
Alberta government to have shifted from reliance

upon gross royalties to reliance upon some type of
net profit tax or net royalty, even as early as the 1970s.
(In a different approach, Crommelin, 1976, suggested
that the province consider a shift from competitive
bonus bids to competitive royalty bidding; compared
to competitive bonus bids, this would be expected to
give the province a greater share of rising rents due to
price increases, but poses a problem with earlier abandonment, assuming the royalty rate bid is high.) As
was discussed in Chapter Seven, the ‘generic’ oil sands
royalty introduced in the mid-1990s was a net royalty,
with a gross royalty floor. A profit tax or net royalty is
very responsive to changing economic rent, including
unexpected variations; that is, it has very desirable
risk-sharing properties, and, if designed carefully,
small disincentive effects. One major disadvantage of a
net profits tax relates to open access problems, but if it
is used in conjunction with bonus bids, and if mineral
rights sales in any region tend to be spread over time,
open access problems should not be severe, particularly when the main geological features of the region
are quite well mapped. However, given that reliance
upon royalties continued, it is easy to understand why
the royalty regulations involved sliding scales (based
on production level, vintage, and price), and why
the government was drawn to a variety of incentive
schemes. We will not address the legal problems that
may have inhibited the province in replacement of the
conventional gross royalty with a net royalty or profit
tax, given that the leasing arrangements with companies specified a gross royalty obligation and the status of
petroleum-industry-specific profit taxes are not clear
under the federal corporate income tax.

4. Federal Regulations
A. Pre–1973
Prior to the transfer of most Crown mineral holdings
to the provincial government in 1930, Ottawa had the
responsibility to set rent and royalty provisions on
Crown land in Alberta. We shall not review the details
(see Breen, 1993, chap. 1) but would note that by 1930
they included a number of provisions that were later
adopted in the provincial regulations described above,
including: fixed lease acreages, drilling requirements,
per-acre lease rentals, a relatively low ad valorem royalty, relinquishment provisions and the possibility for
issuance of some rights by bonus bids. After 1930, the
federal government no longer had a significant role
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in Alberta in setting out the petroleum rights tenure
regulations, except on the remaining areas of federal
Crown land.
Before 1973, the main federal provision affecting
the distribution of economic rents from provincial
Crown lands was the federal corporate income tax.
(We abstract from payments on oil production by
unincorporated producers.) Under the BNA Act, both
federal and provincial governments were allowed to
impose income taxes (“direct taxes”), so responsibility
here has been shared. Summaries of corporate income
tax provisions can be found in various ongoing publications of the Canadian Tax Foundation. These also
provide a very good summary of the various tax rental
and sharing arguments, which have, in essence, let
Ottawa set the provisions of the tax while provincial
governments have been free to set a provincial tax
rate. It should also be noted that our examination of
revenues associated with the corporate income tax
on petroleum production abstracts from any reductions in personal income tax payments as a result of
the partial integration of the corporate and personal
income taxes. (This refers to provisions such as the
non- or lower taxation of capital gains and the dividend tax credit in the personal income tax code. We
view these as ways of reducing the double taxation of
corporate profits, although it is notable that these personal income tax advantages were not reduced as the
corporate income tax rate was reduced in the 1990s
and 2000s.) Amongst various summaries of federal
income tax regulations for crude oil production, we
have drawn particularly on Helliwell et al. (1989, chap.
5 and Appendix 5.1) as well as various issues of The
National Finances, issued annually by the Canadian
Tax Foundation. We review the main features of the
tax system but do not present many of the smaller
adjustments or document the changes in tax rates.
Simply put, the corporate income tax is a tax on
the “taxable profits” of corporations. Procedurally, as
far as Alberta is concerned, the federal government
sets the tax regulations and a tax rate (e.g., 46%); it
then specifies an “abatement” (e.g., 12 percentage
points, reducing the federal tax rate to 34%) that
allows each provincial government to impose its own
corporate tax rate (e.g., if Alberta imposes a rate of
11%, the total corporate income tax rate would be
45%). Governments might on occasion impose temporary surcharges or reductions on top of the basic
tax rate.
Taxable profits are corporate revenues less allowable deductions. The complexity of the tax code lies
largely in the variety of ways in which these deductions may be calculated. With reference to the crude
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oil industry, it is useful to note eight classes of deductions. Specific provisions for each of these classes
have been subject to change, but the general nature of
provisions up to 1973 will be indicated in the following
list. (The provisions are those for corporations whose
“principal business” was petroleum production.)
(1) Operating costs: These were deducted as
incurred.
(2) (Intangible) Exploration expenses: These
are generally viewed by economists as capital
expenditures, since they are undertaken with
the intent of generating assets (petroleum
deposits) of long life. They were expensible
(100% deductible) as incurred.
(3) (Intangible) Development Capital: Was also
expensible as incurred.
(4) (Other) Capital Assets: Could be written off
over a number of years, as set out in a number
of “capital consumption allowance” schedules,
depending on the type of capital.
(5) Interest expenses: Deductible as incurred.
No deduction was allowed for the return on
equity capital.
(6) Payments to other governments: Rentals,
royalties, and bonus bids were deductible as
incurred. (This only applied after April 1962, for
bonus bids.)
(7) Other deductions: Mineral industries, including petroleum, were allowed an additional
deduction, called the ‘depletion allowance,’
equal to one-third of profits (revenues less costs
as specified in the tax code). This was a ‘net’
depletion allowance, as compared to the U.S.
‘gross’ allowance, which was a certain percentage of revenues. Other allowable deductions
have included an “investment tax credit,” which
reduced the corporate income tax owing on the
basis of new investment spending, with a higher
credit if spending occurs in parts of the country
that are economically depressed.
(8) Loss carry forward: Since there are no provisions for ‘negative taxes’ (payments by the
government if taxable corporate profits are
negative), there were provisions to carry negative taxable income values (“losses”) forward
indefinitely as deductions in later years.
The corporate income tax itself and the depletion
allowance in particular have been the source of much
controversy. Many dimensions of this dispute have
been captured in the studies of, hearings before, and
reports of the federal Royal Commission on Taxation

(the Carter commission), which reported in 1966. The
main arguments in these debates are noted, briefly.
Corporate Income Tax. Economists have not generally been enamoured of the corporate income tax.
The public popularity of this tax is easy to see: “I’d
rather corporations pay taxes, than I do.” This is a
myopic view because ultimately it must be people
who pay taxes. If the tax is viewed as one on the profit
income of the owners (shareholders) of corporations, it may involve double taxation of income, since
the dividends and increased share values that flow
from higher corporate profits are themselves (potentially) subject to taxation under personal income
tax regulations. Moreover, theoretical and empirical
evidence both dictate that the broader impacts of the
corporate income tax may be quite different than is
generally thought. In particular, the mobility of capital
across sectors (e.g., the corporate and non-corporate
parts of the economy), and internationally, must be
considered. In the extreme, if capital were perfectly
mobile and Canada were such a small part of the
world economy that events here had minimal effects
upon rates of return earned elsewhere, then the aftertax return to equity capital would have to be the same
both in the presence and the absence of the corporate tax. (Otherwise capital would leave the country
until the reduced level drove returns up to the world
level.) But this implies that the money to pay the tax
must come from the tax being shifted forward onto
consumers in higher prices and/or back onto input
suppliers (e.g., wages) in lower prices. (This is typically
effected in part by abandoning investments which fail
to earn enough to cover the required minimum return
plus the tax.) From this point of view, the corporate
income tax is, in fact, largely a mix of a sales tax and a
wage tax, rather than a tax on capitalists!
Some critics of the corporate income tax have suggested that there may still be two valid reasons for the
tax, though one might ask whether special taxes rather
than a general corporate income tax might not be a
better means. The first reason relates to returns accruing to foreign capital since shareholders in foreign
countries are not subject to Canadian personal income
taxes. The second relates to that portion of profits
in excess of the ‘normal profits’ to owners of equity
capital. This would include, for example, monopoly
profits, short-term high profits and (most importantly
in the case of petroleum) any economic rents from
mineral production. From an ‘ability to pay’ view of
taxation, such rents are a particularly attractive tax
base, for reasons clearly discussed in Section 1 of this
chapter. The Carter Commission favoured a complete

integration of corporate and personal income taxes to
avoid any double taxation, and the favourable treatments of capital gains and dividend income in the
personal tax code have moved the Canadian system in
that direction.
Depletion Allowance. Accepting the existence of
a corporate income tax, further controversy was
aroused by the depletion allowance accorded to mineral industries. Some flavour of this debate in the
United States can by found by reading McDonald
(1963, 1970). For Canada, see the studies for the Carter
Commission by Bucovetsky (1964) and Burton (1966).
Most economists were not convinced by the argument that, since it was necessary to allow companies
to deduct from their revenues an allowance for the
declining value of all their capital assets (a capital
consumption allowance or CCA), and the oil or gas
pool was obviously the most important asset of petroleum companies, there should be a special allowance in
addition to the usual CCAs. Companies were already
allowed to deduct the capital expenditures necessary
to find and develop the pool. If taken literally, the
argument would say that economic rents from petroleum deposits (i.e., the ‘value’ of the asset) should not
be taxed at all, even though economic rents are usually
viewed as a very attractive tax base.
Hence debate about the depletion allowance
shifted to arguments about whether there were specific
characteristics of the petroleum industry that justified
special tax treatment. Discussion followed two broad
paths, the first whether the corporate income tax itself
discriminated unduly against the oil industry and the
second whether there were externalities in oil production that justified a tax incentive. Along the first
stream, proponents of the depletion allowance argued
that the high capital intensity of the oil industry, its
reliance on equity financing, and the high degree of
risk meant that the corporate tax fell particularly heavily on the petroleum industry and that the necessity
of passing on the resultant high income taxes would
generate a contraction in the petroleum industry
relative to other sectors of the economy. Opponents of
the depletion allowance pointed out that many other
industries are also risky and that there are numerous
ways in which companies may share or spread risk in
petroleum investment. Several studies of stock market
prices, using the ‘capital asset pricing model’ (CAPM)
of efficient capital markets, suggest that oil companies, particularly smaller crude producers, do seem to
require a somewhat higher rate of return than many
other industries reflecting somewhat greater undiversifiable risks in crude oil investment (Quiran and
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Kalyman, 1977; DataMetrics, 1984). However, Cairns
(1985) argues that risk arguments for preferential taxation of resource industries have little justification.
The CAPM suggests that in a well-developed
economy, with extensive and well-functioning capital
markets, opportunities exist for risk-averse investors
to diversify their portfolios. For example, they may
invest in many different projects or put their funds
into mutual funds where their money is pooled with
that of many other investors and spread over many
ventures. Thus, for example, the risk of finding no oil
on a wildcat well can be reduced if a large number of
wells are drilled at a variety of locations. A large company may be able to do this by itself; a smaller company may accomplish the same thing by entering into
joint ventures with other oil explorers. If individual
investment risks can be offset by combing the investment with a larger portfolio, then risk-averse investors
do not require extra compensation for the risk of their
specific projects. Only risk that cannot be so diversified will require a risk premium.
The second line of argument proposed special tax
incentives for the petroleum industry in order to generate additional net social benefits in the form of corrected externalities such as greater national security or
increased economic activity in petroleum-producing
regions. Critics, in turn, pointed out the contradictory
aspects of national security arguments (e.g., greater
production now uses up resources more quickly,
thereby running the risk of increasing later dependence on imports) and questioned any plans to stimulate further reserve additions when prorationing was
already holding oil capacity out of production and
reserves to production ratios for natural gas were so
high. Some proponents of special tax treatment for
mineral industries argued that they were justified
on grounds of both efficiency and equity since other
major Canadian industries already obtained government support in such forms as subsidies or price
supports (for some agricultural goods) and high tariffs
(for some manufacturers, as initially adopted in John
A. Mcdonald’s National Policy of the 1870s).
The effectiveness of the depletion allowance was
also questioned. For one thing, the tax deduction
accrued as a result of past activities (i.e., those generating current revenue) and so were not obviously tied
to current exploration and development investment.
In fact, by reducing taxable income, current investment made it more difficult for companies to claim the
depletion allowance. In a similar manner, the depletion allowance was less valuable to companies that
had not yet moved into a taxable position and more
valuable to older, established, and larger producers,
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especially those with downstream income against
which the depletion allowance might be claimed.
These larger, vertically integrated companies typically
had significant foreign ownership as well.
It is hardly surprising that the debate over the
depletion allowance became highly politicized.
Consumer and taxpayer groups, and political representatives from constituencies where such interests
predominated, generally expressed opposition, while
mineral industry groups and most spokesmen in
regions with good mineral prospects offered support.
Our general view is that neither side convincingly
proved its case in economic terms but that cases for
special treatment of one group should be soundly
founded before they are enshrined in the tax code.
In any event, in the early 1970s, the effective rate of
corporate income tax on the crude petroleum industry
was low. (That is, the ratio of taxes paid to reported
profits was low.) In part, this reflected the depletion
allowance provision, which, by itself, reduced the
effective rate of taxation by a third. In part, the low
rate was misleading, simply reflecting anticipated conditions in a capital-intensive industry that had been
growing rapidly so that much of the expected income
tax to be paid was deferred to a later date when revenues would exceed deductions. Another reason for
low income tax payments (though not for a low effective rate) was the deductibility of rentals, royalties, and
bonus bids as an expense. Bonus bids, in particular,
tend to eat up anticipated pre-tax profits, if they are
deductible. (Consider for example a company facing a
33⅓% corporate income tax, and looking at a project
with an expected before-tax profit of $1 million. The
after tax profit, then, would be $666,667. What is the
maximum amount the company would be willing to
bid? The answer is not $666,667, but $1 million, with
zero income tax anticipated.)
Volume 4 of the Carter Commission Report, in
1966, had reviewed arguments about the depletion
allowance and pretty much accepted Bucovetsky’s
(1964) conclusion that the allowance was not warranted. The commission therefore recommended that
the depletion allowance be phased out. It also recommended that both development expenditures and
bonus bids (and other costs of acquiring a petroleum
property) should be subject to capital consumption
allowances spread over time, rather than deducted
immediately. The petroleum industry reacted vociferously to these proposals. In fact, many of the Carter
Commission proposals were extremely controversial,
so much so that no major changes were immediately
forthcoming in the tax code. The provisions with
respect to the oil industry finally introduced in the

1971 budget announced that the net depletion allowance would be replaced in 1976 by an ‘earned depletion allowance’ of one-third of intangible exploration
and development expenditures (subject to a ceiling of
33 1/3% of net income); acquisition costs of properties (e.g., bonus bids) would not earn depletion, nor
would depreciable assets as compared to the intangible
development expenses.
The result of these tax provisions was that, up to
1972, Ottawa earned little revenue from the crude petroleum industry, compared to Alberta or the oil companies. It is difficult to determine the rent shares for
the three parties (Ottawa, Alberta, and the oil companies) and even more difficult to decide what ‘fair’
shares would be. We will return to these issues below.

B. 1973–1985

1. 1973–1980
The explosion in international oil prices beginning
in 1973 detonated the latent federal concerns about
Ottawa’s share of petroleum rents. At one level, the key
policy issue was the precise meaning of the objective
of fairness or ‘equity.’ It can readily be appreciated
that not all Canadians would exhibit the same preferences. The industry was inclined to argue that its
efforts and willingness to bear risk should guarantee
it a significant share of any unanticipated profits.
Moreover, the logic of decision-making under uncertainty implied that it was only fair that the industry be
allowed to earn above-normal profits if they accrued
as a result of a favourable state of the world which
had been seen as possible but given a probability of
occurrence smaller than one; after all, this was the
meaning of risk-sharing. Governments, on the other
hand, saw large sums which had to be unexpected
windfalls. (They might also have argued that it would
have been a foolish company indeed that did not
factor higher expected taxes into any scenarios based
on these high price levels.) However, Ottawa and
Edmonton would not necessarily agree on how any
extra revenues going to government should be divided between them. Edmonton saw the resources as
a part of the provincial wealth, a status recognized
in the BNA Act (as amended, in 1930), and particularly so for the provincial Crown land. Ottawa, on
the other hand, recognized provincial primacy but
saw the resources as a part of the natural heritage of
the larger Canadian community. Ottawa also viewed
its position as unfairly weak by virtue of the chance
historical development of petroleum tax regulations.

The federal share of revenues was very low as a result
of the provincial tax treatment accorded the industry, where the main provincial fiscal tools (royalties
and bonuses) pre-empted the federal tax base. Large
revenue increases for the petroleum-producing provinces also had implications for Ottawa’s expenditures,
as the equalization payments to ‘have-not’ provinces
depended on average revenue receipts of all provinces.
Hence, sharply rising payments to the western provinces, as petroleum prices increased, left petroleum
receipts by Ottawa largely unchanged, while generating expenditure obligations to Ottawa under the
equalization program.
We have noted that the oil price controls, which
began in 1973, can be seen, at least in part, as one of
the federal responses to the rent-sharing problem.
These applied across Canada and can be seen as a
combined gross production tax (or royalty, which
reduces the gross revenue to producers) and consumption subsidy. (As was discussed, this policy also
drove the government to introduce an export tax on
oil to ensure that U.S. consumers paid the OPEC price;
the government also decided to subsidize oil use for
consumers who purchased imported oil.)
Ottawa also moved on the tax front. The
November 1974 budget of the newly re-elected Liberal
government under Pierre Trudeau re-introduced
a number of proposals from the May 1974 budget
that had not passed Parliament prior to dissolution.
It brought in earned depletion at once (instead of
delaying until 1976), and imposed a ceiling of 25 per
cent of net income (instead of 33⅓%). Intangible
development expenditures were now to be treated as
depreciable expenditures, written off on a 30 per cent
declining balance basis; land acquisition costs such
as bonus bids were also to be depreciated in this way.
These changes could be argued to reduce somewhat
the special tax status accorded the petroleum industry,
and to make the main remaining stimulus – the depletion allowance – more directly related to the increased
activity it was designed to encourage. The government may have viewed these changes as desirable in
themselves or may have felt that special status was less
necessary as oil and gas prices rose.
A second avenue of change in the 1974 budget
was far more controversial; it was aimed at curbing
somewhat the ability of the provinces to appropriate entirely the federal corporate income tax base.
Royalty payments to provincial governments would
no longer be deductible as an expense. The measure
was designed largely to ensure a federal tax share
in additional profits resulting from future price
rises. Since it would mean an immediate rise in the
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petroleum industry’s tax payments, even at low oil
prices, Ottawa also moved to reduce the federal tax
rate on petroleum profits by about 20 per cent. (The
nominal corporate income tax rate of 50 per cent
was already cut back by 10 percentage points as an
“abatement” to the provinces for their own corporate
income tax; a further 10 percentage points were now
allowed on oil and gas production profits. The abatement was 15 points for tar sands mining projects.) In
June 1975, this abatement procedure was replaced by
a new deduction in calculating taxable income; this
was a “Resource Allowance” equal to 25 per cent of net
oil and gas income, defined as revenue less operating
costs and capital consumption allowances, but not the
depletion allowance, the intangible exploration and
development costs, or interest payments. (As noted
above, the Government of Alberta had responded
in December 1974 with a “royalty tax deduction” to
reduce the industry’s royalty payments by an amount
equivalent to the provincial corporate income tax
receipts derived from royalty revenues.)
The combined effects of price controls, higher
provincial royalties, and the non-deductibility of royalties for the federal corporate income tax allowed
governments to capture significant shares of the
much-larger petroleum rents due to rising world oil
prices. However, the new measures raised concerns
that the real after-tax return to new exploration
and development was no higher than it had been
in the early 1970s. As was discussed above, Alberta
responded to this with royalty regulations that set
lower rates for “new” oil and gas and royalty credit
schemes, including a variety of exploration incentive
programs. Ottawa also responded with an investment
tax credit of 5 per cent of tangible asset expenditures
(June 1975 and March 1977) and a higher additional
depletion allowance for very high-cost wells (two
thirds of the cost of a well in excess of $5 million)
(May 1977). (The latter was called “superdepletion” by
some, and the “Dome” allowance by others, since it
would apply only to the very high-cost wells drilled in
frontier areas like the Arctic, where Dome Petroleum
was particularly active. Dome Petroleum was widely
viewed as one of the few Calgary oil companies to
have particularly close ties to the federal Liberal party!
The federal government had an obvious interest in
spurring development on federal Crown lands.)
Then, beginning in late 1978, the second international oil price explosion began. This overlapped
with federal elections, including the replacement of
the Liberal government with a minority Progressive
Conservative government under Joe Clark, a government defeated in the House of Commons in
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December 1979 in a vote on the budget. Alternative
energy policies were a major election issue, with the
Liberals formally defending the “made-in-Canada”
pricing policy that they had been following since 1973.
(See Chapter Nine, on oil prices. It should be noted
that the Clark government had reached an agreement with Alberta on oil and gas price increases but
with Canadian oil prices still held below world levels.
Amongst the numerous books covering this period
are Simpson, 1984, Foster, 1982, and Doern and Toner,
1985.) In April 1980, the newly elected Liberal majority government implemented several measures from
the defeated Clark government budget, including
adoption of a 10 per cent declining-balance capital
consumption allowance for bonus bids and other
land-acquisition costs.
Then the government launched the National
Energy Program as a part of the October 28, 1980,
federal budget.

2. The NEP: 1980–85
The complex petroleum pricing provisions of the NEP,
with its many modifications, were already discussed
in Chapter Nine. The tax provisions related to three
main objectives: generating revenues for Ottawa, furthering Canadianization of the industry, and encouraging the discovery and development of new oil and
gas reserves.
a. Incentives

The incentives included the introduction of a new
incentive program based on subsidies, rather than
reduced taxes as before, combined with reductions
in the depletion allowance. The depletion allowance
on development expenditures would be eliminated
immediately (except for “integrated oil sands projects, enhanced recovery projects and heavy crude oil
upgrades,” which still qualified for a 33⅓% allowance;
NEP, p. 39). The depletion allowance on exploration
would be retained for “Canada Lands” (i.e., areas
of federal Crown land, mainly the frontiers in the
north and offshore); earned depletion on exploration
expenditures would be phased out over four years
for other areas, including provincial Crown and freehold land.
The new subsidies came in the form of the
Petroleum Incentives Program (PIP), with grants that
varied depending on the type of activity (exploration
or development), the location of activity (Canada
Lands or not), and the ownership of the company
(Canadian ownership ratio [percentage] or COR): the
grants varied as a percentage of expenditure from 0 to

80 per cent and were higher on Canada lands, higher
for exploration expenditures, and higher for companies with greater Canadian ownership. On “provincial
Lands” (provincial Crown and freehold), no grants
were available to companies with less than 50 per cent
COR. Exploration expenditures received a PIP of 15 per
cent (rising from 0 per cent in 1981 to 10 per cent the
next tax year as depletion was phased out) for companies with a COR between 50 and 75 per cent. If COR
was over 75 per cent, the grant rose to 35 per cent of
expenditures. For development (including tar sands
projects, crude oil upgrades, and tertiary oil projects),
the PIP rate was 10 per cent for COR between 50 and
75 per cent, and 15 per cent if COR exceeded 75 per
cent. (Remaining depletion allowances applied to
expenditures net of the PIP grants.)
b. New Federal Taxes

The NEP introduced a Petroleum and Natural Gas
Revenue Tax (PGRT), a Natural Gas and Gas Liquids
Tax (discussed in Chapter Twelve), a Canadian
Ownership Charge (COC), and a Petroleum
Compensation Charge (PCC). The last two (previously discussed in Chapter Nine) involved additions
to field prices in obtaining delivered prices of crude.
In brief, the COC was developed to help cover the
costs of acquisition for Petro-Canada as it expanded
by purchasing assets from other companies; the PCC
passed on to Canadian consumers the costs involved
in buying higher-priced oil in the form of imports
and tar sands output and were an essential part of the
‘blended’ oil price system. It will be recalled that there
had also been in place, since 1973, an oil export charge
to capture the difference between Canadian border
prices and the value of oil in the United States as set by
world prices. The NEP announced that oil export tax
revenue would be split equally between Ottawa and
the provinces.
The PGRT was “set at a rate of 8% of net operating revenues related to the production of oil and gas,
including income from oil and gas royalty interests.
Deductions such as those for exploration and development expenditures, capital cost allowances, and
interest, will not be allowed” (NEP, p. 38). The PGRT
would not be deductible in calculating income taxes.
The PGRT was a slightly modified version of a gross ad
valorem royalty, modified in that it allowed the deduction of operating costs (other than royalties).
Alberta’s reaction was immediate and negative.
Two days after Ottawa introduced the NEP, Premier
Lougheed announced cutbacks in conventional oil
production (a total of 180,000 b/d, to be implemented
in three stages from November 1980 to July 1981) and

the cessation of any approval for new tar sands projects. These steps clearly demonstrated Alberta’s priority over natural resources but, in practice, led mainly
to reduced revenues for the province and allowed
Ottawa to complain about the increased cost of higher
oil imports.
Negotiations led to the September 1, 1981,
Memorandum of Agreement between the two governments. Alberta agreed to maintain its existing royalties
and incentive programs and “not to adjust or modify
its current royalty and freehold tax system so that it
will generate more revenue for the Government of
Alberta than continuance of the system now in effect
would yield” (p. 13). Alberta also took over administration and payment of the PIP grants in Alberta
(p. 16). Ottawa’s PGRT was maintained, with the PGRT
rate increased to 16 per cent, but subject to a further deduction, a “Resource Allowance” (p. 10); the
Resource Allowance was to be 25 per cent of production revenues, in effect reducing the PGRT rate to 12
per cent (p. 17). In addition, Ottawa was to introduce
a new tax, the Incremental Oil Revenue Tax (IORT),
“at a rate of 50% on incremental old oil revenues after
deduction for the related Crown royalties” (p. 10). Old
oil was that “from a pool initially discovered prior to
January 1, 1981” (p. 2) but excluding oil revenues in
“old” pools that came from additional EOR schemes,
other than water flooding, after the end of 1980. The
incremental revenue to which the tax applied was the
increase in old oil revenue (under the Memorandum)
above that generated by the October 1980 NEP price
schedules; as noted, incremental royalties, but not the
PGRT, were deductible from this incremental revenue
(pp. 17–18).
It will be recalled that international oil prices
did not rise as quickly as projected in the NEP or
Memorandum, and frequent modifications were made
in the NEP provisions. Some changes occurred in
the 1982 NEP Update. The IORT, which began at the
start of 1981, was suspended after May 1982 (p. 74). In
addition, the PGRT rate was reduced for one year to
14.67 per cent (effectively 11 per cent after the resource
allowance) (pp. 74–75). In addition, companies were
allowed a $250,000 PGRT credit (p. 74); this was raised
to $500,000 at the start of 1985. In the 1983 budget, the
PGRT was waived on EOR projects that were granted
provincial royalty relief, up to the time of recovery of
all expenditures that qualified for earned depletion.
c. Impact of Regulations

Two issues should be discussed: the effect of the federal tax regulations in terms of economic efficiency,
and their impact upon rent sharing (which might be
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labelled an ‘equity’ matter). The two issues are, in fact,
interdependent, just as the tax provisions of the NEP
are interconnected with the pricing regulations.
The complexity of the federal tax laws can, at
one level, be viewed in the same way as the increasingly complex pricing provisions of the NEP. Policies
designed to capture some of the gains from higher
international oil prices – controlled domestic prices
and the PGRT – offered disincentive effects to incremental investment that called forth new incentive
measures – higher prices on “new” oil, the PIP grants.
The PGRT was subject to particular criticism. Watkins
and Scarfe (1985) remark that its impact on well abandonment was probably small, since operating costs
(but not royalties) were deductible, but that it had a
disincentive effect on exploration and development
since these costs were not. PIP grants, like depletion
allowances, are a rather blunt instrument for stimulating investment, since they are available to all eligible
projects, even if the project is one that would have
been undertaken in the absence of the incentive program. (We would note that a part of any ‘excessive’
subsidy maybe transferred to landowners through the
bonus bidding process.) These programs may exist to
offset inefficiency in the rent-collection system, but
economists frequently argue that it would be preferable – both more efficient and cheaper in administration costs – to have a tax in the first place that is
efficient. The preferred alternative is a profit-based tax,
rather than a gross royalty or close-to-gross royalty
like the PGRT.
It is also evident that the PIP grants, ‘superdepletion,’ and revised earned depletion provisions were
discriminatory since they offered higher return to
investment on Canada Lands and by companies with
higher Canadian ownership. How the Canadianization
provisions will be viewed is of course a function of
how sympathetic one is to the underlying objective.
Canadian firms did expand during this time period
relative to foreign-owned ones, though part of this
came through the acquisition activities of PetroCanada. The extra incentive to invest on Canada
Lands (or in ventures like tertiary recovery projects,
which received special tax or price treatment) would
tend to generate excessively high costs for petroleum
to the extent that funds flowed to these projects rather
than lower-cost more-conventional projects, which
did not have the same advantages.
The actual rent-distribution impacts of the overt
control period are more difficult to assess. In part, this
is because there are no firm criteria for evaluating the
fairness of rent divisions: Ottawa and Alberta, citizens
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of Calgary and those of Halifax, shareholders in oil
companies, and self-employed truckers may well have
quite different ideas of what is ‘fair.’ It certainly seems
true that the Government of Alberta relied strongly
on its constitutional ownership of the resource base
as support for a large provincial share, while Ottawa
stressed the communal nature of the Canadian federation and the extreme and exceptional nature of the
OPEC oil price rises. The companies were inclined
to see both governments as ganging up on them –
sometimes separately (as in the new Alberta royalty
schedules in 1973 and 1974 and Ottawa’s NEP), and
sometimes in tandem (as in the 1981 Memorandum of
Agreement). While accepting that desires about rent
division are likely to differ among various parties, it
seems germane to ask whether there might not have
been some reasonable compromise that would have
avoided the prolonged and bitter fifteen-year battles
of the 1970s and early 1980s and the very complex and
problematic regulatory environment that ensued.
An early interesting suggestion came from Gainer
and Powrie (1975), who noted that it might be useful
to separate Alberta’s policies into those of the mineral
rights owner and those of the provincial government.
If mineral rights were privately owned, the royalty
revenue received by the landowner would be taxable
as income (of the mineral rights owner, of course, not
the oil company). Hence Ottawa, through its income
tax provisions, would receive a share of the increased
value of oil. This result was circumvented in the case
of provincial petroleum land by the constitutional
prohibition of one level of government taxing the
other. An agreement between Edmonton and Ottawa
might have been reached in the mid-1970s, after the
OPEC oil price rises began, with the problem resolved
as follows: investment incentives are no longer needed
at these prices (depletion goes); provincial royalties
should not be deductible in calculating income taxes;
and any new taxes on the industry should be shared in
the same proportion as these arrangements implied.
For example, if the corporate income tax rate were 50
per cent, with four-fifths going to Ottawa, and if the
Alberta royalty took 40 per cent of any increase in
price, then of every $1 rise in price, 50 per cent would
go to Alberta, 40 per cent to Ottawa and 10 per cent
to the industry. (Edmonton’s share would be higher
and the industry’s lower to the extent that firms’ bonus
bids on new projects increased; Ottawa’s share would
also be lower since bonus bids were deductible for
income tax purposes.) However, it should be emphasized that, while this proposal might meet some
views of fairness, it has the effect – already noted

above – of increasing the significance of the royalty.
(In the example, the royalty is effectively raised by the
income tax rate of 50 per cent.) But gross royalties
are not an efficient means of collecting economic rent
because of their inhibitory effects on investment and
production. In addition, Boadway et al. (1983) note
that the Gainer/Powrie approach of treating provincial
resources as if privately held is only one way of viewing the fairness of regional taxation shares; they also
argue that the Gainer/Powrie suggestion fails to give
adequate weight to the legal basis for the allocation of
resource property rights and equalization payments
in Canada.
The impact of the federal tax initiatives on the
sharing of economic rent is difficult to assess precisely.
The issue at hand is not the distribution of the current
year’s petroleum revenue amongst industry, Ottawa,
and the provincial governments. Economic rent refers
to the present value of the future stream of revenues
in excess of costs. Hence it is necessary to allocate
some portion of past expenses to future output so that
quasi-rents are not included in the measure of profits.
Even more difficult is the task of estimating the future
profits that are to be shared; those depend on uncertain future prices. And the amount of economic rent,
and its shares, will also change as the level of industry
activity changes.
Three approaches were used to estimate the
impacts of the various royalty, tax, and pricing provisions of the overt control period. The first looked at
total industry revenue (or revenue less certain costs)
and asked how this revenue was divided amongst
the two levels of government and industry. The
second approach defined specific petroleum investment projects and assessed how actual or proposed
fiscal regimes affected project profitability. The third
approach was conceptually most appealing, but by far
the most complicated; it involved the construction
of a detailed model of the entire petroleum industry,
and then simulating the overall effects of alternative
fiscal regimes.
The first approach was used in many of the government documents issued during the overt control
period. For example, in the 1980 NEP, the government
focussed on the sharing of “oil and gas production
income” (p. 13), noting that Ottawa’s share had been
very low, though rising from 5.3 per cent in 1972 to 8.8
per cent by 1977. (The industry share fell from 69.2%
to 40.7% while the provincial governments’ increased
from 25.5% to 50.5%.) Under the NEP, it was estimated
that the federal share of revenues would rise to 24
per cent for the years 1980–83, with the industry at

33 per cent and the provinces at 43 per cent. (Since
industry would have to pay costs out of its revenues,
so rent is less than ‘production income,’ this clearly
understates the government shares of rent and overstates the industry’s.) Under the Memorandum of
Agreement of September 1981, revenue shares were
estimated for the 1981–86 period at 25.5 per cent to
Ottawa, 44.3 per cent to Alberta and 30.2 per cent to
the industry (p. 22). Modifications of the forecasts
in light of lower oil prices in the NEP Update 1982
gave shares for the 1981–86 period of 19.3 per cent
for Ottawa, 28.4 per cent for the provinces, and 52.3
per cent for the industry (p. 77, with operating costs
included, as in the Memorandum, to give consistency
with the previous shares). The sharply reduced government share reflects both the lower oil prices (to
which provincial royalties and the PGRT are very
sensitive) and also the increased incentives to the
industry, which began after 1981. It is important to
realize that these shares underestimate the government rent shares for two reasons: as noted above, there
is no allowance for costs, and the impact of the policy
of holding prices below world levels are not included
in the analysis. The Update estimated that industry
revenues would be some 31 per cent higher over the
1981–86 period if international pricing set petroleum
values. This benefit of holding oil prices down accrued
to all Canadian consumers, including those in the
petroleum-producing provinces. (As indicated above,
the price-control policy was equivalent to a royalty on
oil production and a subsidy to oil consumption.)
A second approach to gaining a handle on the
rent-sharing complexities of the various federal and
provincial energy policies was to analyze specific
petroleum investment projects. These might be either
hypothetical new investment projects or some sort
of hybrid average project. One way to do this was to
examine ‘netbacks’ on oil projects, where the netback
was usually defined as the price after taxes and royalties. The results, under the NEP, hinged on the taxation status of the producer, as well as on the extent of
Canadian ownership (if PIP grants were considered).
The June 1982 NEP Update, for instance, estimated
1982 netbacks for a ‘large producer’ (‘small producer’)
at $6.57/b ($10.75/b) on oil classified as ‘old’ under
Alberta royalties, $10.57/b ($14.78/b) for ‘new’ oil (post
April 1, 1974 under Alberta regulations), and $17.04/b
($25.89/b) for NORP oil (p. 80). Wilkinson (1984,
p. 61) shows actual and projected netbacks from 1975
to 1986, drawn from Scarfe and Rilkoff ’s work (1984).
He reports netbacks on old oil for a large producer
starting at $5.23/b in 1975, hitting $6.49 in 1980, then
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falling to $4.20 in 1981, and recovering to $5.88 in 1982.
The values on new oil for a large producer show more
improvement ($6.52/b in 1975; $8.53/b in 1980; $7.20
in 1981; and $9.35 in 1982). These are all in nominal
dollars, so make no allowance for inflation from 1975
to 1982. It is clear that the rise in netbacks is much
smaller than the increases in the world oil price.
But such netbacks are just a preliminary step on
the way to calculating project rent shares: project costs
must be incorporated, and future prices and taxes
included. (It should be noted that such calculations,
if based on the price forecasts of the various NEP
documents, would turn out to considerably overstate
revenues and any taxes [like the IORT] closely tied to
revenue gains; this is because the NEP was wildly optimistic in its oil price forecasts.) Numerous such analyses were undertaken by governments, industry, and
private researchers. Examples include DataMetrics
(1984), Copithorne et al. (1985), MacFadyen et al.
(1985) and Kemp (1987; see especially the discussion
by Watkins, 1987b).
By way of illustration, the studies by Copithorne,
MacFadyen, and Bell simulate the distribution of
economic rent for two different size oil pools under
a number of different prices and fiscal regimes. One
pool was labelled ‘prolific.’ It had an assumed total
exploration cost of $53 million, and contained fifty
identical wells with drilling costs of $1.1 million each
and operating costs of $53,500/well/year; each well
had an initial output rate of 175 b/d (27.8 m3/day) and
an annual exponential decline rate of 10 per cent.
(All dollar values are in 1982 Canadian dollars.) The
‘modest’ pool also held 50 wells declining at 10%/
year, but with a much lower initial output rate of 60
b/d/well and lower costs ($26 million in exploration,
development costs of $937,000/well, and operating costs of $44,500/well/year). Ten different fiscal
regimes were considered, as were three different prices
($135, $270, and $405/m3). The project was assumed,
for corporate income tax purposes, to be entirely
equity financed, and investors were assumed to be in
a taxable position for the corporate income tax. Total
economic rent at a 15 per cent discount rate, and the
division of the rent amongst companies, Ottawa, and
Alberta were calculated for each of the sixty cases (two
pools times three prices times ten fiscal regimes). At
the lowest price of $135/m3 (about $21.50/b), which is
most representative of crude oil prices immediately
after 1985, the prolific pool had a total profit (economic rent) of $167 million; profit for the modest pool
was $16 million.
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Table 11.3 summarizes rent shares at this lowest
price for the two pool types under six different
fiscal regimes:
(i)
(ii)
(iii)
(iv)
(v)

(vi)

The Canadian corporate income tax with a
47% rate (using tax provisions as of 1985);
Fiscal regime (i) plus the 1973 Alberta ‘basic’
royalty;
Fiscal regime (ii) plus the Alberta ‘supplemental’ royalty for ‘new’ oil (using the 1981
values for the royalty factor and ‘Par Price’);
Fiscal regime (ii) plus the Alberta ‘supple
mental’ royalty for ‘old’ oil;
Fiscal regime (iv) plus non-deductibility
of royalties for the federal portion of the
corporate income tax (including the ‘Resource
Allowance’ as introduced in 1975); and
Fiscal regime (v) plus the PGRT and PIP grants
as in the 1981 Memorandum of Agreement.

In the table, the italicized values are the cases in which
the after-tax expected profit is negative, so that one
would anticipate that the project would not be undertaken and no rents would actually accrue to governments. (Data from MacFadyen et al., 1985, p. 131.)
Comparing fiscal regime (i) to regimes (ii), (iii)
and (iv), it is easy to see the effect of provincial royalties in reducing the federal tax base. Similarly, comparing regime (iv) to regime (v) and (vi), the recovery
in Ottawa’s share with non-deductibility of royalties
and the PGRT is evident. The basic corporate income
tax and the Alberta 1973 ‘Basic’ royalty left a high rent
share with the private investor (over one-third of the
rent in the case of the prolific pool); hence the move
by governments to increase rent shares as the oil price
rose in the early 1970s. However, the table also makes
clear the dangers of a high reliance on royalties or
near royalties like the PGRT. Otherwise, profitable
pools may be made uneconomic, in which case companies will be unwilling to invest, and no payments
will accrue to governments, as was the case under all
royalty regimes for the ‘modest’ pool.
Kemp’s (1987) analysis was similar. It involved two
steps. The first looked at ‘rental’ shares under three
different fiscal regimes (pre-NEP [1979], NEP [1984],
and post-NEP [1986]) for the half-cycle economics
(excluding exploration costs) for three Alberta oil
pools of different size. Three different investment cost
levels are considered, as are four different oil price
forecasts: (i) $27/b, (ii) $27/b rising at 2% per year,
(iii) $27/b falling at 3% per year, and (iv) $17/b for

Table 11.3: Rental Shares for Two Hypothetical Alberta Oil Pools Under Six Different Fiscal Regimes (Copithorne,
MacFadyen and Bell) (%)
A. Prolific Pool
(i)
(ii)
(iii)
(iv)
(v)
(vi)

Corporate Income Tax (CIT)
CIT and Basic Royalty (BR)
CIT, BR and Supplemental Royalty (SR) (‘new’ oil)
CIT, BR , SR (‘old’ oil)
CIT, BR, SR (‘old’) royalties non-deductible for federal CIT (ND)
CIT, BR, SR, ND and PGRT and PIP grants

B. Modest Pool
(i)
(ii)
(iii)
(iv)
(v)
(vi)

Corporate Income Tax (CIT)
CIT and Basic Royalty (BR)
CIT, BR and Supplemental Royalty (SR) (‘new’ oil)
CIT, BR , SR (‘old’ oil)
CIT, BR, SR (‘old’) royalties non-deductible for federal CIT (ND)
CIT, BR, SR, ND and PGRT and PIP grants

Notes:

Companies

Ottawa

Alberta

52.1
33.0
23.6
11.8
(1.7)
(4.0)

36.6
23.7
17.4
9.6
22.9
37.4

11.3
43.3
59.0
78.5
78.8
66.6

Companies

Ottawa

Alberta

43.2
11.6
(3.1)
(22.7)
0.3
60.2

11.7
89.0
126.4
174.2
175.8
103.7

45.1
(0.1)
(23.3)
(51.5)
(78.9)
(64.0)

Assumes an oil price of $135/m3.
A value in parenthesis indicates a loss (negative rent share).

1986 and $20/b after (all prices are in real dollars). On
the basis of this information, Kemp could calculate
revenue and costs, including tax payments for many
different cases. (There are 108 cases: a three [fiscal
regimes] times three [pool types] times three [cost
conditions] times four [oil prices] design.) The lowest
volume oil pool was generally uneconomic, even at
the $27/b price, so only the other two pool sizes are
shown. Table 11.4 reports the shares of ‘profits’ (or
Net Present Value or ‘economic rent’) accruing to the
companies, Ottawa, Alberta, or consumers at a 10
per cent real discount rate, assuming a $27/b price,
and for various combinations of type of pool, level of
development cost, and fiscal regime. (The numbers
are approximations, since they have been read off
graphs in Kemp’s book. Recall that these are based on
half-cycle costs, so make no allowance for exploratory
costs. Some of the rent was captured by consumers
under the pre-NEP fiscal regime since oil prices were
held below world levels, and the world price is taken
as the determinant of oil values. There is not a similar
consumer share under NEP regulations, even though
the average price of oil in Canada was held under the
world price; this is because the pools were assumed
to qualify for ‘NORP’ (the New Oil Reference Price),
which was, essentially, the world price. ‘Low,’ under

NEP, refers to low Canadian content and, hence, low
PIP payments; ‘High’ means high Canadian content
and higher PIP grants.)

Unlike with the MacFadyen, Copithorne, and Bell
pools, none of the fiscal regimes make the higher-cost
pool uneconomic. (But remember that the half-cycle
analysis does not include exploration costs. That is,
if a pool were discovered of the sizes considered by
Kemp, his analysis suggests that the company would
be willing to develop the pool under all four fiscal
regimes.) The output sensitivity of the royalty regimes
and the profit sensitivity of the corporate income
tax are shown by the higher company shares for the
smaller pool than the larger. However, the company’s
rent share tends to become smaller as pool development costs rise. (Kemp and Watkins call this a ‘regressive’ feature of the fiscal regimes.) Higher Canadian
ownership raises the company share marginally in the
NEP cases; the effect is small because in Alberta the
PIP grants associated with development were small.
The table makes clear the dramatic impact of the NEP
in increasing Ottawa’s share of the economic rent, at
the expense of the company. Finally, it is noteworthy
that the company’s share of rent is higher under the
post-NEP than the pre-NEP (1979) regulations. Since
Ottawa’s share is also slightly higher, one might think
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Table 11.4: Kemp’s Rental Shares under Different Cost Conditions and Fiscal Regimes (%)
A. LARGE POOL

B. SMALL POOL

Fiscal Regime and
Rent Recipient

Low
Cost

Medium
Cost

High
Cost

Very High
Cost

Very Very
High Cost

Low
Cost

Medium
Cost

High
Cost

Very High
Cost

Very Very
High Cost

Pre-NEP:

30
39
23
8
15
42
43
17
41
42
39
36
25

29
40
23
8
14
42
44
17
41
42
39
36
25

28
41
22
9
13
44
43
16
42
42
39
36
25

26
43
22
9
10
45
45
13
43
44
36
39
25

23
47
21
9
8
50
42
9
45
46
31
42
27

38
32
23
7
20
36
44
20
35
45
49
25
26

37
33
22
8
20
36
44
19
35
46
48
26
26

36
34
22
8
21
37
42
18
36
46
48
26
26

31
38
21
10
15
41
44
16
38
46
45
30
25

25
44
21
10
6
50
44
10
40
50
40
37
23

Company
Alberta
Ottawa
Consumers
NEP (Low): Company
Alberta
Ottawa
NEP (High): Company
Alberta
Ottawa
Post-NEP:
Company
Alberta
Ottawa
Notes:

‘Low’ and ‘High’ refer to COR (Canadian Ownership Ratio).
Price of oil is $27/b.

that all of the increase in private share came at the
expense of Alberta. However, a significant part of the
higher corporate share can be seen to have come from
the removal of price controls; these reduced benefits
to consumers should be seen as a reduced rental share
for Ottawa. Finally, in comparison to the NEP fiscal
regime, the post-NEP period shows that higher company profits came mainly out of Ottawa’s share.
Overall, it looks as if, during the period from 1975
through deregulation, Alberta maintained a relatively
constant share of the economic rent, while Ottawa
and the companies traded off shares. This accords
with the feeling that many companies seem to have
had in the NEP days that Alberta was more concerned with protecting its petroleum revenues than
it was in fighting Ottawa on behalf of the petroleum
companies. (Note that the Kemp analysis, unlike that
of MacFadyen, Copithorne, and Bell, begins after
Ottawa had increased its petroleum revenues by the
non-deductibility of royalties for corporate income
tax purposes.)
The second step in Kemp’s analysis involves the
addition of the exploration decision. This has three
features: first, the cost of the exploratory effort (geological and geophysical activity and exploratory
drilling) must be considered; second, there is the
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probability that any given exploratory venture will
come up dry; and third, if a discovery is made it could
be small or large. With respect to the third of these
characteristics, Kemp assumes conditional probabilities of discovery for thirteen different possible oil
pools, a mix of three possible pool sizes and five possible cost conditions. (The sum of these probabilities is
one; the smallest pool size is regarded as uneconomic
[‘dry’] in the two highest cost cases, reducing the fifteen possible cases to thirteen.) With respect to the
first of the exploratory factors, Kemp looks at two
cases, a $1 million or a $5 million exploratory program. And for the second, he considers three different
drilling success rates (one in 5, one in 10 and one in
20). Finally, he does calculations for four different
annual discount rates (0, 5, 10, and 15%), and considers
both low and high Canadian ownership under the
NEP. Kemp shows results for many possible cases.
(With two oil prices used [$27/b and a ‘collapsed’ price
scenario of $17/b rising to $20/b], four fiscal regimes
[as in Table 11.4], two levels of exploration cost, three
success rates, and four discount rates, there are 192
possible cases.)
Table 11.5, above, shows the shares of economic
rent going to governments (Alberta and Ottawa combined) at a 10 per cent discount rate for a $5 million

Table 11.5: Kemp’s Government Rent Shares for a $5 million Exploration Program under Four Different Fiscal
Regimes at High and Low Prices (10% discount rate) (%)
A. High Oil Price ($27/b)
Fiscal Regime

Pre-NEP
NEP-Low Canadian Ownership
NEP-High Canadian Ownership
Post-NEP

B. Low Oil Price ($17/b rising to $20/b)

Success Rate
1:5

Success Rate
1:10

Success Rate
1:20

Success Rate
1:5

Success Rate
1:10

Success Rate
1:20

67.7
90.9
85.1
67.5

74.7
105.0
91.4
74.3

122.8
203.0
136.0
121.5

71.5
100.8
89.5
75.1

150.0
149.1
111.1
100.8

0
0
0
0

Note: A value in italics means that governments capture more than 100% of the hypothetical economic rent. Therefore, the private investor would be unwilling to undertake the project and the government would receive no revenue.

exploration program. Results are shown for both
a ‘high’ ($27/b) and ‘low’ ($17/b for a year rising to
$20/b) oil price. It is important to know that no allowance is made for bonus bids, so the Alberta share of
rent would be higher than implied by these numbers.
In Table 11.5, a ‘0’ means that this exploration project
would not be undertaken even if no payments were
made to governments; that is, the before-tax expected
profit is negative. Numbers in italics indicate that
governments would take more than 100 per cent of
the available rent, so that companies would not be
expected to invest under this fiscal regime (and governments would get no revenue).
Once again, the very high shares of rent going
to the government under the NEP are apparent. The
importance of the Canadian content provisions of
the PIP grants are also clear, especially as the success
rate falls (so exploratory drilling expenses are more
significant). It is also demonstrated, once again, that
high fiscal burdens can easily discourage investment.
Comparison of Table 11.4 with Table 11.5 also shows
that what may appear to be a fair and reasonable fiscal
take for governments based on the operating and
development costs of a pool (as in Table 11.4) may well
be excessive when the necessity of exploration is taken
into account (as in Table 11.5).
The third approach to assessing the impact of the
varied Canadian oil industry fiscal regimes from 1973
to 1986 was to build a model of the entire petroleum
industry and simulate the impact of actual and proposed tax, pricing, and royalty changes. Such work
was undertaken by John Helliwell of the University
of British Columbia and a number of academic colleagues. Helliwell et al. (1989) provides an example
of this approach. (For other examples, see Helliwell

and McRae, 1981, 1982; Helliwell et al., 1983; 1986.)
These researchers have built a large-scale model they
call MACE (for Macro and Energy), which explicitly
embeds energy supply and demand behaviour
within a macroeconomic model of the Canadian
economy. While a Canadian model, rather than an
explicitly Alberta model, it does provide results for
the Canadian petroleum industry that are broadly
representative of what one might expect in Alberta (as
the largest petroleum-producing province in Canada).
We will summarize some of the key rent-sharing findings of Helliwell et al. (1989). Here the MACE model
was used to compare five regulatory regimes for the
Canadian petroleum industry. The first is labelled
‘Actual’ and shows the observed historical experience
(with an appended forecast for 1987 to 1990). We shall
consider three of the four hypothetical regulatory
regimes with which they deal:
A ‘Price Deregulation’ case in which historical
fiscal and export policies were the same as the
actual, but Canadian oil prices were allowed to
follow world levels while natural gas prices in
Toronto were set at 85 per cent of the cost of an
equivalent amount of delivered energy in the
form of crude oil;
(ii) A ‘Pre-Reform’ case utilizes the pricing and
fiscal regimes of 1970, prior to the provincial
royalty revisions of the early 1970s and such
federal programs as price controls, earned
depletion (as opposed to 33.33% net depletion),
and non-deductibility of royalties for the
federal share of the corporate income tax;
(iii) A ‘Current’ case, with provisions as of 1987,
after deregulation.

(i)
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Table 11.6: Flow Rent Shares under Four Regulatory
Regimes, 1974, 1981, and 1986 (Helliwell et al.) (%)
1974
Actual
Price Deregulation
Pre-Reform
Current

1981
Actual
Price Deregulation
Pre-Reform
Current

1986

Producers

Provinces

Ottawa

Consumers

5.0
25.0
57.1
42.9

60.0
62.5
41.1
50.0

15.0
25.0
14.3
19.6

20.0
(12.5)
(12.5)
(12.5)

Producers

Provinces

Ottawa

Consumers

12.9
35.5
135.2
58.0

34.7
50.5
46.3
48.2

Producers

Provinces

Ottawa

Consumers

60.0
342.9
2600.0
(71.1)
(152.6)

15.0
71.4
0.0
57.8
73.7

20.0
(171.4)
(700.0)
15.6
36.8

Actual
5.0
(142.9)
Actual
Price Deregulation (1800.0)
Pre-Reform
97.8
142.1
Current

12.9
14.0
(83.3)
(8.6)

39.6
0.0
1.9
2.5

Note: Numbers in parentheses are negative shares, that is, a net loss.
The two italicized cases have a negative total flow rent, with the parenthesized
values showing a positive rent amount.

(In all cases we consider Canadian export
provisions for oil and natural gas are assumed
to hold as they did historically.)
From their model, Helliwell et al. can estimate the
amount of economic rent generated by the Canadian
petroleum industry and the divisions of that rent
amongst interested parties. It must be noted that their
measure of economic rent in this large-scale model is
different from the measure of real (or potential) total
discounted profits on oil projects as utilized by Kemp
and MacFadyen, Copithorne, and Bell. Instead, they
estimate ‘flow rents’ on an annual basis from 1974
through 1990. These flow rents are, in effect, the consumers’ surplus generated by the difference between
regulated and unregulated petroleum prices, producer
profits, and the revenues received by governments
from the petroleum industry. As noted, the MACE
model includes the entire Canadian economy, so it
considers the general level of taxes, including excise
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(sales) taxes and the corporate income taxes generally
paid by industries in Canada; their measures of rent
include adjustments to allow for both of these factors.
For example, unusually high excise taxes on oil would
raise prices, generating losses of flow economic rent
(consumers’ surplus) for consumers. Also, opportunity costs on capital are allowed as a cost for both
private producers and for governments on tax revenue
collected. For details, see Helliwell et al. (1989, p. 193).
Table 11.6 provides estimates of shares in annual flow
rents for three years (1974, 1981, and 1986) in the four
cases noted above. (Numbers are approximate, as
estimated from graphs in Chapter 10 of Helliwell et al.,
1989. Dollar amounts in the model are in real 1971 dollars. The total flow rents in the Actual case were about
$4.0 billion in 1974, $10.1 billion in 1981, and $0.7
billion in 1986. The amount of rent each year differs
in the other cases because changes in the regulatory
climate change the levels of petroleum consumption,
production, and investment. The italicized values are
in cases where the total flow rent from the petroleum
industry is negative; in such cases, a negative share
indicates a positive rent flow.)
The 1986 numbers are difficult to interpret because
the total flow rents were small (leading to large percentages for the components) and negative under
two of the regulatory environments (reflecting the
lower prices in 1986 than 1981 and even, in real 1971
dollars, lower than in 1974). The numbers show that
the pre-reform (1970 regulations) rents to the federal
government were low (the federal share is defined as
that for Ottawa plus consumer rents). In both 1974 and
1981, the rent share actually received by the federal
government was greatly increased from what it would
have been under the 1970 regulations. This increase
was due in large part to the price-control regulations;
for example, in 1981, the federal government share was
52.5 per cent of the flow rents, whereas it would have
been only 14 per cent without the price control regulations. It can also be seen that the current regulations
imply a higher share for governments than the 1970
regulations but leave appreciably more for the industry than did the regulations in the overt control period
(that is, the Actual case).

3. 1985–2010
The March 1985 Western Accord between Ottawa and
the petroleum-producing provinces ushered in the
current ‘deregulated’ environment. The PGRT was to
be phased out over three years, and the IORT, PCC,

COC, and NGGLT were abolished, as was the PIP
grants system. Removal of PGRT was accelerated, with
the tax abolished as of October 1, 1986.
With these changes, the federal government once
again was in the position of obtaining revenue from
the crude petroleum industry largely through the
mechanism of the corporate income tax. It is also
important to recall that under deregulation Ottawa no
longer ‘collects’ a share of petroleum industry (potential) revenues by holding domestic oil prices below the
international level. (We do not consider other features
of the general tax system as federal sales taxes which
apply to input purchases by all industries. We are
also looking at the oil industry in Alberta, so exclude
consideration of federal government regulations on
companies exploring federal Crown land.) Unlike in
the pre-1973 period, the rent-capturing effectiveness
of the corporate income tax was increased since the
depletion allowance had been phased out, and royalty
payments to provincial governments were no longer
deductible as a cost in calculating the income taxes
owing to Ottawa. (Remember that royalties were still
deductible, in effect, for the Alberta government portion of the corporate income tax.) However, the policy
since 2000 of significantly reducing corporate tax
rates has reduced its effectiveness as a tool for capturing economic rent.
Since 1986, with one major exception, the main
changes affecting the petroleum industry have been
the same changes in corporate tax regulations that
affect all industries, as well as occasional modifications in the capital consumption allowance deduction
schedules for equipment classes of special importance
to the petroleum industry. The 2002 federal budget
introduced a significant change, essentially reverting
to the pre-1974 situation, as the Resource Allowance
was removed, and the deductibility of royalties was
re-instated; these changes have been phased in,
becoming entirely effective in 2007.
In 2013, the federal corporate income tax rate was
15 per cent, and it had been falling for a number of
years; the Alberta provincial corporate income tax
rate was 10 per cent. (Small businesses pay even lower
rates.) The reductions in the corporate tax rate were
one of the reasons that the Alberta government share
of economic rent fell after 2000; this contributed to
the royalty modifications discussed above. Mintz
and Chen (2010) find that the ‘effective marginal tax
rate’ for the conventional petroleum industry is lower
than the average rate for corporations, largely due to
favourable capital depreciation provisions. (They also
argue find that the combined income tax and royalty

burden on a marginal investment is higher for petroleum than the industrial average.)

5. Conclusion
Economic rent lies at the heart of the most controversial aspects of Canadian petroleum policies.
Since petroleum is a depletable natural resource,
or, more precisely, since petroleum is a resource of
limited extent and with considerable heterogeneity
amongst deposits, it is to be expected that conventional crude oil and natural gas will earn revenues
in excess of the expenditures and normal return on
capital required to produce them. Since the price
of oil tends to the level required to cover the cost of
the last unit of production needed to meet market
demand at that price (except in price-influencing
OPEC nations), all the units of production with a
cost lower than this marginal unit will earn a profit
(or ‘economic rent’). But this definition just begins
to uncover the complexities attendant to the concept of economic rent. In a world of uncertainty, for
example, it is important to distinguish between the
anticipated (ex ante) economic rent, which stimulates
behaviour, and the actually occurring (ex post) economic rent, which depends on how natural, engineering, economic, and political uncertainties actually
unfold. Further, economic rent may be defined as the
excess of revenues above costs (including as a cost
the risk-adjusted ‘normal profit’ return required on
investment), but it also serves an allocative role. Thus,
the anticipation of such rents is a primary stimulus
to investment. (The suggestion, implicit in the world
of many simple economic models, that $1 of extra
profits is just as motivating as $10 million, does not
ring true.) And anticipated profits across time play a
key role in the scheduling of reserve depletion. More
formally, another component of economic rent is the
user cost (sometimes called ‘replacement cost’) that
typically accrues to even the highest cost unit because
petroleum is a non-renewable resource. This user cost
is an excess of revenue above costs, but it performs an
important allocative role in the intertemporal depletion of oil reserves. For these reasons, there is some
uncertainty about how much of the economic rent
should be left in the hands of the private petroleum
companies in order to ensure economically efficient
resource production.
To these ambiguities must be added those
attached to the key ‘equity’ question: “Which parties
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have claims on the economic rents and in what proportions?” Competing claims might reasonably be
entered by petroleum producers, holders of the mineral rights on petroleum-bearing lands, petroleum
consumers, and governments (on behalf of citizens
and taxpayers generally). In Canada, most mineral
rights are Crown rights, so the mineral rights owner
and government roles are often exercised by the same
party. In the Canadian federal system of government,
claims on the economic rent might be made by one or
both levels of government (i.e., Ottawa or Alberta).
Prior to 1973, when the economic rents from the
petroleum produced in Alberta were relatively small
by later standards, the federal government was willing to exercise a modest claim on industry profits,
through a corporate income tax that offered incentives
to invest in the oil industry. Alberta gained significant
revenue from the industry largely through its role as
the main holder of mineral rights (using bonus bids,
rentals, and royalties).
However, the surge in international oil prices in
the early 1970s increased petroleum rents dramatically and ushered in more than a decade of turmoil
in which governments moved to increase their share
of economic rents far above what they would have
earned under the pre-1973 arrangements and in which
Ottawa and Alberta jockeyed for position. Ottawa,
in particular, thought that Canadians ‘in general’ (as
represented by the federal government, of course)
should obtain significantly more of the petroleum
industry’s economic rents. However, Ottawa faced the
problem that its primary means of generating revenue
(the corporate income tax) used a tax base that could
be entirely pre-empted by the provinces’ main ways of
generating more revenue (i.e., bonuses and royalties).
The industry felt itself caught in the middle of this
intergovernmental battle, facing a dizzying array of
new and higher fiscal burdens and a growing complex
of incentive programs designed to offset the disincentive effects of the higher government revenue claims.
Deregulation in 1985 brought a return to the
simple fiscal arrangements that had been in force
before 1973 but with the differences that: (i) royalty
rates in Alberta were considerably higher, except on
very-low-output wells; (ii) the special provisions in the
corporate income tax favouring the crude petroleum
industry were largely gone, apart from some rapid
deprecation allowances; and (iii) the federal government ensured a share of the economic rent for itself by
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the disallowance (until 2007) of full deductibility as a
cost of royalties paid to provincial governments.
On balance, the current (2013) fiscal regime for the
Alberta conventional petroleum industry, while consisting of a complex web of royalty, tax and incentive
programs, generates a large revenue flow to governments without imposing large inefficiencies in terms
of reduced or biased industry behaviour. But it should
have been possible to get to this point without the
massive pains inflicted in the ‘overt control’ period
from 1973 to 1985. The reliance on ad valorem royalties
(based on total revenue rather than profits) contributed to a system of considerable complexity, with royalties varying across four classes of oil (three vintages
of light oil plus heavy oil) plus a number of specific
royalty-reduction ‘incentive’ schemes designed to
recognize categories of presumed higher-cost oil.
The major rises in oil prices after 2004 brought
that scheme under some pressure, as the regulations
implied that, at best, the government royalty would
capture 35 per cent of a price increase, while industry
would receive 65 per cent (which would, however,
be subject to the corporate income tax). In October
2007, the Alberta government announced acceptance
for conventional crude oil of the main recommendations of a Royalty Review Panel, simplifying royalties,
effective at the start of 2009, by removing vintage and
incentives schemes and modifying the royalty rates
to reduced rates on low-output wells, but applying
significantly higher rates (a maximum of 50%), on
higher-output wells at high prices. However, within
two years, the government backed off, reintroducing
a number of incentive programs and cutting back
on the royalty increase (primarily by reducing the
maximum to 40%), in effect reverting to regulations
close to those pre-2007, with a marginally higher ceiling rate (about 14% larger, effective at high crude oil
prices and/or more moderate prices for high-output
wells) and reduced rates for low-output wells and at
lower prices (prices within the historical range prior
to 2004).
After deregulation in 1985, the federal government
relied on the corporate income tax for its share of economic rent from Alberta conventional crude oil. (The
province also has a corporate income tax.) However,
the policy of reducing the corporate tax rate has
reduced its effectiveness as a rent-collection device.

Appendix 11.1: Alberta Crude Oil Royalty Regimes, 1951 to 2012
A. Royalty Regulations

June 1951 Regulations
X: Output Rate (b/month)

Royalty (Barrels, the number before X is the marginal Royalty Rate)

0–600
600–750
750–950
950–1,150
1,150–1,500
1,500–1,800
1,800–4,050
4,500–

5%X
30 + 14%(X–600)
51 + 17%(X–750)
85 + 18%(X–950)
121 + 19%(X–1150)
12.5%X
225 + 20%(X–1800)
16.667%X

April 1, 1962 Regulations
X, Output Rate (b/month)

Royalty (Barrels, marginal royalty rate is the % number)

0–750
750–2700
2700–

8%X
60 + 20%(X–750)
16.667%X

January 1, 1973 Regulations
Output Rate (b/month)

Royalty (Barrels)

0–1200
( X +5) X
	  120    100
4500–

180 + 25%(X–1200)

April 1, 1974 Regulations
Royalty (b/month)
S + kS(A – B)
   A
Where S is the January 1973 royalty, A is the Par Price, B is the Select Price and k is the Royalty Factor.
Notes:
(1) The Par Price (A) is the selling price of the oil. The Select Price (B) is a price lower than the selling price, selected to derive a
base above which revenue increases (A–B) can be derived.
(2) The second part of the royalty formula is designed to capture part of the revenue increase due to higher oil prices (A–B). The
royalty factor (k) is set to allow the government to capture the desired amount of the revenue increase. Lower royalty factors
were set on ‘New Oil’ (that discovered after March 1974) than on ‘Old Oil’ (that discovered prior to April 1974).
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(3) After 1974 the Par Price (A), Select Price (B), and royalty factors (k) were subject to periodic change, as was the definition of
oil that qualifies for the lower ‘New Oil’ royalty rate.
Briefly, starting in 1982, a new oil category was created called ‘NORP Oil,’ which was assessed as ‘New Oil’ but allowed
a higher Par Price; essentially this was oil discovered after 1980 and allowed the world price under the National Energy
Program (NEP, see Chapter Nine for details).
(4) As noted, the Par Price (A) was the selling price of oil (defined as the average Alberta wellhead price). The Select Price (B)
was initially set at $4.11/b, raised to $4.71/b on January 1, 1975, and then again to $6.50/b on April 1, 1982.
(5) As noted, the royalty factor (k) was designed to take as royalties some percentage of the revenue in excess of the Select Price,
but a smaller percentage for ‘New’ than ‘Old’ oil. A complication arose because this ‘supplemental’ royalty was based on the
‘basic’ 1973 royalty, which was output sensitive. Accordingly, it was necessary to define the k factors both with reference to
the following variables: the Par Price (A), the Select Price (B), the type of oil (New or Old), the proportion of incremental
revenue the government wished to capture, and the output rate of the ‘reference’ well for which the incremental revenue share
was defined. As a result, the royalty factors (k) were changed frequently. (They are not reported here but can be found in
Lewis and Thompson). Several of the key changes (apart from changes in the selling price of oil) will be noted here. Initially,
royalties were based on the average output of an Alberta oil well, but in 1979 the government began to base the royalty
on a ‘reference well’ with an output of 3,600 b/month. Initially, royalty factors were set so as to capture 65 per cent of the
incremental revenue on ‘Old’ oil and 35 per cent on ‘New.’ For ‘Old’ oil, the government share of supplemental revenues was
reduced to 50 per cent (July 1, 1975), then 45 per cent (April 1982), then 40 per cent. The ‘New’ oil percentage was reduced to
27 per cent at prices below $30/b and 30 per cent of extra revenue above $30/b.

July 1, 1979 Regulations
The 1974 royalty formula was retained but the ‘basic’ royalty (S) was changed from the 1973 regulations. (The formula was set out in cubic metres per month, but we show it in barrels for comparability with the previous royalty
formulae.)
Output Rate (X) (b/month)

Royalty (b/month)

0–1200
1200–

X2 / 8000
(.25)(X–1200) + 180

Note:
In this formula, as the output rate tends to 0, so does the royalty rate, whereas the previous formula had a minimum rate of 5 per
cent. A well with 100 b/month would have a royalty of 1.25 b/month under the 1979 regulations and 5 b/month under the 1973
regulations. Since the supplemental royalty is applied to the basic royalty, the supplemental royalty is also lower for low-output
wells under the 1979 regulations.

January 1, 2009 Regulations (as amended in 2010)
Royalty rate = rp + rq, (minimum 0%, maximum 40%)
Price Component (rp), (maximum 35%):
Par Price(PP) < $250/m3:
$250.00/m3 < Par Price(PP) < 400.00/m3:
$400/m3 < Par Price(PP):
Par Price(PP) > 535/m3:

rp = ((PP–190)*.0006)*100
rp = (((PP–250)*.001) + .036)*100
rp = (((PP–400)*.0005) + .186)*100
rp = (((PP–535)*.003) + .2535)*100

Quantity Component (rq), (maximum, 30%):
Q < 106.4 m3/month:
106.4 m3/month < Q < 197.6 m3/month:
197.6 m3/month < Q < 304 m3/month:
Q> 304 m3/month:

rq = ((Q–106.4)*.0026)*100
rq = ((Q–106.4)*.001)*100
rq = (((Q–197.6)*.0007) + .0912)*100
rq = (((Q–304)*.0003) + .1657)*100
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B. Comparative Royalty Payments
One way to compare the various Alberta oil royalty regulations is to calculate the royalties owing under a number
of different royalty schemes. It is also desirable to look at royalties under different conditions since the royalty rates
have been output and price sensitive.
We consider ten different royalty regimes, as follows:

R51: June 1951 Regulations
R62: April 1962 Regulations
R73: January 1973 Regulations
R74O: April 1974 ‘Old’ Oil Regulations
R74N: April 1974 ‘New’ Oil Regulations
R82O: April 1982 ‘New’ Oil Regulations
R82N: April 1982 ‘Old’ Oil Regulations
R91O: Regulations in effect as of Dec. 31, 1991, on ‘Old’ oil.
R91N: Regulations in effect as of Dec. 31, 1991, on ‘New’ oil.
R2011: Regulations in effect as of January 1, 2011.
It must be remembered that the supplemental royalty from 1974 on included a royalty factor that was adjusted as
the price of oil changed, so the royalties were aimed at the price level in effect at the date the scheme was applied.
The approximate prices were: $6.50/b in April 1974, $23.00/b in April 1982 for old oil and $40.00/b for new,
$21.00/b in December 1991, and $85/b in January 2011.
Four price levels per barrel are considered, representative of prices over most of the period from 1947 through to
2000:

P1: $2.50
P2: $6.50

P3: $13.00
P4: $25.00

Four output levels for the well are also considered:

O1: 100 b/month
O2: 1,000 b/month

O3: 10,000 b/month
O4: 20,000 b/month

Output Level 1 (100 b/month)
Royalty Scheme

R51
R62
R73
R74O
R74N
R82O
R82N
R91O
R91N
R2011

P1: $2.50
Royalty
$/b

P1: $2.50
Royalty
Rate (%)

P2: $6.50
Royalty
$/b

P2: $6.50
Royalty
Rate (%)

P3: $13
Royalty
$/b

P3: $13
Royalty
Rate (%)

P4: $25
Royalty
$/b

P4: $25
Royalty
Rate (%)

$0.125
$0.200
$0.146
$0.146
$0.146
$0.031
$0.031
$0.031
$0.031
0

5
8
5.8333
5.8333
5.8333
1.25
1.25
1.25
1.25
0

$0.325
$0.520
$0.379
$0.557
$0.392
$0.081
$0.081
$0.081
$0.081
0

5
8
5.8333
8.5648
6.0295
1.25
1.25
1.25
1.25
0

$0.650
$1.040
$0.758
$1.512
$0.900
$0.250
$0.213
$0.231
$0.183
0

5
8
5.8333
11.6299
6.9148
1.92
1.63
1.78
1.4
0

$1.250
$2.000
$1.458
$3.275
$1.835
$0.562
$0.455
$0.508
$0.369
0

5
8
5.8333
13.1011
7.3397
2.25
1.82
2.03
1.48
0
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Output Level 2 (1,000 b/month)
Royalty Scheme

R51
R62
R73
R74O
R74N
R82O
R82N
R91O
R91N
R2011

P1: $2.50
Royalty
$/b

P1: $2.50
Royalty
Rate (%)

P2: $6.50
Royalty
$/b

P2: $6.50
Royalty
Rate (%)

P3: $13
Royalty
$/b

P3: $13
Royalty
Rate (%)

P4: $25
Royalty
$/b

P4: $25
Royalty
Rate (%)

$0.235
$0.275
$0.333
$0.333
$0.333
$0.313
$0.313
$0.313
$0.313
0

9.4
11
13.33
13.33
13.33
12.5
12.5
12.5
12.5
0

$0.61
$0.715
$0.867
$1.485
$1.045
$0.813
$0.813
$0.813
$0.813
0

9.4
11
13.33
22.84
16.08
12.5
12.5
12.5
12.5
0

$1.222
$1.430
$1.733
$4.032
$2.397
$2.500
$2.125
$2.313
$1.825
0

9.4
11
13.33
31.01
18.44
19.23
16.35
17.79
14.04
0

$2.35
$2.750
$3.333
$8.734
$4.893
$5.615
$4.548
$5.082
$3.694
$0.820

9.4
11
13.33
34.94
19.57
22.46
18.19
20.33
14.78
3.28

P1: $2.50
Royalty
$/b

P1: $2.50
Royalty
Rate (%)

P2: $6.50
Royalty
$/b

P2: $6.50
Royalty
Rate (%)

P3: $13
Royalty
$/b

P3: $13
Royalty
Rate (%)

P4: $25
Royalty
$/b

P4: $25
Royalty
Rate (%)

$0.417
$0.417
$0.595
$0.595
$0.595
$0.595
$0.595
$0.595
$0.595
$0.488

16.67
16.67
23.8
23.8
23.8
23.8
23.8
23.8
23.8
19.5

$1.083
$1.083
$1.547
$2.650
$1.866
$1.547
$1.547
$1.547
$1.547
$1.372

16.76
16.76
23.8
40.77
28.7
23.8
23.8
23.8
23.8
21.1

$2.167
$2.167
$3.094
$7.200
$.279
$4.760
$4.046
$4.403
$3.475
$3.055

6.67
6.67
23.8
55.36
32.91
36.61
31.12
33.87
26.73
23.5

$4.167
$4.167
$5.950
$15.59
$8.734
$10.690
$8.659
$9.676
$7.034
$7.000

16.67
16.67
23.8
62.36
34.94
42.77
34.63
38.7
28.14
28.0

P1: $2.50
Royalty
$/b

P1: $2.50
Royalty
Rate (%)

P2: $6.50
Royalty
$/b

P2: $6.50
Royalty
Rate (%)

P3: $13
Royalty
$/b

P3: $13
Royalty
Rate (%)

P4: $25
Royalty
$/b

P4: $25
Royalty
Rate (%)

$0.410
$0.410
$0.610
$0.610
$0.610
$0.610
$0.610
$0.610
$0.610
$0.488

16.67
16.67
24.4
24.4
24.4
24.4
24.4
24.4
24.4
19.5

$1.083
$1.083
$1.586
$2.717
$1.913
$1.586
$1.586
$1.586
$1.586
$1.372

16.67
16.67
24.4
41.8
29.42
24.4
24.4
24.4
24.4
21.1

$2.167
$2.167
$3.172
$7.378
$4.387
$4.880
$4.148
$4.514
$3.562
$3.055

16.67
16.67
24.4
56.75
33.74
37.54
31.91
34.72
27.40
23.5

$4.167
$4.167
$6.100
$15.983
$8.9454
$10.961
$8.877
$9.920
$7.211
$7.000

16.67
16.67
24.4
63.93
35.83
43.84
35.51
39.68
28.84
28.0

Output Level 3 (10,000 b/month)
Royalty Scheme

R51
R62
R73
R74O
R74N
R82O
R82N
R91O
R91N
R2011

Output Level 4 (20,000 b/month)
Royalty Scheme

R51
R62
R73
R74O
R74N
R82O
R82N
R91O
R91N
R2011
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Comments

(1) The price insensitivity of the royalty rate in the
1951, 1962, and 1973 regulations is apparent. The
addition of the supplemental royalty in 1974
served to increase the royalty rate as the price
of oil rose above a specified level. This level was
increased from $4.11 in 1974 to $6.50 in April
1982, as is evident in the tables. (Under the 1982
and 1991 regulations, the royalty rates are the
same at the $2.50 and $6.50 prices.)
(2) Since the supplemental royalty in the 1974–2009
period was based on the basic royalty, it too was
output-sensitive, but it increases the basic royalty by the same percentage for all output levels.
The basic royalty is given by S so the percentage
rise in royalty (with the supplemental royalty)
can be represented as follows:

(

)

S + S k(A – B)
     A   = 1 + k(A – B)
   S        A  .
Thus the percentage increase in the royalty is
not sensitive to the output rate (though the
base royalty is). It is affected by k (for example, whether the oil is ‘new’ or ‘old,’ the former
assessed a lower royalty increase) and by the
level of oil prices (a higher price [A] means a
greater percentage increase in the royalty). Note,
however that the increase in the royalty rate
slows as the price becomes higher. (This can be
seen in the table; compare, for example, the royalty change as price rises from $6.50 to $13.00
with the change as the price rises from $13.00
to $25.00. More formally, the derivative of the
royalty formula with respect to price changes
can be shown as (where R is the royalty):
∂R = skB
∂A   A2
(3) The low-output case (O1, 100 b/month) illustrates the increased rate sensitivity at low-output
rates of the 1979 change to the basic royalty, with
the rate falling from 5.8 per cent to 1.25 per cent.
The 2011 regime eliminates royalties entirely
on low-output wells, even at higher prices than
considered here. That is, the new regulations
will generate reduced revenue at price levels
observed prior to 2000; the higher ceiling

royalties become effective only at prices above
the highest ($25/b) shown in these tables.
(4) The general reduction in royalty rates at higher
prices from 1974 to 1982 to 1991 is also apparent, particularly for ‘old’ oil between 1974 and
1982. It is important to note that the royalty
rates at the $13.00 and $25.00 prices under the
1974 regulations are somewhat misleading since
regulators selected the royalty factors (k) in light
of prevailing prices, which in 1974 were closer to
$6.50.

C. Royalty Inefficiencies
If the industry were assumed to be operating in an
efficient manner in the absence of royalties, their
imposition might change industry behaviour, creating economic inefficiencies. There are three main
examples:

1. Investment Disincentives
Since Crown royalties are payments made to the
Alberta government, they are seen as costs by the
company and therefore reduce the anticipated profits
from investment. Hence, higher-cost projects may
be made unprofitable by the royalties. This would
be the case if the expected rise in royalty payments
exceeds the expected profits from the investment. As
the tables above illustrate, royalties are especially high
for high-output projects, so investment disincentives
would be especially high for projects expected to produce a lot of oil (per well) but which have relatively
low anticipated profits. This could be because their
oil-production costs are high, as is often true for deep
wells in hostile environments (the foothills or far
north of the province) and for EOR projects. This may
also be true for projects that have a high dry-hole risk
(e.g., new field wildcats aimed at new geologic plays),
though it must be noted that the anticipated royalties
must also be adjusted by the probability of success.
A simple investment model may help illustrate
these points. Suppose a company foresees only two
possibilities, a dry well or a productive one, and that
p is the expected probability of success. Let I represent the expected cost of drilling the exploratory well,
PVR represent the expected present value revenue of
a successful well, and PVC represent the incremental present value costs of a success (i.e., completion,
development and operating costs). Assume, for
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simplicity, that the royalty is a flat r per cent of revenue, so the present value royalty is given by rPVR.
Let EMV(b) stand for the expected profit of the project before the royalty is imposed, and EMV(a) be the
expected profit after the royalty. Then we can represent the percentage change in expected profit due to
the imposition of a royalty as:
EMV(a) – EMV(b)
   –(p)(rPVR)    .
=
   EMV(b)    (p)(PVR – PVC) – I
If the royalty makes the project unprofitable (i.e.,
EMV(a) < 0), then the absolute value of the numerator
will exceed the value of EMV(b), and the expression
will be smaller than –1; investment will not proceed.
The numerator will be higher in absolute value terms
the higher the royalty rate and the higher the probability of success. A value of –1 or less is also more
likely the higher are exploration, development, and/or
operating costs.
It might be noted that this formulation ignores
‘option value’ considerations. The presence of royalties, which are subject to unilateral change by the
government, may increase the perceived risk of
investment in the industry. Since an investment in
oil exploration cannot be reversed once it has been
undertaken, companies may prefer not to invest
immediately (that is, invest less), thereby keeping
the irreversible investment option open pending a
reduction in uncertainty about what the government’s
intentions are.

2. Output Timing Inefficiencies
Crude oil pools can be drained in a number of different ways, depending on the number of infill wells
drilled. Generally speaking, a greater number of wells
will deplete the deposit faster (increase the initial pool
output rate, but with a higher decline rate); but the
average well-output rate will be smaller. The investment decision asks whether the increased present
value of revenues from faster depletion compensates
for the higher costs of more wells. With an outputsensitive royalty, there is an extra inducement to infill
drilling, since the lower average well-output rate will
reduce the royalties paid. However, the existence of
royalties (apart from their output-sensitivity) exerts
a contrary influence. Output generates royalty obligations, which are a cost; by delaying production, the
present value of this extra cost can be reduced, offering an incentive to reduce initial output levels. This
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could be accomplished most readily by drilling fewer
wells, though it could also be attained by having more
infill wells, but running them at less than capacity
(which also keeps the royalty rate down). Given these
contrary impulses of a crude oil royalty, generalizations are difficult, with the effects of the royalty regulations hinging on specific reservoir characteristics.

3. Pool Abandonment Inefficiencies
By increasing the producer’s operating costs, a royalty
will induce earlier abandonment of the pool, with
an attendant loss of output and reserves. We can set
up a simple example to illustrate the effects under a
number of circumstances.
Recall that a well is normally abandoned when its
output rate falls to the level where the revenue generated just covers operating costs. The effect of a gross
ad valorem royalty is to reduce the amount of output
that remains with the producer (at a royalty rate of r
per cent, the producer keeps [1–r] of the output). Thus
we could approximate the effect of a flat rate royalty
in the following manner: if q(T) were the output rate
at which abandonment would occur in the absence
of a royalty, then with a royalty the well would be
abandoned when the output rate is (1 + r)q(T). (We
implicitly assume that both price and per unit operating costs are constant across time.) We could then ask
how much sooner the well is abandoned as a result of
the royalty. This is clearly a function of the production
decline rate (a; we assume exponential decline). How
long does it take for output to fall from (1 + r)q(T) to
q(T) if the annual decline rate is a per cent? In other
words, solve for t in the following equation:
q(T) = (1+r)q(T)e–at ,
whence (taking the natural logarithm of both sides):
t = ln[(1+r)q(T)] – lnq(T) .
     a     
For example, if the abandonment rate without a royalty were 100 b/month (1,200 b/year), the royalty rate
were 6.5 per cent and the well decline rate were 10
per cent per year, then abandonment would occur
0.63 years earlier due to the royalty. One could now
ask how much cumulative output is lost as a result of
earlier abandonment. This would be t years of output
starting at level (1 + r)q(T) with an a per cent decline
rate. Or:

       
(1+r)q(T) – (1+r)q(T)e–at
–at
dt =      
a
0                  .
t

∫(1+r)q(T)e

In the previous numerical example, this would total
780 barrels. (This is for one well; most oil pools contain more than one well.)
The following tables illustrate the effects of a
flat rate royalty on abandonment under a variety of
conditions:

Reserves Lost (Barrels)
Royalty
Rate, r

6.5%
7.5%
19%
31%
44%

Abandonment
Output Rate, q(T)

100 b/month
100 b/month
1,000 b/month
10,000 b/month
10,000 b/month

Decline Rate
a = 5%

a = 10%

a = 15%

1,560
1,800
45,600
744,000
1,056,000

780
900
22,800
372,000
528,000

520
600
15,200
248,000
352,000

Number of Years Earlier Abandonment Occurs
Royalty
Rate, r

6.5%
7.5%
19%
31%
44%

Abandonment
Output Rate, q(T)

100 b/month
100 b/month
1,000 b/month
10,000 b/month
10,000 b/month

Decline Rate
a = 5%

a = 10%

a = 15%

1.3
1.5
3.5
5.4
7.3

0.6
0.7
1.7
2.7
3.7

0.4
0.5
1.2
1.8
2.4

Reserves losses are higher, as would be expected, at
higher royalty rates and for wells with higher abandonment rates (i.e., wells with higher operating costs).
The lower the well’s decline rate, the higher are the
reserve losses. A sliding-scale royalty based on output
means that royalty rates fall as wells undergo production decline, thereby lessening the incentive to early
abandonment.
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